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Abstract 

Water flooding has for a very long time been used to improve oil recovery, in the recent years 

researchers have become aware of the effects from controlling the salinity and composition of the 

injected water. Low salinity water as a mean to improve oil recovery is now well established. 

Extensive research on crude oil/brine/rock (COBR) systems has shown that the injected water 

composition and salinity can acts as a tertiary recovery method by altering reservoir properties. 

However, due to the complexity of the COBR interactions, the mechanism(s) behind the low salinity 

EOR is still being discussed, and none of the suggested mechanisms has so far been accepted as a 

main process. In this work the intention is to contribute to the ongoing discussions. 

This thesis contains a literature review, experimental and simulation works. The experimental part 

studies both core floods and spontaneous imbibition. Cores were flooded with low salinity brine, as 

well as brines containing only MgCl2 and only Na2SO4. The core floods was performed both as 

primary and secondary oil recovery method. Ion concentration, pH and pressure drop was measured 

during the flooding. After the flooding sequence the cores were re-saturated with oil and aged, 

spontaneous imbibition was then performed to observe the effects from the different brines.  

Results from the experiments show that low salinity brine has several contributing mechanisms for 

enhanced oil recovery. Low salinity flooding is related to a wettability alteration towards more water-

wet, by a mechanism that involves dissolution of clay and associated release of organic material and 

other fine material from pore surface, creating new initially water-wet surface. 

The clay mineral kaolinite has a dissolution rate that is dependent upon pH, and injection of brines 

that increase the pH can cause an increased dissolution rate. Release of fines can lead to partial 

blocking of the pore throat, increasing the pressure drop. The proposed mechanism is supported by 

pH and pressure drop measurements, ion analysis, simulation, as well as spontaneous imbibition rate 

and final recovery results. 

As a result oil recovery potential of low salinity appears to be sensitive to the rock and brine 

composition, and should therefore be evaluated for each case. 
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1. Introduction 

 

As the natural energy in the reservoir is no longer enough to produce oil at an economic rate, an 

extra boost may be needed, and water flooding has been used to improve oil recovery. Water floods 

were first only used as a mean to maintain reservoir pressure and/or sweep the oil towards 

production wells. The performance of a water flood is typically affected by the following main 

parameters: 

- Reservoir geology and geometry 

- Physical properties: porosity, permeability, heterogeneity 

- Fluid properties: viscosity, mobility ratio 

- Mineralogical properties: Clay type and amount 

Over the decades much research has been done to optimize these parameters to be able improve 

the water flooding process (Ahmed, 2000). The effect of water chemistry on brine-rock interactions 

was seldom paid any attention, even though the effect of low salinity brine in sandstone rock 

containing clay was revealed in the 60’s. 

In recent years controlling the salinity and composition of the injected water has become an 

emerging enhanced oil recovery (EOR) technique, often described as low salinity (LS) water flooding. 

Modification of the water composition has shown to be an excellent way to increase recovery from 

both sandstone and carbonates. Many researchers have reported, both in field and laboratory test, 

increase in oil recovery by LS floodings. The understanding of the low salinity mechanism is however 

still debated, and many theories have been proposed. The complexity and amount of parameters 

behind oil/brine/rock interactions are thought to be the reason.  

Tang and Morrow (1999) identified the following necessary conditions for LS effects in Berea-

sandstone: 

- Significant clay fraction 

- Presence of connate water 

- Exposure to crude oil to create mixed-wet conditions 

However,it would seem like these conditions are not sufficient, as many outcrop sandstones fulfilling 

the conditions have not shown LS effects, and the cause of such significant differences has yet to be 

identified.  
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2. Literature review 

2.1 Sandstone 

Sedimentary rocks, as sandstone, are molded as an effect of deposition of clastic material or detritus. 

These depositions are usually attributed to high energy sedimentary environments, and are 

accumulated in deserts, beaches, flood plains and/or deltas. Sandstone originate from older igneous, 

metamorphic or sedimentary rock, where fragmentation, erosion and weathering produce the 

building blocks (Nichols, 2009; Zolotuchin et. al., 2000) 

The size range of the grains varies from 63 μm to 2 mm (Nichols, 2009). Diagenesis is any chemical, 

physical, or biological change undertaken by sediment or sedimentary rock during and after 

lithification / formation. Lithification is the process in which the sediments compact as the 

overburden pressure increase as the grains are buried and the chemically dissolved minerals cause 

compaction and cementation. Quartz (SiO2) is the most common mineral species in sandstone 

reservoirs, there are however a range of different minerals that may occur, such as mica feldspar, 

heavy minerals, lithic fragments, biogenic particles and many other mineral species which have all 

been observed in sandstones. Sandstones are often denoted as silici-clastic rocks due to their high 

silica content. The sandstone has some common cementing material that is attached as a coating to 

the grains, such as silica, calcium carbonate, iron oxide and clay minerals. After diagenesis the 

resulting rock has a density of about 2.65 g/cm3 (Zolotuchin et. Al., 2000) 

2.2 Clay minerals 

Clay is basically described chemically as aluminum silicates, and consists of a range of different 

materials, such as silica, alumina, water, and frequently with large quantities of iron and magnesium 

and lesser amount of sodium and potassium. Clays usually found in sandstone reservoirs is made up 

by a crystal structure with two simple fundamental building units, sheets of tetrahedral silica and 

octahedral aluminum layers. These layers are linked to each other into planar layers by sharing 

oxygen ions between Si4+ or Al3+ ions of the adjacent tetrahedral or octahedral. The space between 

the oxygen octahedral and tetrahedral are mostly taken by the Si4+ and Al3+ ions, but to ensure 

charge balance other cations such as potassium, calcium, magnesium and iron are necessary in the 

clay structure (Morad et. Al.,2003). The tetrahedral silica and octahedral aluminum layers join 

together to form the structure of the clay, which defines the units the clay is made up with.  

Kaolinite is clay minerals that consist of one tetrahedral layer linked through oxygen atoms to one 

octahedral layer with no interlayer cations, and is connected by O-H-O bonds in a 1:1 layer structure. 

The chemical composition is Al2Si2O5(OH)4 (Morad et. Al., 2003, Wikipedia). Kaolinite is typically 
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described as booklet pages, it can cause pore blockage if mobilized by liquid flow, however, it does 

not break up under chemical treatment. 

Illite is a non-expanding clay mineral and a phyllosilicate or layered alumino-silicate. Its structure is 

constituted by the repetition of tetrahedral – octahedral – tetrahedral (TOT) layers, termed 2:1 

structure. Two opposing tetrahedral layers are connected by O-K-O bonds, and poorly hydrated K+ 

mainly occupies the interlayer space, responsible for the absence of swelling. Al3+ partially 

substitutes Si4+ in the tetrahedral layer, and a substitution of divalent cations for Al3+ in the 

octahedral layer occurs, the K+ is required for charge balance. The chemical formula is given as 

(K,H3O)(Al,Mg,Fe)2(Si,Al)4O10[(OH)2,(H2O)], but there is considerable ion substitution (Morad et. Al., 

2003).  

Chlorite has a 2:1 sandwich structure, consisting of negatively charged tetrahedral – octahedral – 

tetrahedral layers. Unlike other 2:1 clay minerals, a chlorite's interlayer space consist of an additional 

octahedral layer that is positively charged and comprised of cations and hydroxyl ions, (Mg2+, 

Fe3+)(OH)6, commonly described as the brucite -like layer. Chlorite´s structure will then have the 

following build up; T – O – T – Brucite – T – O – T. (Morad et. Al., 2003) 

Montmorillonite, as chlorite, has a 2:1 sandwich structure, two tetrahedral layers sandwiching a 

central octahedral layer. The particles have an average diameter of about 1 μm, and are plate 

shaped. Montmorillonite is a member of the smectite family, and is the main component of 

the volcanic ash weathering product, bentonite. It increases greatly in volume when it absorbs water, 

and the original water content is variable. The chemical formula is given as 

(Na,Ca)0.33(Al,Mg)2(Si4O10)(OH)2·nH2O, named hydrated sodium calcium aluminium magnesium 

silicate hydroxide. Usual substitutes are Iron, potassium and other cations, but the exact ratio of 

cations varies with source. It often occurs blended with chlorite, muscovite, illite, and kaolinite.  

Montmorillonite, Illite, and Chlorite are all formed as a volcanic rock weathering product, especially 

volcanic glass.  

Clay minerals has unbalanced negative charges on the edges of the unit cells, this is a characteristic 

that separates them from the other silicates. These negative charges originate from the broken 

bonds at the edges and surface of the clay structure, and from the dissociation of accessible hydroxyl 

groups, where the isomorphous substitution of Al3+ for Si4+ occurs. To attain neutrality, these 

negatively charged sites attract positively charged ions from the surrounding pore fluid. Some 

materials have the ability to exchange cations, either by absorption to the external surface or 

between the layers of the structure, and are described as cation exchange materials (Hamilton, 
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2009). A clays capacity to attract and hold cations from a solution is measured in CEC (Cation 

exchange capacity). The Cation exchange capacity is defined as the maximum quantity of total 

exchangeable cations that the clay is capable of holding at a given pH, usually at a pH of 7. CEC is 

commonly measured in milliequivalent of hydrogen per 100 gram of clay (meq+/100g) (Bergaya et. 

Al., 2006, Wikipedia). Cations in the solution are attracted and held by weak quasi-bonding forces, 

including electrostatic and van der Waals forces, and depending on the conditions they are 

exchanged and not held permanently. Various cations have different relative strengths and replacing 

power. Weakly adsorbed cations may easily be exchanged, and therefore the relative replacing 

power of a particular cationic species depends on its strength of binding.  

It is believed that the relative replacing power of cations in room temperature is as follows (IDF, 

1982, Beaton et. Al., 2011): 

Li+<Na+<K+<Mg2+<Ca2+<Sr2+<Ba2+<H+<Al3+ 

As a result, at equal concentrations, H+ will be more successful to displace Li+ from the clay surface, 

then Li+ to displace H+. However, if the relative concentration of the weaker ion is high enough it may 

be able to replace ions with a relatively higher replacing power. Characteristics from the four most 

common clays found in sandstone oil reservoir are listed below. 

Property Kaolinite Illite / Mica Montmorillonite Chlorite 

Structure 1:1 2:1 2:1 2:1:1 

Particle sice 

(micron) 

5-0.5 Large sheets to 

0.5 

2-0.1 5-0.1 

CEC (meq/100g) 3-15 10-40 80-150 10-40 

Surface area BET 

(m2/g) 

15-25 50-110 30-80 140 

Table 2.1: Clay characteristics and properties (IDF, 1982) 
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2.3 Oil recovery 

Production of a well through its lifetime can be divided into phases, distinguished by the amount of 

energy in the reservoir. Traditionally these phases are described in a chronological sense as primary, 

secondary and tertiary recovery. Initially the fluid flows through the wellbore from natural reservoir 

drive mechanisms, such as gravity, natural water drive, solution gas drive and expansion of fluids and 

rock. The fluid flow rate and displacement within a porous media is determined by buoyancy, 

capillary and viscous forces. Pore geometry, fluid properties, interfacial tensions and wettability is 

important factors affecting the production rate. An ideal situation compared to most efficient and 

highest recovery rate is when a field can be produced by gravity drainage alone, however, because of 

low production rates most fields cannot be economically justified by this mechanism alone. 

As the production continues the pressure will decrease in proportion to the net volume of fluid that 

is produced. As the rate declines, the well may not be economically justifiable, to increase 

performance (increase oil recovery, shorter duration of production time, etc) secondary and tertiary 

recoveries may be used (Zolotuchin and Ursin, 2000). Even though the stages are considered as 

chronological in nature, it has become more common to exploit a reservoir as to maximize recovery. 

2.3.1 Primary oil recovery 

Primary recovery is defined as the first stage in the oil recovery operation, where the main source of 

energy to produce oil is preexisting natural energy in the reservoir.  As mentioned the natural energy 

sources consist of expansion of fluids and rocks, gravity drainage, natural water drive, solution gas 

drive, gas-cap drive and compaction drive. Primary oil recovery is often relatively low and rarely 

exceeds 45%, and the reservoir pressure fall may lead to solution gas formation (Zolotuchin and 

Ursin, 2000). 

Reserves obtained by primary recovery depend on: (Cossé, 1993)  

o amount and distribution of oil/gas in place 

o characteristics of the fluids and of the rock 

o drive mechanisms and production rate 

o economic factors 

 
Adding artificial energy (gas lift, electrical pumps) in the wellbore to lift the fluid, if the reservoir 

energy is not sufficient to do so, are counted as a part of the primary production. (Zolotuchin and 

Ursin 2000). 
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2.3.2 Secondary oil recovery 

Secondary oil recovery is employed when the pressure inside the well drops to levels that make 

primary recovery no longer viable. Injection of water, immiscible gas or a WAG (Water Alternating 

Gas) increases recovery by displacing oil and maintaining pressure (Green et. Al., 1998). 

 

Figure 2.1: Conceptual diagram of an idealized CO2-WAG process. (D.Rao, spe) 

Since immiscible gas flooding is not as efficient, water flooding is preferable. Critical design elements 

of a successful water flood are: reservoir geometry, lithology, reservoir depth, porosity, permeability, 

continuity of rock properties, fluid saturations, fluid properties, relative permeabilities, water source 

and its chemistry (Raymon et.Al., 2006). 

Primary and secondary recoveries together give up to 60% from the oil initially contained in the 

reservoir (Bavière, 1991). 

2.3.3 Tertiary oil recovery (EOR) 

There are several different definitions of tertiary recovery and Enhanced Oil Recovery (EOR). One 

definition is that the injected fluid is altered by changing the chemical and/or physical properties to 

increase the sweep efficiency and increase recovery beyond which is achieved by primary and 

secondary recovery. Chronologically, tertiary recovery is performed after secondary recovery. 

However, reservoir operations may not necessarily be performed in a specific order. Tertiary 

recovery has therefore been replaced by the term enhanced oil recovery. 

The Norwegian Petroleum Directorate defines EOR (enhanced oil recovery) as a term used for 

advanced methods for reducing the residual oil saturation in the reservoir (NPD, 2013). 
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Enhanced oil recovery techniques have been strategically developed to bring a radical increase in 

economic recovery by improving pore scale displacement and sweep efficiency using existing well 

stock.  As in primary and secondary recovery the goal is to maintain the reservoir pressure, and 

reducing the residual oil saturation. Mobilization of oil at pore scale is expressed by the microscopic 

displacement efficiency, which depends on several physical and chemical interactions occurring 

between the displacing fluid, gas and oil. The sweep efficiency is the percentage of the total pore 

volume which is being swept of oil by a displacing fluid, as in water flooding or natural / artificial gas 

drive. The efficiency may be improved by altering mobility ratios between all displacing fluids, which 

is accomplished by altering wettability, interfacial tension (IFT), fluid viscosities or by injecting 

gas/fluid that through favorable phase behavior displaces the oil. Tertiary recovery methods may be 

categorized into four categories (Green et. Al., 1998, Hourshad et. Al., 2012) : 

- Mobility-control process 

- Miscible processes 

- Chemical processes 

- Thermal processes 

An example of a proven EOR technique is polymer flooding, which by increasing the water-oil 

viscosity increases water flooding recovery efficiency. Low Salinity water injection is an emerging 

technology which enhances the displacement efficiency by mechanisms not currently fully 

understood. The technique involves the salinity of the injected water to be controlled, as to improve 

oil recovery vs. conventional higher-salinity water flooding. Tests with core floods and single-well 

chemical tracer have shown that basic water flood recovery can be improved by about 5-38% 

(Hourshad et. Al., 2012). Low salinity flooding has been modeled by using salinity-dependent 

oil/water relative permeability resulting from wettability changes, the approach was based on the 

established modeling methods of chemical EOR (Jerauld et. Al., 2008). Schemes that is more robust 

than the individually used methods have been generated by the synergistic behavior of EOR 

approaches as Surfactant Polymer (SP) and Alkaline Surfactant Polymer (ASP). A polymer or foam is 

needed as a mobility control agent to make any low interfacial tension chemical EOR successful, 

which has often been giving disappointing results due to an insufficient amount of injected polymer.  

As in the chemical EOR application a combination of polymer flood and low salinity water flood 

should have added benefits. It is expected that tertiary low salinity floods would be mildly unstable 

due to low mobility ratio at adverse saturation shocks and presence of capillary pressure (Tripathi 

et.al, 2007). As an effect it is believed that tertiary low salinity flood improves the stability of the 

shock front by adding polymer, especially at the shock front. Mohanty, 2011, demonstrated by a core 
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flooding comparison of high and low-salinity water combined with polymer, that adding polymer to 

the low-salinity water could increase oil recovery to an extra 10% above the low salinity water flood.  

A lot of recent research has been motivated by screening, selecting and developing of polymers for 

EOR applications that can handle high-salinity and high-temperature reservoirs (Levitt et. Al., 2008; 

Vermolen et.al.,2011). Numerous polymers with high molecular weight demonstrating high 

viscosities at high salinities up to 170,000 ppm NaCl and greater than 17,000 ppm CaCl2 were tested, 

showing that polyacrylamide polymers hydrolyze at high temperatures and are a substance to 

precipitation by calcium beyond a certain point. As a conclusion the use of polyacrylamide polymers 

is feasible if calcium concentration is kept below 200 ppm and with reservoir temperatures up to 

100oC (Levitt et. Al., 2008). Therefore the combination of low-salinity water and polymer flood would 

become even more desired, and the applications of these EOR methods would be expanded to high-

temperature reservoirs. 

2.3.4 Waterflooding 

The earliest and most widely used process for increased oil recovery from reservoirs is water 

flooding. The reservoir pressure is maintained, and oil production is accelerated or the production 

decline is slowed down as the water flood physically displaces the oil from the reservoir (Cosse, 

1993). The performance of a water flood is typically affected by the following main parameters: 

- Reservoir geology and geometry 

- Physical properties: porosity, permeability, heterogeneity 

- Fluid properties: viscosity, mobility ratio 

- Mineralogical properties: Clay type and amount 

- Presence of chemicals 

Over the decades much research has been done to optimize these parameters to be able improve 

the water flooding process (Ahmed, 2000). 

2.3.4.1 Low Salinity Waterflooding 

Waterflooding is traditionally considered as a secondary recovery method. However, modification of 

the water composition has shown to be an excellent way to increase recovery from both sandstone 

and carbonates, and could therefore be considered as a tertiary recovery method. Compared to 

other tertiary methods available for sandstone reservoirs, low salinity waterflooding may be one of 

the cheapest and environmentally friendly approaches. The low salinity method was first discovered 

in the late 1950`s, when fresh water was injected to increase recovery and displace viscous oil 

(Martin, C., 1959). Bernard continued the investigation into low salinity brine (Bernard, 1967). 
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Reservoir and outcrop sandstone cores were flooded with fresh water and brine solutions with 

different concentration of NaCl, and with a reduction in concentration of NaCl from 1% to 0.1% an 

increased recovery was observed. It was discovered that the increased recovery was dependent of a 

salinity range from 0% to 0.1% of NaCl. Several laboratory studies performed lately of low salinity 

flooding with both outcrop and reservoir cores have shown increased oil recovery (Austad et. Al., 

2010; Boussour et. Al., 2009; Cissokho et. Al., 2009; Ligthelm et. Al., 2009; McGuire et. Al., 2005; 

Morrow et. Al., 1998; Pu et. Al., 2008; Tang and Morrow, 1999a; Tang and Morrow, 1999b; Tang and 

Morrow, 1997b; Webb et. Al., 2008; Zhang and Morrow, 2006b). Positive test results have also been 

required from full field studies, single well tracer test and log-inject-log measurements (Batias et.al., 

2009; Lager et.al., 2008b; McQuire et.al., 2005; Robertson, 2007; Seccombe et.al., 2008b, Webb 

et.al., 2004). 

2.3.5 Observations and factors affecting low salinity water flooding 

2.3.5.1 Mineral surface 

Some researchers have reported that low salinity water injection in sandstone cores, enhanced oil 

recovery is only observed in cores containing clay, and clay has earlier been listed as a requirement 

to obtain a low salinity effect. Experiments performed on clay-free cores, which were fired at 800oC 

and acidized to remove the clay, did not show any response to low salinity (Tang et.al., 1999a, Pu 

et.al., 2008). It has been proposed that the increased oil recovery from low salinity water injection 

performed as tertiary mode is scalable to the amount of kaolinite clay in the rock. The theory was 

suggested after laboratory coreflood test, singe-well chemical tracer tests (SWCTT), and a full field 

test on the Endicott field in Alaska (Lager et.al., 2007, Seccombe et.al., 2009). Secombe et.al., (2008) 

found a correlation between the kaolinite content and additional tertiary recovery by low salinity 

waterflooding, using three SWCTT and a core flood. However, other results show that cores lacking 

kaolinite still had an increase in recovery from low salinity injection (Austad et.al., 2010; Cissokho 

et.al., 2009). Researchers have observed increased recovery from low salinity flooding on cores 

containing different clays, such as illite, muscovite and chlorite (Cissokho et.al., 2009). The presence 

of Chlorite has been related to poor results of low salinity injection, by research on Berea sandstone 

cores (Zhang et.al., 2006a). Austad et.al.,(2010) also stated that because of its low Cation Exchange 

Capacity (CEC) kaolinite may be one of the least advantageous clay types. Sandstone cores without 

clay, but with a content of dolomite crystals have shown positive results from injection of low salinity 

water (Pu et.al., 2008). A further suggestion is that a negative zeta potential material with cation 

exchange capacity seems to be related to a successful low salinity flooding of sandstone rock 

(RezaeiDoust, 2011). 
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Experiments involving a 3D imaging technique resulted in the observation that low salinity brine was 

able to mobilize the dolomite and anhydrite crystals in the rocks (Lebedeva et.al., 2009), Pu et.al. 

(2010) later related low salinity effects to the dissolution of anhydrite and dolomite cements in three 

different cores. As a result it was suggested that the core becomes more water-wet from the 

dissolution, and that strongly water-wet cores did not show any low salinity effect. In recent studies 

it has been concluded that anhydrite dissolution is not the main mechanism behind the improved oil 

recovery, but rather a contributory mechanism (Romanuka et.al., 2012).  

Diluted sea water has been able to improve the recovery in carbonate reservoir rock (80% calcite, 

13% dolomite, 6% anhydrite, >1% quartz), the observed effect were explained by some brine-rock 

interaction increasing the water-wetness of the rock (Yousef et.al., 2011). Reinholdtsen et al. (2011) 

suggests that the presence of certain plagioclase silicates, increases the pH of formation water and 

therefore the capacity of clays present to adsorb oil during ageing are reduced. Such a situation 

would lead to an initially water wet rock and thus prevent the low salinity effect from occurring. 

2.3.5.2 Brine 

Low Salinity Brine: Composition and Salinity 

Several investigations have revealed a lower salinity threshold needed in order to observe an 

increased oil recovery, which was a good degree less than salinity of the formation brine (Batias 

et.al., 2009; Cissokho et.al., 2009; Jearuld et.al., 2008; Lager et.al., 2008a; McGuire et.al., 2005). 

Provided that other required conditions are fulfilled, the research has shown that reducing the 

salinity of the injected water to 1000-2000 ppm an effect on oil recovery was observed in about all 

instances. An upper salinity threshold of about 5000 ppm are most commonly acknowledged, in 

which increased recovery has been obtained (Webb et.al., 2004). It has been observed by some 

researchers that the low salinity brine must contain some form of divalent and other multivalent 

cations to work successfully (Lager et.al., 2006; Sharma et.al., 2000). Other research indicate that by 

injection of water with a high concentration of divalent cations the oil recovery stopped (Jerauld 

et.al., 2008; Tang et.al., 1999a). On the other hand it has been reported that removing the divalent 

ions in the injection brine is not sufficient, if the concentration of mono-valent ions is high, for 

example Na+ (Ligthelm et.al., 2009; Zhang et.al., 2007b). Some authors have suggested that there 

should be an optimal low salinity water composition, according to their proposed mechanism 

responsible for the low salinity effect (Austad et.al., 2010; Lager et.al., 2008). 
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Formation Brine 

It appears that initial water saturation is an important parameter for low salinity recovery methods. 

Spontaneous imbibition and flooding / forced imbibition experiments on 100% crude oil saturated 

cores showed no low salinity effect, and it appears that the presence of connate brine or aging brine 

is a requirement for low salinity effects in core experiments (Tang et.al., 1999a).In addition a higher 

increase in recovery has been obtained from cores with higher initial water saturation (Jadhunandan 

et.al., 1995a). Another important parameter in formation brine is the concentration of divalent 

cations, such as Ca2+ and Mg2+, observations seems to indicate that divalent cations must be present 

to observe any increased recovery by low salinity injection in secondary or tertiary corefloods 

(Sharma et.al., 2000; Lager et.al., 2006; Ligthelm et.al., 2009). 

2.3.5.3 Oil 

From experiments with refined oil, and all other parameters kept constant, no extra recovery was 

observed by adjusting the salinity of the injection brine (Tang et.al., 1999a; Zhang et.al., 2007b). Tang 

et.al. (1999b) reported that polar components in the oil is a necessary requirement for improved oil 

recovery, as the use of refined oil without polar components did not show any response to low 

salinity. Similar results was obtained by RezaeiDoust et al. (2011), oil with different acid / base 

number were used in floodings, they reported that both high acid number-low basic number oil and 

low acid number-high basic number oil gave similar low salinity effect, indicating that both acidic and 

basic oils is usable. Imbibition test with the same core and brine type were conducted with various 

crude oil, characterized by IFT with formation water, acid / base number, density, viscosity, sulphur 

content, saturates, aromat, asphaltene stability and resin / asphaltene content. A good correlation 

between any of the oil properties and tertiary low salinity effect were not discovered, the conclusion 

were that conventional characterization of the oil properties was not efficient, and it was suggested a 

fractionation of oil into functional groups (Suijkerbuijk et al., 2012). It is therefore generally accepted 

that the oil must contain polar components for a low salinity effect. 

2.3.5.4 pH in Effluent 

Several researchers have discovered an increase in the pH of the effluent in low salinity floodings, 

typically 1-3 units, for non-buffered systems (Austad et.al., 2010; Cissokho et.al., 2009; McGuire 

et.al., 2005; RezaeiDoust et.al., 2009). There are two different mechanism behind the increase, 

mineral dissolution and ion exchange, which cause the formation of excess hydroxyl ions, OH- 

(Austad et.al., 2010; Lager et. Al., 2006; McGuire et.al., 2005). Cation exchange is performed 

between the brine and clay surface, where H+ ions can exchange with cations adsorbed onto the clay. 

It is a relatively fast mechanism, and the process requires an existence of surface active cations in the 

initial formation brine and the presence of cation exchange mineral. Mineral dissolution occurs 
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mainly of carbonate, such as calcite and dolomite, and is a relatively slow process (RezaeiDoust,                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                                     

2011).  

2.3.5.5 Fines Migration 

When low salinity brine is injected the clay is thought to be destabilized, as a result of the critical 

flocculation concentration (CFC) of the clay is reached. The destabilization is a result of the electrical 

double layer expanding between clay particles, and the clays ability to screen negatively charged 

particles decreases. A reduction in the permeability could occur from the mobilization of fines. As a 

result an increase in pressure drop over the core may be observed, and a production of fines could 

be expected. It seems this is not a general observation, but it has occurred in some experiments with 

low salinity flooding, with and without increased recovery (Boussour et.al, 2009; Tang et.al., 1999a). 

2.3.5.6 Temperature 

Contradictory results have been reported on the effect of aging temperature, even at temperature 

below 1000C. Some has stated that an increase in aging temperature did not alter the ability of the 

core to imbibe water (Buckley, 1996), other experiments reports a less water-wet condition as the 

aging temperature is increased. Initial wetting of the rock is a very important factor, and a mixed-

wetting condition after aging seems to give best LS results (Buckley, 1996; Jadhunandan et.al., 1991; 

Tang et.al., 1999a). The results obtained from low salinity water flooding also seem to be dependent 

upon the flooding temperature. Recovery were increased by a higher flooding temperature with a 

high salinity secondary flooding, while recovery from tertiary low salinity water flooding were 

reduced (Cissokho et.al., 2009). RezaeiDoust et.al., 2010, conducted low salinity corefloods on North 

Sea reservoir samples with different aging and flooding temperatures. Cores aged at 600C showed no 

response to tertiary low salinity flooding at 600C and 1300C, while cores aged at 900C responded to 

low salinity flooding at 600C, 900C, and 1300C. Cissokho et.al., 2009, aged the cores at 600C, followed 

by flooding with high salinity and tertiary low salinity at 350C and 600C, observing a low salinity effect 

only for the core flooded at 350C. 

Wetting state after aging is known to be temperature dependent. A study of aging temperatures 

between 25-800C revealed that cores were more water-wet at lower temperatures (Jadhunandan 

et.al., 1995).  

Generally flooding experiments have been studied at temperatures below 1000C, there is therefore a 

lack of experiments studying the effect of temperature on initial wetting and enhanced oil recovery, 

more research should be done on this matter. 
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2.3.5.7 Wettability 

It has been suggested that cores become more water wet as the mixed wet clay particles is released 

by low salinity water (Tang et.al., 1999b). Oil production may be accelerated by a water wet 

condition, it is however commonly accepted that a mixed wet condition usually produces the least 

residual oil saturation after injection of several pore volumes (Jadhunandan & Morrow, 1995; Green 

& Willhite, 1998). An experiment conducted by Berg et al. (2009), visually revealed the release of oil 

droplets from the clay surface, as the surface were initially exposed to high salinity water, changing 

to low salinity, the mechanism involved were however not identified. Oil field low salinity injection 

resulted in two distinct observed water cuts, which may be an indication of a wettability alteration 

towards a more water wet case (Vledder et.al., 2010).  

On the other hand, it has been suggested that the wettability may be altered towards more oil wet 

from the injection of low salinity water (Fjelde et.al., 2012; Sandengen et.al., 2011), resulting in an 

insignificant increase in tertiary oil recovery in their experiments, and slower oil production in 

secondary floods. Due to the wettability change, an increased capillary end effect is expected, and 

especially with slow rate corefloods the residual saturations may be distorted.  

A mechanism of different effects of salinity on wettability has been explained by the basis of the 

disjoining pressure (Sharma et.al., 2000). According to DLVO theory, salinity may affect the 

electrostatic forces, as a result lower salinity creates a thicker film, increasing the water-wetness 

(Israelachvili, 2011). Sharma et.al., 2000, suggested that for some crude oil and polar fractions with 

large surface density where electrostatic forces dominate, the water-wetness is increased as 

explained by DLVO theory. They also suggested that for some less polar oils where electrostatic 

forces are suppressed, the hydration/hydrophobic forces may dominate, hypothesizing that these 

hydration / hydrophobic forces increases with salinity producing a less water wet surface.  

Core flooding experiments on cores with different wettabilities, including water-wet, oil wet, neutral 

wet and neutral wet towards oil wet, a low salinity effect was observed for all states, after aging and 

flooding with high salinity. The highest effect was however observed for the water wet core (Ashraf 

et.al., 2010).  
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2.4 Displacement Forces 

Capillary, viscous and gravity forces are just some of several forces that the oil, gas, and water inside 

a porous media are subjected to, but they are most likely to be the most important ones, as these 

forces to a large extent influence the residual saturation that can be obtained in a porous medium. 

2.4.1 Gravity forces 

If the density difference between the displacing and displaced fluid is large, gravity would play an 

important role in fluid flow, and in cases where the interfacial tension between oil and water is 

relatively low (Austad et. Al., 1997). The pressure difference due to density is given in the equations 

below: 

(2.1)           

(2.2)              

    = pressure difference 
    = pressure gradient 
   = density difference 
g = gravitational acceleration constant 
H = height of the column 
  = angle of formation dip 

 
When immiscible fluids with different densities co-exist, a buoyancy force is created. The lighter fluid 

would be pressured upwards, and the fluids would segregate. A potential displacement may result in 

either gravity override (CO2 and solvent flooding) or gravity under-ride (waterflood), and the gravity 

forces would be more severe for a large dip in the formation (Green et.Al., 1998). 

2.4.2 Capillary Forces 

In a petroleum reservoir the capillary forces are dependent upon several factors, such as pore size 

and geometry, wetting characteristics of the system, surface and interfacial tension of the rock and 

fluids (Ahmed, 2000). Capillary pressure is the pressure difference across two immiscible fluids 

interphase, and is formed due to the tension of the interface (Green et. al., 1998). By definition it is 

the pressure in the non-wetting phase minus the pressure in the wetting phase, and for a water / oil 

system, the capillary pressure are defined as the pressure in the oil phase minus the pressure in the 

water phase. The pressure could be higher in the non-wetting phase, as a result the capillary 

pressure could be positive or negative depending on which fluid is the wetting phase. Laplace`s 

equation calculates the capillary pressure between two immiscible phases across a curved surface in 

terms of the radii of curvature: 

(2.3)              (
 

  
 

 

  
) 
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Pc = capillary pressure 
Po = pressure in the oil phase 
Pw = pressure in the water phase 
     = interfacial tension between wetting phase and non-wetting phase 
R1,R2 = curvature radii of interface between oil and water 

 
For a capillary tube containing two immiscible fluids the capillary pressure can be expressed by 

equation 2.5 below. The principal radii of the meniscus formed are given by equation 2.4. The 

parameters are the interfacial tension, size of the capillary and the relative wettability of the fluids.  

(2.4)             
  

    
 

(2.5)     
        

  
 

Pc = capillary pressure 
    = interfacial tension between oil and water 
  = contact angle 
   = radius of capillary tube 

 
The surface forces of capillary pressure would either aid or oppose the process of displacing one fluid 

by another in the pores of a porous medium (Ahmed, 2000). The impact capillary pressure will have 

on fluid flow is dependent upon if the reservoir is fractured or not. If the reservoir is fractured, the 

displacement efficiency of a waterflood is strongly dependent upon spontaneous imbibition of water 

into the matrix because of strong capillary forces. Sandstone reservoirs are rarely fractured, and 

strong capillary forces may cause trapping of oil and high residual oil saturation for a water flood, 

known as ”end effect” (Anderson, 1987). Reducing the interfacial tension between the water and oil 

will however improve the situation.  

2.4.3 Viscous Forces 

As a fluid flows through a porous medium a certain pressure drop occurs, caused by the viscous 

forces in the fluid. The magnitude of the viscous forces must be larger than the capillary forces, if not 

the fluid would not flow through the pore. A porous medium can be compared to a bundle of parallel 

capillary tubes, and the following equation represents the pressure drop in one capillary tube at 

laminar flow conditions (Green et.al., 1998): 

(2.6)     
       

    
 

   = pressure difference across capillary tube 
  = viscosity 
L = length of capillary tube 
     = average flow velocity in capillary tube 

R = radius of capillary tube 
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   = conversion factor  
 

Darcy`s law give the viscous force for single-phase flow in a porous media, the equation is given 

below. Phase trapping and mobilization in a two phase setting is determined by the viscous and 

capillary forces (Willhite, 1986).  

(2.7)       
   

 
 

    = pressure gradient due to viscous forces 
   = superficial velocity 
  = permeability of the porous medium 

2.4.4 Dimensional Analysis 

Dimensional analysis (Buckingham theory) is a general analytical method of determining or finding 

relations among physical quantities by using their dimensions. The dimensional analysis theory is 

based on the fact that any equation that describes a relation among a number of physical quantities 

can be reduced to the following form:  

Φ(Π1, Π2, Π3,…) = 1 

Here the Π values are independent dimensionless products in the form of the original quantities. As 

an alternative to individual variables the physical phenomenon is characterized in the form of various 

dimensionless groups. The performance of spontaneous imbibition will therefore be a function of the 

dimensionless groups and not to each individual parameter. Dimensionless groups can be used to 

assess the interplay of different forces involved in fluid flow through porous media. Different forces 

can be stated as ratios, reducing the number of parameters to be studied. Various dimensionless 

numbers obtained from literature is listed in table 2.2. 
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No. Similarity Group Formulation 

1 Dimensionless time 

    √
 

 
 

 

√    

 
 

  
  

2 Bond number  

(ratio of gravity force to capillary force)    
    √

 
 

   
 

3 Inverse Bound number 

(ratio of capillary force to gravity force)   
    

   √ 
 

    
 

 

4 Capillary number  

(ratio of viscous force to capillary force) 

   
   

       
 

5 Gravity number  

(ratio of gravity forces to viscous force)    
    

 
 
 

  
 

6 Reynolds number  

(ratio of viscous force to inertia force) 
   

    

 
 

Table 2.2: Different dimensionless numbers obtained from literature 

 

The relative magnitude of capillary and viscous forces has a connection with the influence of gravity 

forces. In order to mobilize discrete ganglia of the oil and coalesce them together to form a 

continuous oil phase, a certain viscous force is required, and lowering the interfacial tension would 

mean lowering the viscous forces required (Taber, 1969). Several studies have shown that residual oil 

saturation is a function of capillary number, which is the dimensionless ratio between the viscous 

forces and capillary forces: 

(2.8)     
  

 
 

(2.9)     
   

       
 

  = darcy velocity 
  = viscosity of displacing fluid 
  = interfacial tension between two phases 
 

As a consequence of this formula, the residual oil saturation in a reservoir is affected by parameters 

as oil/rock/formation brine interactions (wettability) and rock properties (porosity, permeability) 

(Chatzis et.al., 1984, Lake, 1989). Capillary pressure can aid or disrupt the fluid displacement during 

flooding in a porous media, also determining the saturation profile / distribution. During a core 
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flooding process the boundary condition of the water saturation at the core outlet is determined by 

the capillary pressure, if Swe is sufficiently low the average water saturation in the core at the end of 

flooding may be distorted. This is usually the case if the core is oil wet, short, and/or the flow rate is 

low, since high viscous forces are needed to overcome the capillary forces at the rest of the core. This 

effect is called capillary end effect. When displacing a non-wetting phase an increase in the capillary 

number beyond a critical value can reduce the residual saturation after a waterflood. The increase 

can be achieved by increasing the viscosity of the displacing fluid, reducing the interfacial tension, 

increasing the displacement velocity, or alter the wettability. In a field case, increasing the velocity 

may not be an option, since the injection of fluid usually is pressure dependent. 

The oil displacement mechanism is impacted by the balance between gravity and capillary forces. 

Schechter et.al., 1994, expressed the relationship as the inverse Bond number: 

(2.10)   
    

   √
 

 

    
 

C = constant 
    = interfacial tension between oil and water 
H = height of the medium 
  = porosity 
   = cifference in density between water and oil 
K = absolute permeability 
g = gravity acceleration constant 
 

In a system with well-defined wetting properties, gravity forces are dominant for   
     , and 

capillary forces for   
     . Both capillary and gravity forces can be active in the displacement in 

the intermediate range,       
        Oil is produced in a countercurrent flow mode from all 

surfaces if the capillary forces are dominating the SI process. Gravity forces become more important 

as the interfacial tension is reduced or the difference in density in increased, thereby reducing the 

inverse bond number.  

2.4.5 Molecular diffusion 

If two miscible fluids are in contact with each other by an initially sharp interface, the two fluids will 

slowly diffuse into one another. This spontaneous diffusion is the outcome of the spontaneous 

movement of particles from an area of high concentration to an area of a lower concentration, in a 

certain volume of fluid, either liquid or gas. With time, the sharp interface will turn into a diffuse 

mixed zone grading from one pure fluid to the other (Perkins and Johnston, 1963). The diffusion is a 

result from the random motion of the molecules. The net transport of one of the constituents across 
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any arbitrary plane can be calculated by Fick’s first law, assuming steady-state diffusion, given by that 

the concentration within the diffusion volume does not change with time.  

(2.11) 
  

  
      

   

  
 

G = quantity of material diffusing across a plane 
t = time [s] 
   = molecular diffusion coefficient [m2/s] 
   = cross section area for diffusion [m2] 
c = concentration, fraction of volume 
x = distance [m] 
 

For a non-steady state, where the concentration within the diffusion volume changes with respect to 

time, Fick’s second law may be used. 

(2.12) 
  

  
    

   

    

c = concentration [mol/m3] 
t = time [s] 
Dr = diffusion coefficient / diffusivity [m2/s] 
x = position [m] 
 

Normally molecular diffusion is small in porous media, however, as the contact area for diffusion is 

significantly increased as the dispersive flux through a fracture, it may be of importance in naturally 

fractured reservoirs (Da Silva et.al., 1989). If inert hydrocarbon gas is injected in a small fracture 

spacing, the molecular diffusion potential could even overrule viscous forces.  Molecular diffusion 

rates are temperature dependent, and in room temperature the diffusion coefficients of most ions in 

dilute aqueous solutions are similar, and the values range from 0.6 x 10-9 to 2 x 10-9 m2/s.  

2.4.6 Adsorption 

As oil and gas reservoirs are formed, the adsorption of polar components from the hydrocarbon 

changes the wetting state of the reservoir rock (Collins et.al., 1983; Legens et.al., 1998,1999; Madsen 

et.al., 1996). Adsorption is defined as the process in which the solute in a gas or liquid accumulates 

on the surface of a solid or a liquid, forming an atomic or molecular film. An equation was developed 

by Irving Langmuir (1916), called the Langmuir adsorption equation, which at a fixed temperature 

relates the coverage or adsorption of molecules on a solid surface to the concentration of a medium 

or gas pressure above the solid surface.  

(2.13)    
   

[        ]
 

  = percentage coverage of the surface 
p = gas pressure / concentration 
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  = Langmuir adsorption constant 
 

The constant   increases as the strength of adsorption increases, and with a decreasing temperature. 

Derived from a starting point with equilibrium between the empty surface sites, particles and filled 

particle sites. 

(2.14)          

   = empty surface sites 
P = particles 
SP = filled surface sites 
 

The equilibrium then becomes: 

(2.15)    
[  ]

[  ][ ]
  

 

       
 

Optimized Langmuir equation: 

(2.16)    
      

    
 

K = Langmuir equilibrium constant 
c = aqueous concentration 
  = amount adsorbed 
     = maximum amount adsorbed as c increases 
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2.5 Wettability 

One definition of wetting is the ability of the liquid to maintain contact with a solid surface, or of a 

solid to liquid, as a result of intermolecular interactions from the two. Adhesive and cohesive force 

balance determines the degree of wetting. Adhesive forces bond the liquid and surface together, 

causing the liquid to spread across the surface. Cohesive forces repel the liquid, causing the liquid to 

form a drop, avoiding contact with the surface. The contact angle between the fluid and solid can be 

measured to determine the degree of wetting/wettability, and ismeasured where the solid-liquid 

interface meets the liquid-gas interface. The tendency of a liquid to spread over a solid surface 

increases as the contact angle decreases, and the contact angle provides an inverse measure of 

wettability. Two immiscible fluids in contact with a solid surface could have a variety of effects, one 

of the fluids could spread or adhere to the surface more than the other. If one fluid does not wet the 

surface completely, the mixed-wetting condition can be measured by the contact angle between the 

denser liquid and the surface. One example is a water-solid-oil system. At equilibrium Youngs´s 

equation can be expressed as (Olga Vizika et. Al., 1996): 

 (2.17)                  

Where  so is the interfacial tension between the oil and solid,  sw between the water and solid,  wo 

between the oil and water.   is the contact angle measured through the water phase. The favorably 

fluid which wets the solid is determined by the adhesion/cohesive tension, a function of interfacial 

tension. The adhesion tension AT for water-oil-solid is defined as: 

 (2.18) AT    so    sw =        so 

Water is the favorably fluid to wet the solid surface at a positive adhesion tension (water-wet media). 

An AT of zero indicates an equal attraction for the surface (neutral system). A negative AT indicates 

that oil preferentially wets the solid surface (oil wet media) (Olga Vizika et.al. ,1996).  

The wetting state of a rock is an important parameter that determines distribution of fluid, end point 

saturations, and relative permeability of the phases (Donaldson et.al., 2008). There are numerous 

factors affecting wettability, such as rock mineral composition, pore structure, pore geometry, pore 

size, brine composition, salinity, pH, temperature and oil composition. It is very difficult to isolate 

these factors in wettability studies, since all parameters influence the wettability in different ways. 

The interactions responsible for wettability may be listed in the following actions: polar interactions, 

acid/base interactions, surface precipitation and ion binding (Buckley et.al., 1998). 
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Wetting Condition Contact Angle (degrees) 

Strongly water-wet 0-30 

Moderate water-wet 30-75 

Neutrally wet 75-105 

Moderatly oil-wet 105-150 

Strongly oil-wet 150-180 

Table 2.3: Wetting conditions for a water-oil system by contact angle (Fanchi, 2010). 

 

Figure 2.2: Residual oil at water-wet(top) and oil-wet(bottom) surfaces. 

Water-wet 

If the surface prefers the water phase rather than the oil, the rock can be considered as water-wet. If 

the rock is completely water-wet, the oil is centered in the large pores as droplets surrounded by 

water films lining the pore walls. Water may totally occupy the smaller pores, leaving oil phase to 

reside in the bigger pores. Continued waterflooding potential are low for these systems, with a high 

recovery at water breakthrough, and only a small recovery increase after breakthrough, because the 

remaining oil are trapped as globules without hydraulic connections. The contact angle is 0o for these 

systems (Dandekar, 2006). 

Oil-wet 

If the surface prefers the oil phase rather than the water, the rock can be considered as oil-wet. The 

water is centered in the larger pores as droplets, whereas the oil exists on the surface of the rock as a 

thin film, occupying the smaller pores. An oil-wet rock is associated with a low recovery at water 
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breakthrough, but since there is no loss of hydraulic connection an extended recovery period is 

possible after breakthrough (Donaldson et.al., 2008). 

Mixed-wet 

The larger pores in a mixed-wet rock are wetted by oil, while the smaller pores are occupied by 

water. Resulting in a smaller recovery at breakthrough, but extended oil production period. The oil 

phase is not trapped as isolated droplets, as there may exist some connections along the larger 

pores, therefore a mixed-wet rock is ordinary containing the least amount of residual oil. The figure 

below shows typical relative permeability and capillary pressure curves for water-wet and mixed wet 

systems. The dotted curve represents primary drainage (PC) for both water-wet and mixed-wet 

conditions, they are identical since most reservoirs are considered water-wet prior to primary 

drainage. At SW = 100% the value is positive, specifying that an entry pressure has to be overcome 

before substantial displacement of water can follow.  

Secondary imbibition and drainage capillary pressure curves are positive for a large part of the 

saturation range for a strongly water-wet system, characterized as spontaneous imbibition of water. 

For a mixed-wet system the secondary capillary curves is both negative and positive at different 

water saturation ranges, as a result spontaneous imbibition of both phases is possible. Also, for a 

mixed-wet system the relative permeability of oil is reduced in the presence of water, since oil must 

compete with the water in the larger pores. The relative permeability of water increases in the 

mixed-wet case compared to the water-wet. The true residual saturation may not be so important in 

a field case, since injection of several pore volumes of fluid is not feasible economically, the 

saturation at abandonment conditions, such as low pressure or high water cut, must be the deciding 

factor (Ligthelm et.al., 2009). 
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Figure 2.3: Relative permeability and capillary pressure curves for water-wet (Left) and mixed-wet (Right). 

Showing relative permeability for water (krw, blue), oil (kro, green), and capillary pressure (Pc, red). Dotted 

curves represents primary drainage, the dashed curves are imbibition (increasing water saturation), 

continuous curves are drainage (reducing water saturation), (Abdallah et.al., 2007). 

2.5.1 Spreading Coefficient 

The initial spreading coefficient Cs, explains the behavior of a liquid drop on a flat liquid substrate. 

 Cs = σwg – σwo - σgo 

σwg , σwo and σgo are the water/gas, water/oil and gas/oil interfacial tensions respectively, measured 

before the fluids where brought in contact with each other (Blunt et al.,1995). Blunt et.al., 1995, 

studied three-phase flow from the molecular level upwards in water-wet porous media, and 

summarized three different things that can happen: 

1. Cs<0, the three phase contact is stable and the droplet remains on the liquid surface. 

Medium to long chained alkanes are an example, such as dodecane.  

2. Cs>0, the contact line is unstable and the oil will spread. This is consistent with observations 

when gasoline is spilled in a puddle of water, it will then spread until it forms a thin, 

iridescent film. Many solvents, hydrocarbons and crude oils have a positive spreading. 

3. Cs ≈ 0, the oil film will spread without limit. When the spreading coefficient is approximately 

zero the oil film is thicker than the range of inter molecular forces. Soltrol 170 is an example 

of this behavior. 

Chapter 2. Background Theory

Figure 2.1: Left : Water wet and R ight : mixed wet relat ive permeabili-

t ies and capillary pressure. The figure shows relat ive-permeability curves

for water, kr w (blue), for oil, kr o (green) and capillary-pressure, Pc (red).

The dot ted curves represent primary drainage, the dashed curves are im-

bibit ion (increasing water saturat ion) and cont inuous curves are drainage

(reducing water saturat ion). Image from Abdallah et al. (2007).

12
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Figure 2.4: Configurations of water, oil and gas on a solid flat surface. (a) A strongly water-wet surface 

coated by a water film; (b) A weakly water-wet surface with no film; (c) A strongly oil-wet surface coated by 

oil; and (d) A weakly oil-wet surface with no oil film. (Blunt  et. Al., 1998) 

2.5.2 Mechanism of wettability alteration 

There are currently four suggested different mechanisms in which polar crude oil components can 

alter the rock wettability towards less water-wet condition. The suggested mechanisms are polar 

interactions, surface precipitation, acid/base interactions and ion binding between charged sites and 

higher valence ions. The potential for wettability alteration for a given crude oil might be evaluated 

by API gravity, acid number and base number (Buckley et. Al., 1998).  

2.5.2.1 Polar Interactions 

Direct adsorption from the asphaltinic portion of the crude oil onto the mineral surfaces has been 

reported by several researchers, especially clays (Clementz, 1976; Cuiec, 1984a; Denekas et. Al., 

1959b). In the absence of a water film between the oil and the rock, adsorption through polar 

interactions is the predominant adsorption mechanism. The binding mechanism is affected by typical 

parameters like type of clay, the exchangeable cations on the clay surface, nitrogen content of the 

crude oil and the solvent in which the polar components are dissolved (Buckley et. Al., 1998). Direct 

contact between the oil and rock surface becomes possible in cases with specifically hydrophobic oil-

wet minerals present in the rock (Anderson, 1986), or in reservoirs where the rock have an organic 

coating on the pore surface, due to the rock being both source and reservoir (Cuiec, 1986). Aging 

time and temperature does not affect the extent of polar interaction as studied by the contact angle 

method, but it is however obviously not equal for different types of crude oil (Buckley, 1996). 

2.5.2.2 Surface Precipitation 

The wettability conditions of the reservoir rock may be changed by the high molecular polar 

components of the oil interactions with the rock surface. Crude oil has a reduced capacity to act as a 

solvent for the asphaltenic fraction, and surface precipitation results as a consequence. The capacity 
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of the oil to dissolve asphaltenes is indicated by parameters as the refractive index and API gravity 

(Buckley et.al., 1998). It has been reported that as the oil has a decreasing degree of solvency of 

asphaltene contents, it leads to a systematic decrease in water wetness of the Berea sandstone (Tang 

et.al., 1997). Precipitation has however not been proved to effect reservoir wettability on a large 

scale (Buckley, 1995), it could however plug pore throats and modify reservoir rock structure past its 

effect on wettability. The oil solubility is naturally greatly affected by oil compositions, temperature 

and pressure.  

2.5.2.3 Acid / Base Interactions 

Wettability modifications through acid/base interactions can happen in two ways, adsorption of 

ionized oil components from the oil / brine interface as the water film which is in contact with the 

surface of the rock becomes less stable. It has been reported that crude oil / brine interfaces are 

negatively charged at a high pH and positively charged at low pH (Dubey et. al., 1993). Positively 

charged nitrogen bases are the components most likely to adsorb due to the fact that 

sandstone/brine have a negatively charged interface above a pH of 2 (Anderson, 1986). The solubility 

of oil in water, and vice versa, is very low, as a consequence the process of acidic or/and basic 

components of the oil adsorbing onto the mineral surface must happen through the water film, and 

from the oil/water interface. This process will lead to a wettability change for the mineral surface of 

the rock. In the presence of water, the interfaces of oil/brine and brine/rock will be charged because 

of acid/base dissociation (Buckley, 1996). Both interfaces can behave as acids or bases by gaining or 

losing a proton (Cuiec, 1975).  

2.5.2.4 Ion Binding 

The wetting process of sandstone reservoirs from crude oil with a high acid number and low base 

number are dependent on ion binding, this process is highly temperature dependent (Buckley et. al., 

1998). The mechanism behind ion binding is when cations, such as Ca2+, behave as bridges between 

the adsorption of negatively charged oil components to the negatively charged sites on the rock 

surface, like carboxylate and clay surface. The mechanism for ion binding provides the opportunity 

for negatively charged carboxylates to alter the wetting conditions to less water-wet for the 

negatively charged clay surface, and it is probably the dominant wetting mechanism in wetting 

alteration in sandstone reservoirs by acidic oil (Buckley, 1996). In the presence of multivalent cations, 

such as Ca2+, pH is reported to play a less important role and pure acid/base interactions are masked 

(Buckley, 1991). 
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2.6 Permeability 

A porous rock has the ability to allow flow of fluid through its interconnected pores. The capacity to 

transmit fluids is termed permeability, a non-porous rock does not have any permeability, and a 

reservoir must be able to conduct the petroleum fluids. Permeability is dependent upon mainly 

effective porosity, which again is affected by many factors, such as packing, degree of consolidation 

and cementing, grain size, shape and distribution, and the type of clay or cementing material 

between the grains.  

Henry Darcy found an equation that has been one of the standard mathematical tools to describe 

fluid flow. The equation is expressed in differential form as follows (Erle Donaldson et al., 2004): 

(2.19)   
 

  
 

 

 

  

  
 

u = fluid velocity 
q = flow rate 
K = permeability of the porous rock 
Ac = cross-sectional area of the rock 
μ = viscosity of the fluid 
l = length of the rock sample 
  

  
 = pressure gradient in the direction of flow 

 
Permeability, K, is measured in Darcy`s. One Darcy is relatively high, most reservoir rocks is less than 

one Darcy. Therefore a smaller unit, millidarcy (mD) is used in the oil and gas industry. For a flow 

where more than one fluid is present permeability is measured as effective permeability.  

Ko, Kg or Kw being oil, gas, or water effective permeability respectively. 

Because the fluids interact with each other as they move through the channels, the sum of effective 

permeability of all the phases will always be less than the absolute permeability (K). The ratio of 

effective permeability (Ko, Kw) to the absolute permeability (K) is known as the relative permeability 

(Kr) of that fluid. Relative permeability for each phase is defined as: 

      
  

 
       

  

 
       

  

 
 

The familiar Corey type correlations are used as a basic model for relative permeability functions 

(Corey, 1954). The dimensionless function is given below. 
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    = residual water saturation 
    = residual oil saturation 
    = irreducible water saturation 
   ,     = corey exponents 
  = pore size distribution index 
  
  = normalized water saturation based on the mobile oil saturation 

         = end point relative permeability for the extrapolated irreducible water saturation 
from capillary measurements 
  

 = end point relative permeability for water 
  

  = end point relative permeability for oil 
    = relative permeability of oil 
    = relative permeability of water 
   = capillary pressure 
   = displacement pressure, threshold pressure 

 

Figure 2.5: Relative permeability ratio as a function of pore size distribution index for different pressures and 

cores. (A.A, Hamouda et.al., 2008). 
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2.7 Modeling low salinity waterflood 

There are only a few low salinity modeling works presented in the literature to date, and none of the 

proposed mechanisms has been accepted as a universally working model. However, one model 

relates the beneficial low salinity effects by directly linking the brine salinity to the flow conditions, 

such as relative permeability and/or capillary pressure (Yu-shu et.al., 2009; Jerauld et.al., 2008; 

Tripathi et.al., 2008).  

Jerauld et.al.,2008, modeled salt as a single component in the water phase, and by simple linear 

interpolation the residual saturation is determined by tracking the salinity. By using predetermined 

low salinity and high salinity residual saturations, a weighting function,   , may be calculated. This 

weighting function is then used to derive the relative permeability’s and capillary pressure as shown 

in the equation below. 

  

Figure 2.6: Residual saturation dependent upon salinity (Jerauld et.al., 2008). 
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Chapter 2. Background Theory

2.6 M odeling low salini t y wat erflood

Relat ively few low salinity modeling works have been reported in the

literature. The mechanisms put forward in the literature are st ill being

debated and none of the mechanism has been universally accepted t ill

date. Nevertheless, there is some use in modeling the mechanisms put

forward at least for verificat ion purposes. In this sect ion a brief review of

some modeling works is presented.

Jerauld et al. (2008), Tripathi & Mohanty (2008) and Yu-shu & Bao-

jun (2009) modeled beneficial low salinity effects by direct ly linking the

brine salinity to the flow condit ions (relat ive permeability and/ or capil-

lary pressure). In the model presented by Jerauld et al. (2008), salt is

modeled as a single component in the water phase. The salinity can then

be tracked and made to determine the residual saturat ion by simple linear

interpolat ion as shown in Figure 2.4.

Figure 2.4: Residual saturat ion dependence on salinity (Jerauld et al.,

2008).

A weight ing funct ion θw , is then determined with the aid of predeter-

mined low salinity and high salinity residual saturat ion as shown in Eq.

(2.8) and then the weight ing funct ion θ, is subsequent ly used to deter-

mine the relat ive permeabilit ies and capillary pressure as expressed in Eq.

(2.9),(2.10) and (2.11).

24
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2.7.1 History matching 

Sendra (2013.1) is a 1D fully implicit black oil simulator that has an automated history matching 

routine, which is useful for history matching special core analysis experiments. The simulator is used 

to obtain water-oil relative permeability (kr) and capillary pressure (Pc) curves by history matching the 

experimental production and delta pressure from the core experiments, indicating different wetting 

state´s during flooding with different brines. 

Required input data are: 

- Core plug data: Dimensions, porosity, absolute permeability, Swi 

- Injection rate 

- Fluid viscosities 

- Delta pressure 

- Production history 

The Corey correlation (Corey, 1954) were used to generate best fit water-oil relative permeability, 

and the Skjæveland correlation (Skjæveland et.al.,2000) were used to generate capillary curves, by 

implementing end point relative permeability and saturations.    

2.8 DLVO theory 

Zeta potential is a term for electro kinetic potential in colloidal systems. It is a parameter 

characterizing electrochemical equilibrium on interfaces, depending on the properties of the liquid 

and properties of the surface. Zeta potential plays an important role in theory of aggregative 

stability, DLVO theory. DLVO describes the force between charged surfaces interacting through a 

liquid medium, and was developed by Derjaguin, Landau (1941) and Verwey, Overbeek(1948). Van 

der Waals attraction and the electrostatic repulsion due to the double layer of counter-ions are 

combined in one effect. Different conditions must be taken into account, as a result different 

equations can be obtained. The process can be simplified by some useful assumptions which are 

suitable for ordinary circumstances. Simply adding the two parts together is the easy way to derive.  

(2.31)                

   = total potential energy function 
   = Van der Waal’s attractive force 
   = double layer repulsive force 
   = potential energy due to solvent 
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DVLO theory suggests that the stability of a particle in solution is dependent upon its total potential 

energy function VT. The attractive and repulsive contributions is much more important than potential 

energy from solvents, they are potentially much larger and operate over a much larger distance. 

2.8.1 Van der Waals attraction 

Van der Waals force is defined as the sum of attractive or repulsive forces between molecules, it 

includes the attraction and repulsion between atoms, molecules, surface and intermolecular forces. 

In DLVO theory the van der Waals force are referred to as purely attractive, and is actually the total 

name of dipole-dipole force, dipole-induced dipole force and dispersion forces. The dispersion forces 

are always present and are therefore considered to be the most important. It is assumed that the 

pair potential between atoms or small molecules is purely attractive, and can be defined as: 

(2.32)     
 

   

W = interaction energy 
C = constant for interaction energy 
n = 6, for van der Waals attraction 
 

Assuming additivity, the sum of the interaction energy between the molecule and every molecule in 

the surface body will be equal to the net interaction energy between a molecule and planar surface 

made up of like molecules. For a molecule at a distance D away from the surface the net interaction 

energy can be derived as follows: 

(2.33)             ∫   ∫
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W(r) = interaction energy between the surface and molecule 
   = number density of the surface 
z = perpendicular axis with the surface, passing across the molecule 
z = 0, the point where the molecule is 
z = D, at the surface 
x = perpendicular axis with the z-axis 
x = 0, at the intersection 

 
For a large sphere with a radius of, R, and a flat surface, the interaction energy can be calculated as: 

(2.34)          
       

  
∫

         

      
     

        

  

    

   
 

(2.35)             

W(D) = interaction energy between sphere and surface 
   = number density of the sphere 
   = Hamaker constant 
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The van der Waals interaction energy can be calculated for particles with different shapes following a 

similar method. 

(2.36) Two spheres:          
 

  

    

        
 

(2.37) Sphere – surface:          
  

  
 

(2.38) Two surfaces [per unit area]:          
 

      

2.8.2 The Electric Double Layer 

A double layer (DL), or an electrical double layer (EDL), is a structure that is formed on the surface of 

an object when it is placed in liquid (figure 2.8), the model is used to visualize the ionic environment 

in proximity of a charged surface. Object such as a solid particle, a gas bubble, liquid droplet, or a 

porous body. The object is surrounded with two parallel layers. The first layer is comprised of ions 

adsorbed directly onto the object due to the surface charge, either positive or negative. The second 

layer is made up of ions attracted to the surface charge by coulomb force, and is only loosely 

associated with the object, since the ions is not firmly anchored but is made up of free ions which 

move in the fluid under influence of electric attraction and thermal motion. This layer is called the 

diffuse layer.  

 

Figure 2.7: Illustration of the Double Layer structure near the surface of the positively charged particles 

(Wikipedia, picture 1). 
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The earliest model of the electrical double layer was first discussed by Helmholtz in 1879 (Hunter, 

1981). He modeled the double layer mathematically as a simple capacitor, assuming a physical model 

were a compact layer of ions of opposite sign is adsorbed to the surface. Later Guoy and Chapman 

(1913) made significant improvements by involving the Boltzmann distribution and a exponentially 

decrease in electric potential away from the surface to the fluid bulk, a diffuse double layer was 

introduced in which the accumulated ions extended some distance from the surface. There are 

however some parts were the Guoy-Chapman models fails.  

To solve the problem, Stern (1924), suggested a combination of the Helmholtz and Guoy-Chapman 

models. As a result the electrified solid-liquid interface combines both the rigid Helmholtz layer, 

which is fixed to the interfacial surface with an approximately thickness of a single ion, and a diffuse 

layer that extends some distance into the liquid dispersing phase (Hunter, 1981; Pashley et.al., 2004; 

Shaw, 1992). Attraction from the charged colloidal particle, based on DLVO theory, causes some of 

the ions with opposite charge in the solution to form a firmly attached layer around the surface. This 

firmly attached layer is known as the Stern or Helmholtz layer (Russel et. Al., 1989).  

The thickness of the diffuse double layer is known as the Debye screening length (1/k). 

(2.39)   √
∑       

   
   

      
 

T = absolute temperature 
zi = valency of the ion 
e = electron charge 
     = electric constant, and relative static permittivity, respectively  
   = Boltzmann constant 
     = density of the ion I in the bulk solution 

 

Figure 2.8: Illustration of the double layer and bulk liquid on a solid surface (Wikipedia, picture 2).  
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2.8.3 Ionic Strength 

The ionic strength, I, of a solution is a function of the concentration of all ions present in 

that solution. 

(2.40)    
 

 
∑     

  
    

 

   = charge number of ion 
  = molar concentration 

2.9 Low Salinity Mechanisms 

The effect from low salinity flooding seems to be complicated, and may be the results of different 

mechanism contributing together or operating at different conditions. Wettability alteration in chalk 

by injection of sea water seems to be a less complicated phenomenon (Puntervold et.al., 2007; 

RezaeiDoust et.al., 2009; Strand et.al., 2006; Strand et.al., 2008; Zhang et.al., 2007a). Wettability 

alteration is among the most generally accepted mechanism behind the improved oil recovery by low 

salinity injection, however, explanations by physical mechanisms also exists. As double layer 

expansion, migration of fines and fluid flow due to osmotic pressure caused by salinity gradient. The 

different proposed mechanisms will be discussed and presented below. 

2.9.1 Increase in pH 

An increase in the pH of 1-3 units has been reported in laboratory water flooding and several single 

well chemical tracer tests. It has been proposed that injection of low salinity brine is similar to 

alkaline flooding, were the main reason for extra oil recovery is reduction in interfacial tension 

between the oil and water phase and in-situ generation of surfactants (McGuire et.al., 2005). In 

laboratory experiments with low salinity water flooding an increase in the pH of the effluent brine 

from 6-7 to 9 or above has been observed for several studies with non-buffered systems. The pH 

increase might be explained by dissolution of the small amount of cementing material, carbonate, 

and cation exchange between the mineral surface and brine phase. Both of the reactions below are 

drastically accelerated when low salinity brine is injected into the reservoir. 

Ca2+ - Clay + H2O = H+ - Clay + Ca2+ + OH-  Cation Exchange 

CaCO3 + H2O = Ca2+ + HCO3
- + OH-   Carbonate Dissolution 

It has been proposed that the acidic components of the crude oil are saponified at a high pH. The 

saponification results in in-situ generation of surfactants, which could cause a reduction of the 

interfacial tension and oil-in-water emulsification. Reduction of capillary forces that cause lower 
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residual oil saturation may be one of the reasons behind the increase in oil recovery, especially for 

laboratory experiments conducted with short cores and a high end effect (Baviere, 1991; McGuire 

et.al., 2005). Another consequence of the increase in pH is increase in water wetness of the rock 

(Buckley, 1996) 

A higher concentration of divalent ions, such as Ca2+ and Mg2+, have been shown to reduce the low 

salinity effect (Jerauld et.al., 2008). Divalent cations in high concentration will precipitate the 

surfactants and thus block them from lowering the IFT and increasing the oil recovery. However, the 

surfactants will continue to be effective in low salinity brines which usually have a lower 

concentration of divalent cations (Anderson, 1986a; McGuire et.al., 2005). 

Test have been performed with an increase in recovery but with only a small increase in pH (Zhang 

et.al., 2007b). In addition significant increases in pH but without any increase in oil recovery have 

also been reported (Cissokho et.al., 2009).  

Crude oils with an acid number higher than 0.2 mg KOH/g are required to generate enough 

surfactant to influence recovery through IFT reduction and emulsion formation in alkaline water 

flooding (Ehrlich et.al., 1977). However, in North Sea reservoir with an acid number less than 0.05 

increases in oil recovery of up to 40% of OOIP have been reported (Lager et.al., 2008a), this 

contradicts the proposed mechanism and no correlation between the acid number and increase in oil 

recovery have yet been found. Also, increases in oil recovery at reservoir temperature and pressure 

with live oil performed by BP resulted in increased oil recovery without any recorded increase in the 

pH (Lager et.al., 2008a).  

2.9.2 Double-layer Effects 

It has been proposed that in high salinity brine there are sufficient cations available to screen-off the 

negative charge of the oil/water interface and the clay surface to cause a suppression of the 

electrostatic repulsive force (Ligthelm et.al., 2009). It is believed that multivalent cations, such as 

Mg2+ and Ca2+, act as bridges between the negatively charged oil/brine interface and the negatively 

charged clay minerals (Anderson, 1986; Arnarson et.al., 2000; Buckley et.al., 1998; Lager et.al., 2006; 

Lager et.al., 2008a; Sposito, 1989). The high salinity brine reduces the zeta potential of the minerals 

surface, as described by DLVO theory. This will result in oil components adsorbing onto the clay 

surface by forming organo-metallic complexes, reducing the water-wetness of the rock. The ability of 

the cations to screen-off the negative charges on the clay surface is reduced as low salinity brine is 

injected, as a result the electrical double layer is expanded and repulsive forces between the mineral 

surface and oil/water interface is increased. The oil will desorb from the surface when the repulsive 

force between the mineral surface and oil phase increases above the binding forces for the organo-
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metallic complexes, this will occur at a certain salinity level. The electrostatic repulsive forces within 

the clay itself will exceed the binding forces if the salinity is further reduced, and may lead to 

deflocculation and formation damage. Increased oil recovery could be achieved by lowering the 

salinity to certain levels (RezaeiDoust, 2011).  

Ligthelm et.al., 2009, made several observations supporting the proposed mechanism. During 

flooding experiments, after oil production had stopped with high salinity brine containing sodium, 

calcium and magnesium, the brine composition was changed to a content of only sodium chloride, 

with the same ionic strength, and a small increase in oil recovery was observed. The results were 

associated to cation exchange mechanism, as the pure sodium chloride brine stripes off the divalent 

cations attached to the rock surface. The brine was then diluted to 100 times lower salinity, and a 

following large increase in recovery was observed, believed to be related to the expansion of the 

electrical double layer. The contribution from the cation exchange mechanism was believed to be 

small, compared to the expansion of the electrical double layer. 

2.9.3 Migration of fines 

In certain experiments small amounts of solid particles have been observed in the effluent, these are 

called fines, and are mainly built up of kaolinite clay. It has been reported that a sharp increase in 

pressure across the core was observed when injecting low salinity brine into Berea Cores (Tang et. 

Al., 1999a). Tang et. Al. suggested that mobile fines is an important part of the mechanism that 

causes increased recovery, and a permanent reduction in permeability were typically observed with 

the production of fines. 

 

Figure 2.9: Migration of fines as suggested by Tang et.al., 1999a. 
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Adsorption of heavy polar components on the outer surface of clay particles attached to the 

sandstone is governing for the initial wetting condition (Salathiel, 1973). A partial mobilization of 

mixed-wet particles as the low salinity brine is injected may reduce the residual oil saturation and 

increases the oil recovery. A balance between mechanical forces keeps the clay particles attached to 

the surface, including capillary forces and colloidal forces (Israelachvili, 1991). The attractive and 

repulsive colloidal forces depend on the balance of van der Waals and electrostatic forces, see 

previous section on DLVO theory. The clay maintains a certain degree of equilibrium and are 

undisturbed by the injection of high salinity brine, and the wetting state is preserved (Lager et.al., 

2006). Tang et.al., 1999a, showed that injection of low salinity brine into sandstone cores containing 

clay makes them more water wet, the electrical double layer in the water phase is expanded as the 

low salinity brine is injected, which may cause stripping of clay particles. The pH of the effluent have 

been observed to increase in several experiments performed with non-buffered systems, this is also 

a contributing factor to the instability of the clays (Khilar et.al., 1983).  

A proposed explanation for the increased oil recovery in low salinity brine injections is improved 

microscopic sweep efficiency, associated to an analogy with the enhanced oil recovery technique 

using linked polymer solutions. Skauge et.al., 2008, suggested that the microscopic sweep efficiency 

is improved due to the release of clay particles , the partial mobilization of fines will block pore 

throats and divert the flow into non-swept pores. It has been verified by a number of laboratory and 

field test in china that injection of linked polymer gels improves oil recovery above the level 

obtainable with ordinary polymer flooding, even though linked polymer particles are much smaller 

that the pore throats in sandstone (Li, 2008; Skauge et.al., 2008). As a result the improved oil 

recovery may not be caused by wettability modification, but rather by improved microscopic sweep 

efficiency. 

 

Figure 2.10: Straining of particles and permeability reduction during fines migration (Zeinijahromi et.al., 

2012) 
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Several experiments have observed a production of clay fines, increase in pressure drop across the 

core and permanent permeability reduction from injection of low salinity brine. Tang et.al., 1999a, 

analyzed the solid particles and reported it to be mainly kaolinite. Stabilizing the clay inside the core 

by firing rendered the core insensitive to the salinity of the injection of brine both in spontaneous 

imbibition and water flooding experiments, supporting the proposed mechanism (Tang et.al., 1999a). 

Another reason behind the mechanism is the direct relation between the amount of clay in the core 

and the level of increased oil recovery observed. The increase in oil recovery stopped when calcium 

was added to the injection brine, and was explained by flocculation and/or re-attachment of fines at 

the pore walls (Tang et.al., 1999a). 

Low salinity flooding test have been performed without any production of solid particles and any 

increase in pressure drop (Lager et.al, 2006; Pu et.al., 2008; Zhang et.al., 2006a). In addition core 

floods with increased pressure drop and with a production of solid particles, but without any 

increased oil recovery have been reported (Boussour et. al., 2009). Cissokho et.al., 2009, performed 

injection of low salinity brine in kaolinite free sandstone cores, containing only illite and chlorite, and 

observed an increase in recovery of about 10% (OOIP%). This result seems to contradict that kaolinite 

is essential for improved oil recovery. 

2.9.4 Multi-component Ionic Exchange (MIE) 

Soil science investigates the trends of adsorption and desorption of organic material on mineral 

surfaces. Eight different mechanisms for adsorption of organic functional group on soil minerals are 

proposed (Sposito, 1989). 

Mechanisms Organic functional group involved 

Cation Exchange Amino, ring NH, heterocyclic N (aromatic ring) 

Protonation Amino, heterocyclic N, carbonyl, carboxylate 

Anion Exchange Carboxylate 

Water Bridging Amino, carboxylate, carbonyl, alcoholic OH 

Cation Bridging Carboxylate, amines, carbonyl, alcoholic OH 

Ligand Exchange Carboxylate 

Hydrogen Bonding Amino, carbonyl, carboxyl, phenolic OH 

Van der Waals Interactions Uncharged organic units 

Table 2.4: Adsorption mechanisms of organic materials onto clay minerals (Sposito, 1989) 
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Studies performed on the magnitude and mechanisms of adsorption of marine pore water materials 

onto montmorillonite led to the conclusion that van der Waals interactions, ligand exchange and 

cation bridging are the dominant adsorption mechanism out of the eight proposed by Sposito 

(Arnarson et.al., 2000). According to DLVO theory high ionic strengths give low electrostatic repulsion 

forces, as the van der Waals attractive forces are significant at high ionic strengths, the particles are 

thereby allowed to be located close to each other. 

Ligand exchange occurs when carboxylate groups of acidic material substitute hydroxyl groups on the 

surface (RezaeiDoust, 2011). Cation bridging is when negatively charged surface and functional 

groups of the organic material is connected by a cation acting as a bridge, this is a weak adsorption 

mechanism (Arnarson et.al., 2000). During injection of low salinity brine two different observations 

was made, the first was that the presence of divalent cations in the formation brine, especially Ca2+, 

was essential in order to observe an increase in recovery (Lager et.al., 2006; Ligthelm et.al., 2009). 

The second was that the effluents from low salinity test showed a strong reduction in the 

concentration of Mg2+, indicating a strong adsorption to the rock matrix. From the knowledge of the 

dominant mechanism and these two observations, Lager et.al., 2006, suggested that the increase in 

oil recovery was caused by competition of all the ions in the brine for ionic exchange with the rock 

surface. In low salinity flooding four of the eight identified mechanisms for organic adsorption to the 

clay mineral were affected by possible cation exchange, these mechanisms were cation exchange, 

ligand bonding/ligand bridging, water and cation bridging. There are two different mechanism in 

which the polar components can adsorb onto the clay, one is where polar components adsorb onto 

the clay by multivalent cations and forming an organo-metalic complex. The second is direct 

adsorption by displacing the most labile cations at the clay surface (Lager et.al., 2006). Direct 

adsorption is a bridging mechanism where the negatively charged clay surface and negatively 

charged molecules in the oil are bridged together by divalent cations (Buckley et.al., 1998; Seccombe 

et.al., 2008). 
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Figure 2.11: Four of the proposed adsorption mechanisms of organic materials onto clay surface (Lager et.al., 

2008b) 

Injection of brine containing low concentrations of Ca2+ and Mg2+ may trigger multi-component ionic 

exchange (MIE) to occur between clay mineral surfaces, cations in the in-situ brine and adsorbed 

crude oil components. A change in the ionic equilibrium causes an exchange with either cationic 

organic complexes or with bases, and the divalent cations from the low salinity invading brine. The 

result is a removal of organic polar compounds and organo-metallic complexes from the clay surface, 

increasing oil recovery and water-wetness of the clay. The multi-component ionic exchange 

mechanism due to the injection of low salinity brine may result in an expansion of the electrical 

double layer, increasing oil recovery and water-wetness by desorption of oil from the clay 

(RezaeDoust, 2011). 

2.9.5 Desorption of the adsorbed organics from mineral surface 

2.9.5.1 Mineral dissolution 

Some researchers have had an low salinity effect from cores without any significant clay content, as a 

result it was proposed that the dissolution of carbonate/anhydrite minerals, which are oil wet, or act 

as cement for mixed wet particles, could be the mechanism behind low salinity flood (Pu et.al., 

2008,2010; Lebedeva et.al., 2009). Dolomite and anhydrite particles were confirmed present after 

high salinity flooding by using CT and AFM imaging techniques, after low salinity flooding these 

particles were no longer seen. The suggested mechanism may be compared to wettability alteration 

by mineral dissolution in carbonate rocks (Evje et.al., 2010, 2011; Hiorth et.al., 2010). There are 

however several conflicting results of this theory, the main point is that the suggested mechanism 
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does not sufficiently explain the requirement of aging in connate water as stated by Tang et.al., 

1999a. The role of divalent ions in the connate brine and the salinity threshold seen in some 

experiments are not either sufficiently explained by the mechanism.  

2.9.5.2 Kaolinite dissolution 

The existence of permanent (pH-independent) and nonpermanent (pH-dependent) charges are 

responsible for the surface charge of kaolinite (Schoefield and Samson, 1954). The isomorphic 

substitution of Si for Al in tetrahedral positions leads to a permanent negative charge within the 

siloxane layer, responsible for the cation exchange capacity (CEC) of kaolinite. The CEC value is in the 

range of 1-8 mEq/100g, very small compared to other clay minerals (Newman and Brown, 1987). The 

acid-base properties of the ionisable surface groups located at the edges or at the gibbsite basal 

plane are responsible for the positive/negative nature of the surface charge and its pH-dependence. 

Crystal edge electroneutrality give rise to the transformation of the dangling oxygens into silanol 

(>SiOH) or aluminol (>AlOH) groups and to the adsorption of water molecules (Sposito, 1984). By 

deprotonation and formation of >SiO- surface complexes the silanol groups contribute to the 

negative charge only (Iler, 1979). Aluminol groups can undergo both protonation and deprotonation, 

at a low and high pH, respectively. Protonation resulting in the formation of >AlOH2
+, and 

deprotonation in >AlO- (Carroll-Webb and Walther, 1988). It is generally accepted that the 

dissolution of solid phases is controlled by numerous elementary reactions occurring at the solid–

water interface. The reaction rate is controlled by the formation of surface-activated complexes as 

stated by the transition state theory applied to the dissolution process.  

 

 

Figure 2.12: Kaolinite structure (Ganor et.al., 1995) 
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Huertas et.al.,1999, studied the kinetics of the dissolution of kaolinite by following the evolution of 

dissolved Si and Al concentrations at various pH. Maximal concentrations of dissolved Si and Al at a 

given time interval were reached at very basic pH, figure 2.13 shows the concentration at several pH 

levels. 

 

Figure 2.13: Concentration of Si and Al during the dissolution experiments at several pH conditions (Huertas 

et.al., 1999) 

Total dissolution rate is the sum of the short-term reaction and linear dissolution process. Dissolution 

of fine-grained materials, strained areas on large grains or defects are different processes which may 

cause the high initial dissolution rate. As all fine particles have been dissolved, the rate will proceed 

at a constant rate. They reported that the dissolution rate is proportional to the nth order of the 

activity of protons, water, and hydroxyls in each pH range. Under acidic, neutral, and basic conditions 

the species attacking the silicate surface are mainly protons, water molecules, and hydroxyls, 

respectively. Dissolution rate given by pH can then be derived as (Huertas et.al.,1999): 

(2.41)        
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    ,      = proton and hydroxyl activity, respectively 

    ,    ,      = rate constant under acidic, neutral and basic conditions, respectively 
na , nb = corresponding order of reaction 

The rate constant showed inflections at pH ≈ 4 and ≈ 10, above and below these values the 

dissolution rate displayed strong pH dependence. In neutral conditions the rates were much less 

dependent upon pH.  

 

Figure 2.14: Dissolved Si (solid squares) and Al (open circles) at pH = 9. High initial rate followed by a 

constant rate (Huertas et.al., 1999).  

As a silicate or oxide is immersed in an aqueous solution, the protons, hydroxyls, water molecules, 

ions or organic ligands present in the solution can form surface complexes by reaction with the 

cations present at the hydrated surface. If protons and hydroxyls are the only species available, the 

dissolution will be proportional to their respective concentrations adsorbed. Huertas et.al., 1999; 

1998, investigated the density of negatively and positively charged sites at the kaolinite surface by 

acid and base titration, a dependence upon pH were observed, the ionic strength in the range of 

0.001 to 1M showed very little influence on the results. The following sites on the kaolinite surface 

were investigated in the study: 

o >Al2OH : External Al hydroxyls at the basal plane 

o >AlOH : Internal Al hydroxyls, aluminol at the edge 

o >SiOH : Silanols  

Only when the pH is higher than 9 the aluminum sites become negatively charged. High acidity 

prevent the silanol groups from forming positively charged complexes, and at a pH from 5.5 to 9 they 

become negatively charged, and in an additional increase in pH they remain saturated. Huertas et.al., 

1999, suggested from model calculations that >AlOH is the dominant species at kaolinite surface at a 

range in pH from approximately 3 to 10. In addition, the model showed that dissolution kinetics of 

kaolinite is governed by aluminum surface complexes, without direct influence from the >SiO- sites. 

Strong and weak acid Al site, >Al2OH2
+ and >AlO H2

+, respectively, controls the dissolution mechanism 
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at acidic conditions. At high pH values it has been argued that the silanol groups are the source of 

negatively charged surface sites, therefore the >SiO- must be controlling dissolution rate. However, 

other results indicate that the deprotonation of the aluminum sites is the rate limiting step, and Al 

sites form negative surface complexes above pH 9, contributing to the dissolution (Blum and Lasaga, 

1991; Huertas et.al., 1999).  At neutral conditions dissolution of kaolinite is controlled by the 

hydration reaction, and neutral species (>Al2OH, >AlOH,>SiOH) do not contribute significantly to the 

dissolution at pH ranging from 6 to 9. The rate-limiting step in alkaline solutions is the formation of a 

>AlO- surface complex and the following detachment of an Al ion, which could lead to an attack of 

hydroxyls on the open Si framework. At neutral and acidic conditions the rate-limiting is associated 

with the adsorption of a proton on an Al center, causing a detachment of Al and a following 

detachment of Si. Elementary the rate is limited by the breaking of the Si-O-Al bridging bonds, 

supported by the deprotonation and protonation reactions at the kaolinite surface.   

A general rate equation can be expressed as the sum of successive terms corresponding to different 

surface complexes (Huertas et.al.,1999): 

(2.42)    ∑   [               ] 
  

  

i = various complexes 
   = rate constant for surface complex, i 
ni =reaction order for surface complex, i 

 

Figure 2.15: Kaolinite dissolution rate, experimental (dots) and theoretical (line). Rate was calculated by the 

general rate equation for surface complexes (Huertas et.al., 1999).   
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2.9.6 Influence of flow velocity and water permeability associated with LSW 

2.9.6.1 Reduction of Water Permeability due to Physical Plugging 

Low Salinity water injection field data are still from the formations in near wellbore region, were the 

calculated tertiary oil recovery is very high, 20-25% pore volume (Li, 2011). The laboratory reports for 

increased oil recovery are just as high (Loahardjo et.al., 2007). Li, 2011, performed experimental and 

theoretical analyses showing that the increased oil recovery from low salinity brine was caused by 

the mobilization of discontinuous oil as water permeability is reduced due to blockage of the porous 

network by swelling clay aggregates or migrating clay particles and crystals, this causes a higher 

negative pressure gradient than that during brine injection at the same flow velocity. The increased 

oil recovery associated with low salinity flooding in clay-bearing sandstone reservoirs are believed to 

be dependent upon flow velocity and flow acceleration, as a result the increased recovery from a 

reservoir will be significantly less than laboratory experiments involving cores at common flow 

velocity. He also proposed that the low salinity injections had two relevant disadvantages, the 

reduced water injectivity and degraded mobilization condition, thus, at maximum permitted injection 

pressure, the oil recovery associated with low salinity water injection cannot be higher than brine 

injection. 

Tertiary oil recovery related to water injection in a reservoir should be based on the experimental 

dependence of the flow acceleration and velocity. The disconnection of continuous oil phase in 

secondary oil recovery is connected to snap-off off selloidal interfaces, which is independent of flow 

velocity at low capillary number, while mobilization of discontinuous oil in tertiary oil recovery 

associated to water injection is related to pressure gradient, which is dependent on flow velocity at 

any capillary number higher than the critical. 

Li and Wardlaw (1986a,b) proposed a fundamental theory on secondary oil recovery, showing that 

the disconnection of oil by snap-off of a selloidal interface in a pore is dependent upon the pore-

throat aspect ratio (rP/rT), wettability, and supply of water. The critical pore–throat aspect ratio for a 

pore is the ratio above which snap-off will happen in the pore when water is supplied at least to one 

of its throats. 
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Figure 2.16: Critical pore-throat aspect ratio (rp/rt) plotted against advancing contact angle (θA). The ratio 

of snap-off capillary pressure in a throat versus capillary pressure for the advance of a convex interface in the 

same throat (Pst / Ppt) are the reciprocal of pore-throat aspect ratio. The broken line represent the critical Pst 

/ Ppt (Li et.al., 1986a,b). 

 

Figure 2.17: Measurements obtained by Li, 2010, of advancing contact angle inside cores, performed on 

Berea-sandstone with permeability of about 0.9 μm2. (A): Pcf/σ is the curvature of the interface at the water- 

invading front. (B): Pcb/σ is the curvature of the interface at the core open face. Swi equals initial water 

saturation,  A represents the advancing contact angles.  

 

From two equal cores, the oil recovery will be higher for the core with lower initial water saturation, 

if the cores have the same initial water saturation, the stronger oil-wet core will have a higher oil 

recovery. Wettability influence on secondary oil recovery can be explained by the water-invading 

front during secondary recovery. The continuous oil phase ahead of the front must be disconnected 

by snap-off to permit water moving forward, and occurrence of snap-off is easier due to the 
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relatively low critical pore-throat aspect ratio in a more water-wet core. Higher oil recovery at water 

breakthrough (BT) will be obtained from the more water-wet core, since more oil disconnections can 

occur at and behind the water-invading front. Snap-off is more difficult due to the relatively high 

critical pore-throat aspect ratio in a more oil-wet core, and much of the continuous oil phase can be 

preserved for a longer time to permit continuous oil branches withdrawing from porous channels in a 

piston like displacement, and higher final oil recovery will be gained from the more oil-wet core (Li, 

2011). 

 The water-invading front is obtained directly from the relationship between the derivative of water 

fractional flow with respect to saturation at the outlet of the core, and the cumulative injected water 

volume (Vw) at the moment of water BT (Li, 2010). 

(2.43)   
   

  

   
  

 

    
 

  
  = derivate of water fractional flow with respect to saturation (f*) 

     = cumulative injected water volume (VW) in PV at BT 
 

Oil phase distributes discontinuously in the pore network during tertiary oil recovery, in the form of 

drops or blobs which have been trapped in the pore networks due to capillary pressure actions, a 

phenomenon called Jamin effect (Jamin, 1860). Mechanical work must be provided externally to let 

trapped drops and blobs move, or surface energy must be reduced internally, or a combination of 

both. Mobilization of an oil drop or a gas bubble may be related to the dimensionless capillary 

number (Ca), given by equation 2.47 (Gardescu 1930; Moore and Slobod 1956; Melrose and 

Brandner 1974), the formula is suitable for very strongly water-wet systems where the water 

permeability does not apparently change during water injections. 

(2.44)     
  

 
 

  = viscosity of displacing phase 
V = apparent velocity, Darcy velocity of the displacing phase  
  = interfacial tension between the displacing phase and the displaced phase  
 

Critical Ca for onset of mobilization is 7 × 10−6 to 2 × 10−7 for water-wet sandstone cores. (Chatzis and 

Morrow 1984). For complete oil recovery the Ca is about 10−2. 

To satisfy the requirements for oil reservoir applications, the capillary number should be redefined, 

this redefinition will be based on a capillary-trap model as shown in figure 2.18 (Li, 2011). 
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Figure 2.18: Capillary trap elementary model for explaining tertiary oil recovery mechanism, assuming that 

the investigated oil drop completely blocks the downstream throat. Capillary tubes are circular. V is the flow 

rate through a unit area (A) of the matrix/porous medium containing the capillary trap. P1: upstream 

pressure in water which is exerted on the convex interface in the pore. P2: Downstream pressure in water 

which is exerted on the convex interface in the throat. L: length of bypass.  A: advancing contact angles.  R: 

Receding contact angles. Li, 2011 

Young-Laplace equation for the upstream convex interface is: 

(2.45)      
       

  
  

       

  (
     
     

)
 

    = capillary pressure generated by the convex interface in the pore 
   = radius of the pore 
   = Advancing contact angle 
 

Young-Laplace equation for the upstream convex interface is: 

(2.46)      
       

  
 

    = capillary pressure generated by the convex interface in the downstream throat 
   = radius of the downstream throat 
   = Receding contact angle 

(2.47)           (
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)        

Critical equilibrium will therefore be: 

(2.48)                       (
 

  (
     
     

)
  

 

  
)        

The generalized Darcy`s law for water phase is needed to investigate the mobilization of an oil drop 

in the elemental capillary-trap: 
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(2.49)    
  

 
    

    

  

   

  
    

  

  

   

  
 

V = apparent velocity 
   = volumetric flow rate of water 
A = cross-sectional area of the core 
K = absolute permeability 
    = relative permeability to the water phase 
        = permeability of the water phase 
   = water viscosity 
   = pressure in water phase 
x = distance 
 

Assuming a uniform bypass capillary tube, the pressure gradient in water will be reduced to: 

(2.50) 
   

  
  

        

 
 

L = Length of bypass 

Combining the previous equations results in: 

(2.51)    
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(2.52)  (
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The left-hand side shows the resistance against mobilization of residual oil, expressed as reciprocal of 

permeability (M-2). The geometry of the capillary trap is described by the equation above, RT and RP 

of the main-pass, and L of the bypass, that is the no-flow segment. Assuming same wettability, the 

resistance against mobilization will be higher for smaller throat diameter, larger pore diameter, or if 

the length of no-flow segment is shorter than the main pass. Another effect on resistance against 

mobilization is the contact angle (
     

     
). It may be concluded that the initial oil distribution of 

tertiary oil recovery must have a strong effect on the relation between tertiary recovery and the 

standard capillary number. Initial and residual water saturation after secondary oil recovery is related 

to oil distribution, so that the pattern of the oil traps must be different for a different initial oil 

distribution of tertiary oil recovery.  

 The right-hand side shows the dynamic value for mobilization of the trapped oil in the capillary trap, 

thus the standard capillary number (NC) can be defined as follows: 

(2.53)      
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The standard capillary number (Nc) represent detailed dynamics for mobilization of the trapped oil. 

The previous dimensionless capillary number (Ca) deal only with behavior of the fluids (V,   ,  ), the 

introduced variables quantitatively define pore structure and oil distribution (Kw), and wettability 

(  ).Lower interfacial tension, stronger oil-wetness, lower water permeability, higher water viscosity, 

or higher flow velocity always leads to a higher dynamic value of the standard capillary number (Nc). 

As the oil saturation is reduced or water channels become plugged by for example the clay, the 

permeability of the water phase (Kw) is reduced.  

Studies have revealed that larger oil blobs were disconnected repeatedly during mobilization, 

indicating that sizes of blobs decreased with subsequent increases in capillary number (Wardlaw 

et.al., 1985). As a result the anticipated increment of tertiary oil recovery associated with water 

injection for the same infinitesimal NC is less for more oil-wet cores, since disconnection by snap-off 

is harder in more oil-wet cores (Li et.al., 1986a,b). 

2.9.6.2 Flow rate and flow acceleration in a reservoir 

Partial plugging of pores by LSW injection may lead to a reduction in water permeability. Generalized 

equation of Darcy`s law may be rearranged to give: 

(2.54)        
    

   
 

Tertiary oil recovery is strongly related to flow velocity. An essential physics in EOR is that 

discontinuous oil can always be mobilized if the flow velocity is high enough. The largest reduction in 

oil saturation occurs in the oil formation near the wellbore regions, were the flow is fastest. If the 

EOR associated with low salinity injection is only dependent upon the flow velocity and flow 

acceleration, as suggested by Li,2011, it is very unlikely that the high oil recovery associated with a 

core at a laboratory is translated to a full field scale. Part or all of the mobilized oil drops will be 

trapped again as the flow decelerates further away from the injection well, and recovery will not be 

as high as in the near wellbore region. The mobilized oil cannot pass a zone where the flow velocity is 

lower than that for the onset of oil mobilization. At some point the oil surface will become unstable 

and a droplet will detach from the main bulk oil as oil is flowing from one pore into another filled 

with water through a narrow throat (Mohanty et.al., 1987; Wardlaw, 1980, 1982). Snap-off of oil is a 

major mechanism causing residual oil in porous media, especially for strongly water-wet systems 

(Wardlaw, 1980). It has been estimated that 80% of the trapped oil in Berea sandstone cores 

occurred in snap of geometries (Chatzis et.al., 1983). Main parameters governing snap-off are the 

aspect ratio of porebody to the pore throat diameter, connectivity of the pore system, pore-wall 

roughness, oil-water IFT, and the wettability of the porous medium.  
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Fig 2.19: Divisions of mobilization and re-trap in a reservoir. A: Produced mobilized oil can only come from 

the division on the right-hand side due to the conditions required, flow velocity above the critical for oil 

mobilization and a positive flow velocity gradient. The zone in the middle is a re-trap zone where no 

mobilized oil can flow through, as the flow velocity is not high enough for onset of mobilization. B: Showing 

that near the injection wellbore the flow velocity can be two orders of magnitude higher than the critical flow 

velocity, and reduction in oil saturation in this region is highest due to the highest flow velocity. The figure 

and numbers are obtained from the work of Li, 2011.  

 

Fig 2.20: Equal-pressure contours and streamlines in a quadrant of a five-spot-network element during one 

phase flow (Muskat et.al., 1934). Total pressure drop is presented in percentage. Flow direction is indicated 

by the arrow. The dashed line plus dots represents the equal-pressure contour where the flow velocity is 

lowest along flow lines. The heavy solid lines show two equal-pressure contours where flow rate is the same, 

but the sign of the flow velocity gradient at contour 70% (negative) is different from that at contour 30% 

(positive). 

 

 



52 
 

2.9.7 Local pH increase 

In the proposed mechanism the following parameters are assumed to be significant in low salinity 

effects in sandstone (Austad et.al., 2010).  

- Type, amount and specific properties of the clay present in the rock 

- Initial formation brine properties, such as composition and pH 

- Acidic and basic polar components in the crude oil 

The mechanism is based on the assumption that increased water wetness of the clay present in the 

rock is responsible for the increased recovery from low salinity. Both acidic and basic organic 

materials are adsorbed onto the clay together with inorganic cations, particularly Ca2+, from 

formation water containing a high concentration of Ca2+ (Austad et.al., 2010). In reservoir formation 

water the pH could be low due to dissolution of sour gases like CO2 and H2S. The equilibrium of 

interactions between the brine and rock may be disturbed by injecting low salinity water with a 

lower concentration of ions than the initial formation brine, as a result a net desorption of cations, 

especially Ca2+, may occur. To counteract for the loss of cations, protons (H+), from the water close to 

the clay surface can adsorb onto the clay. According to Austad et.al., 2010, there will then be a local 

pH increase close to the clay surface as shown by the  reaction below. 

                           
  

              

                                           

This desorption of active cations from the clay surface is the essential reaction to create alkalinity 

which will start the wettability alteration. As the pH is increased close to the clay surface, a reaction 

between the adsorbed acidic and basic material will occur. As a result from the suggested theory, 

active clay minerals are needed to obtain any low salinity effects (Austad et.al., 2010). 
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Figure 2.21: A simplified caption of Austad et.al., 2010, suggested mechanism for low salinity effects. Basic 

component at the top, acidic component at the bottom.  

2.9.7.1 Cation adsorption 

Initial formation water usually has a much lower concentration of Na2+, Ca2+ and Mg2+ then H+, which 

has the strongest attraction towards the clay surface. At reservoir conditions the active cation, Ca2+, 

are adsorbed onto the clay together with acidic and basic material, assuming formation water with a 

pH close to 5. For kaolinite and Chlorite the mechanism of ion exchange are mainly associated to the 

edge surfaces. As for illite/mica and montmorillonite, lattice substitutions are believed to be the 

main mechanism (Austad et.al., 2010). Different clays has different characteristics and show 

selectivity for different cations. Montmorillonite shows a small selectivity for Ca2+ over Na2+, Kaolinite 

shows a stronger selectivity for Ca2+ (Kleven et.al., 1996). Illite/mica is believed to have selective 

characteristics similar to montmorillonite.  

Cations, basic and acidic organic matter, and H+ all compete for the adsorption sites on the clay 

surface.To obtain any low salinity effects reservoir rock containing kaolinite and chlorite should have 

formation water with a high concentration of Ca2+, as for reservoir rock containing montmorillonite 

and/or illite/mica the divalent cations in the initial formation water may not be essential (Austad 

et.al., 2010). 

2.9.7.2 Local pH changes 

Desorption of active cations as explained earlier, leads to an increase in pH, and the pH of the 

effluent is to some degree dependent upon the composition of the injected brine. Austad et.al., 

2010, suggested that a local increase in the pH close to the water-clay interface is needed to desorb 

the organic matter, and this will only happen if desorption of cations occur. Substitution of Ca2+ by 

protons increases the pH close to the clay surface and causes a fast desorption of basic and acidic 
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material by proton transfer as shown earlier. If divalent cations in the injected brine create complex 

formation of the sort shown in the equation below, the pH could only have a small increase. 

           [       ]  

With a pH buffer such as CO2 there may not be any increase in the effluent. However, the activity 

described by pH measurements of H+ in the bulk solution may differ from the activity close to the 

interface between water and minerals (Baily et.al., 1968). A localized pH increase close to clay 

surface can still occur, and cause a desorption of organic material from the clay surface in pH 

buffered systems.  

Lager et.al., 2008b, performed an experiment in which the effluent from core floods showed a 

decrease in the concentration of multivalent cations, specially Mg2+. They initially stated that the 

change in Mg2+ concentration were due to multi ion exchange. However, as suggested by Austad 

et.al.,2010, the lowered concentration could be from precipitation of Mg(OH)2 as a result from a local 

pH increase in the injected low salinity water. As Mg(OH)2 is precipitated the local alkalinity will 

decrease, this could have an influence on the desorption of organic material on the clay surface. 

2.9.7.3 Important parameters 

Based on the proposed mechanism the success of low salinity flooding and magnitude of increased 

oil recovery are mostly determined by the type and amount of clay, initial composition of the 

formation brine and reservoir pH, acidic and basic compounds in the crude oil, and ionic strength and 

composition of the low salinity brine.  

Both polar components and active cations are required to be initially adsorbed onto the clay. 

Considering low salinity effect, it appears that clay minerals with a high cation exchange capacity 

appear to be favorable. The content of active polar components in crude oil can be indicatively 

measured by the acid and base number of the oil, and different wetting conditions are obtained with 

different acid and base numbers. Oil with low acid number and high base number could allow for 

basic components to be adsorbed onto the negatively charged silica.  

Amount and composition of divalent cations, and pH are determined by the properties of the 

formation water. An optimal low salinity effect may be achieved by a balanced initial adsorption of 

active cations, protons and organic material onto the clay surface. The low salinity effects will be low 

if the adsorption of active ions and organic material is high and low, respectively, as the rock is 

already water-wet. In this case the desorption could give a higher increase in pH during low salinity 

flooding. If the concentrations of specific active ions area above a certain level the initial pH may play 

an important part for optimal adsorption of these active ions (Austad et.al., 2010). The composition 
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of injected low salinity water is assumed to be of less importance, as long as the concentration of 

active ions is low enough to cause a significant desorption from the clay surface.  

Austad et.al., 2010, summarized the suggested mechanism as follow: 

 Initially there is a balanced adsorption of organic material, protons and active cations onto 

the clay minerals, preferentially at a reservoir pH of about 5. 

 Injection of low salinity water will lead to an reaction at the clay surface, where Ca2+ is 

substituted by H+, resulting in desorption of adsorbed cations, which will increase the pH 

close to the water-clay interface. 

 An ordinary acid-base reaction occurs between OH- and the adsorbed acid and protonated 

base. Desorption of organic material is stimulated, and the water-wetness and oil recovery is 

increased.  

 Different clays have diverse adsorption/desorption windows. The presence of a negative zeta 

potential material is essential, and the potential for increased recovery from low salinity 

brine is dependent upon the CEC of the clay.  

2.10 Spontaneous Imbibition 

Spontaneous imbibition may be defined as the process in which a wetting fluid is drawn into a 

porous medium by capillary action, and is driven by surface energy. The capillary pressure is 

determined by interfacial tension and the curvature of the interface. Curvature magnitude is 

dependent upon the surface forces and pore geometry, and if the curvature is concave with respect 

to the wetting fluid occupying the porous media, and the interface is allowed to advance, the 

displacement is spontaneous. Capillary and gravity forces, and the interplay between the two, are 

the most important displacement forces, especially at cases with neutral wetting states or low 

interfacial tension.  

Recovery by spontaneous imbibition of brine into reservoir rock is particularly important for 

fractured reservoirs, especially with low permeability, and imbibition has been recognized in several 

different recovery processes, such as waterflooding of heterogeneous reservoirs, thermal recovery 

by steam injection through imbibition of condensed water, and WAG. An increasing amount of 

reservoirs are classified as low permeability, and under water injection the oil recovery from the rock 

matrix are generally dependent upon the spontaneous imbibition of water, which are a relatively 

slow process.  



56 
 

2.10.1 Free imbibition 

The rate of imbibition is measured with free access of brine to the rock face. In other words, the rock 

is immersed in brine and the oil recovery is recorded over time as the brine imbibes and displaces the 

oil. The capillary pressure is often referred to as the dynamic capillary pressure.  

2.10.2 Parameters influencing the imbibition process 

Several parameters affect the performance of spontaneous imbibition, such as permeability, fluid 

saturations, wetting state, heterogeneity and fluid properties (Viscosity, density, IFT). Some of the 

influencing parameters are discussed below. 

2.10.2.1 Permeability 

Water imbibition has previously been shown to be a fast and effective oil recovery process for low 

permeable and strongly water-wet chalk (Cuiec et.al., 1994). Therefore spontaneous imbibition is 

accepted as an important recovery mechanism for low permeability or fractured reservoirs. For a 

gravity dominated imbibition, assumed to follow Darcy’s law, a higher flow rate will result from an 

increase in permeability.  

2.10.2.2 Initial water saturation 

The effect of initial water saturation is not easily predicted, due to the variable wetting state of 

reservoir rock. Morrow and Mason, 2001, states that in reservoir conditions, a high initial water 

saturation leads to a reduced capillary pressure, but increased mobility of invading water. Viksund 

et.al., 1998, conducted experiments with strongly water-wet chalk and Berea sandstone. It was 

reported that with initial water saturation ranging from 0-30%, the final recovery for sandstone 

changed a little. Zhou et.al., 2000, performed experiment by countercurrent spontaneous imbibition 

with Berea sandstone, imbibition rate and water wetness were reported to decrease with an 

decrease in initial water saturation. 

2.10.2.3 Boundary condition 

Cocurrent flow occurs if the invading water and producing oil flow in the same direction as the water 

displaces the oil. Countercurrent flow are defined as when the two phases flow in opposite 

directions, which may be the only possible flow pattern if the matrix or core are completely 

surrounded by water. At counter-current flow the total velocity is zero inside the core, based on the 

assumption that advancing water displaces an equal volume of oil from the pore space, which 

escapes through the inlet by flowing back to the surface of the core. 

Depending on the ratio of gravity to capillary forces, water injection rates and boundary condition of 

the fracture network matrix block, spontaneous imbibition can be cocurrent or countercurrent in 
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fractured reservoirs (Al-Lawati et.al., 1996; Hamon et.al., 1986). Cocurrent flow may occur if only 

parts of the matrix are exposed to water, and gravity segregation of oil and water occurs. 

Experiments performed on low permeable chalk showed that countercurrent flow may be the 

dominat mechanism, especially for brine-oil displacement from the bottom of the rock blocks (Cuiec 

et.al., 1994). Spontaneous water-oil imbibition tests in strongly water-wet sandstone at laboratory 

conditions were conducted at both cocurrent and countercurrent flow patterns by Bourbiaux et.al., 

1990. It was reported that for the dominant cocurrent flow case, the brine saturation profile 

measurement showed that a brine-oil front moved regularly from the lower to the upper end, and as 

the driving effect of gravity forces decreased as the front nearing the upper face, the slope of the 

front decreased with time. For the pure countercurrent flow case, as it progressed towards the 

bottom of the sample the oil/brine front became flat. The two fronts progressed at similar speed 

from each sample end towards the center in a combination of cocurrent and countercurrent flow 

case. For spontaneous imbibition a countercurrent flow will be slower than a cocurrent flow, as the 

movement of both oil and water in opposite directions will reduce the total mobility.  

 

Figure 2.22: Various combinations of boundary conditions used during imbibition (Norman et.al., 2001).  

Babadagli et.al., 1999, conducted tests with Berea sandstone samples, it was reported that for 

countercurrent flow, more time was required in order for the capillary imbibition process to start as 

less matrix contact area was exposed to the imbibing fluid. For concurrent experiments, the ultimate 

recovery was approximately the same for all the test, not related to the boundary conditions, the 

recovery rate was however decreased as more area on the matrix was coated.  
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2.10.2.4 Wetting state 

The wetting state of the rock surface is essential for the spontaneous imbibition, as it effects the fluid 

distributions, which are related to the relative permeability and capillary pressure, forces that greatly 

influences the displacement process and performance (Anderson, 1986). Zhou et.al., 2000, 

performed spontaneous imbibition experiments on Berea sandstone with different wetting states, 

reporting that the oil recovery passed through a maximum in recovery, as the wetting state 

decreased from very strongly water-wet. The imbibition rate was also found to be related to the 

wetting state, with an increased imbibition rate with increasing water-wetness.  

2.10.3 Scaling of spontaneous imbibition  

The process of SI is of crucial importance to evaluate the wettability of a rock, and is also one of the 

key production mechanisms in the world’s largest remaining oil reservoirs (Jadhunandan and 

Morrow, 1991; Morrow et. Al., 1994; Morrow and Mason, 2001). To characterize the influence of key 

parameters on SI, scaling groups need to be used, and are essential to understand SI. Scaling groups 

are used for an appropriate up scaling of data (Morrow and Mason, 2001), a well as modeling and 

simulating flow in fractured and heterogeneous reservoirs (Barenblatt et.al., 1960; Warren and Root, 

1963). Laboratory measurements are often used in the prediction of oil recovery, and could be scaled 

up to forecast oil recovery at reservoirs scale. Factors involved are rock properties, liquid viscosities, 

interfacial tension, core geometry and wettability.  

 

 

Mattax et.al.,1962, defined a scaling group: 
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     = dimensionless time 
t = time 
k = permeability 
Φ = porosity 
σ = interfacial tension 
μ = viscosity 
L = length of the core 
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The scaling group is a form on inverse capillary number, expressing the ratio of capillary force to 

viscous resistance. If imbibition oil recovery is plotted against the dimensionless scaling parameter 

above, an equal recovery curve will be achieved for the model and for matrix blocks of the same 

geometry and rock type. As a result, the imbibition test on small laboratory samples can scale 

imbibition behavior for same shape and rock type reservoir matrix blocks. The equation above shows 

that if all other factors are equal, the time before a given water saturation are reached is 

proportional to the square of the matrix block size, defined by L, a characteristic linear dimension of 

the block. It is subject to the following six conditions: 

1. Gravity effects can be neglected 

2. Sample shapes and boundary conditions must be identical 

3. Oil/water viscosity ratio is duplicated 

4. Initial fluid distribution is duplicated 

5. Relative permeability functions must be the same 

6. Capillary pressure functions must be related by direct proportionality 

These conditions are obviously hard to satisfy. The scaling problem is not easy to solve, as it need to 

provide a working account of the factors that can affect imbibition through the identification of the 

dominant variables under various complex conditions that are typical for oil reservoirs. The 

conditions stated above are only a useful starting point for predicting oil recovery.  

√
 

 
 , is proportional to the microscopic radius, as defined by (Leverett, 1939): 

(2.57)    √
  

 
 

2.10.3.1 Viscosity ratio 

Ma et.al., 1999, systematically tested the effect of oil/brine viscosity ratio on imbibition rate. They 

found that the oil recovery rate was inversely proportional to the geometric mean of the oil and 

water viscosities.  
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LC = characteristic length, shape factor 
Vb = bulk volume 
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Ai = different surface areas exposed for spontaneous imbibition 
di = corresponding distance to the no-flow boundary 
 

The characteristic length, LC, is defined by the distances to the no-flow boundaries with respect to 

counter-current flow from all open faces of the rock. Type of shape factor is correlated to the relative 

contribution of capillary and gravitational forces acting on the fluids. When capillary forces are 

governing fluid flow, a shape factor describing the surface area of the sample seems to be the best fit 

for scaling the core dimensions. In the case for low IFT, gravitational forces may be dominating, and 

the core may be scaled by using just the height of the sample as the characteristic length. Zhang 

et.al., 1996, conducted various test with different viscosity ratios and boundary conditions. Their 

result, included those of Mattax and kyle, and Hamon and Vidal are plotted below. The data are 

correlated by the characteristic length, this implies that for all the tested geometries and boundary 

conditions the basic imbibition mechanism is counter-current.  

 

Figure 2.23: Normalized oil recovery plotted against dimensionless time for very strongly water-wet 

imbibition (Norman et.al., 2001). 
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2.10.4 Imbibition Rate and Time 

Some authors have derived an equation that describes the movement of water into dry soils, and a 

similarity to the diffusion equation was observed. The computed displacement fronts are significantly 

diffuse and it is assumed that the diffusion coefficient is proportional to the partial derivative of 

capillary pressure with respect to water saturation. From this analogy, the predicted volume of water 

imbibed is proportional to the square root of time, and is confirmed by experimental results for 

sandstone (Handy, 1960; Garg et.al., 1996). Mattax et. al., 1962 also presented the following 

relationship between imbibition rate, q(t), and imbibition time, t. 

(2.60)       
 

√ 
 

In some cases the diffusion-type equation can be problematic, an alternative is assuming piston-like 

displacement, deriving an equation which is also dependent of volume imbibed on the square root of 

time. Handy, 1960, examines imbibition in the limit that capillary forces dominate over buoyancy and 

viscous forces, in his analysis the velocity of imbibed phase is proportional to the gradient of capillary 

pressure with respect to distance, and fronts are assumed to be sharp.  

Depending on the assumptions, imbibition can be described by either a frontal-advance equation or 

diffusion-like equation, whereas the main difference is that in the diffusion equation method it is 

predicted that the smallest pores fill first, and larger pores later. The frontal advance equation 

predicts that all pores are connected, and all pores fill simultaneously. The mass of water imbibed is a 

linear function of the square root of time in both methods, as agreed upon by experiments. 

However, the expected end result of the diffusive process contradicts the quite abrupt end of 

imbibition, leading to the assumption that the frontal advance equation is a better fit for describing 

the true process.   

The flow equation may be defined as follows, if imbibition occurs vertically upward. 

(2.61)     
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     ) 

   = capillary pressure 
   = water viscosity 
   = effective water permeability 
   = flow rate 
   = density difference 
g = acceleration due to gravity 
x = position of front 
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Assuming piston-like displacement and constant capillary pressure, pC. 

(2.62)        
  

  
 

   = fractional water content of the pore space 
  = porosity 
x = distance 
t = time 
 

Substituting equation 2.64 into 2.65 yields: 

(2.63) 
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Integrating the equation above: 

(2.64)    
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Assuming that gravity forces are negligible compared to capillary forces, the equation above reduces 

to: 

(2.65) 
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(2.66)     
  

     
 

(2.67)   
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)   

AC = cross-sectional area of the sample 
QW = total volume of imbibed water 
 

From the equation above it can be observed that the rate of imbibition is a function of effective 

water permeability, water saturation, and the capillary pressure. The mass imbibed follows a linear 

relation to the square root of time, and the slope is proportional to the square root of the product 

        . These are also the unknown quantities, as the rest are more or less easily measured. 

The product of          may be referred to as the imbibition potential, and it allows the 

quantification of the rate of imbibition as a function of known values in different rocks (Schembre 

et.al., 1998). 

(2.68)           
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(2.69)       
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It can then be derived that the imbibition recovery, Rim(t), are defined as: 

 

(2.70)         
 

          
∫         

  

     

 

 
 √  

C = constant 
Swi, Soi = initial water and oil saturation, respectively 
Vp = pore volume 

2.10.5 Characterization of wettability 

A dominant factor in the rate of oil recovery is the degree of water wetness, since rocks that 

spontaneously imbibe water are at least partially water wet. The effects from capillary pressure 

driving force and the opposing viscous resistance to flow are essentially the determining parameters 

for the rate of spontaneous imbibition.  

Graue et.al., 1998, suggested that measurements of spontaneous imbibition rates of water for 

oil/brine/rock systems can be used to characterize wettability in a way that reflects both rate and 

amount of oil production with an emphasis on early time recovery. The characterization can be 

improved if other affecting parameters are considered, these parameters include: porosity, rock 

structure or permeability, oil and water viscosities and interfacial tension. 

Babadagli, 1996, used the imbibition recovery curve (eq. 2.70) to quantify wettability characteristics. 

If all other parameters are constant, the slope C, is only a function of wettability. He introduced a 

wettability index,     , ranging from 0 to 1, where the highest slope is equal to 1, representing 

strongly water wet conditions. The wettability index as introduced does not contain all the 

parameters affecting imbibition, therefore Shahri et.al., 2012, derived a new index containing all 

parameters, called the Normalization Index: 

(2.71)         
   

 

          √      
 [

 

√
 

 

  
     

 

  
]√  

   = Vertical height of the core 
g = gravity constant 
   = density difference between water and oil 
   = modified constant used to calculate the normalization index 
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Figure 2.24: Countercurrent imbibition with all faces open. Note the superposition of no-flow 

boundaries.(Zhang et.al., 1996) 

From eq.2.59 and figure 2.24, the characteristic length is given by: 

(2.72)     
  

 √       
 

L = length of the core 
d = diameter of the core 
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3. Experimental 

 

This chapter pertains to describe the experimental procedures, apparatus and materials. Two 

different experiments were conducted in this thesis:  

- Coreflooding to investigate oil recovery associated with different brines 

- Spontaneous imbibition to study the different effects on the cores after flooding, and 

different brine effects 

The cores were first saturated with oil, and then aged for a minimum of 2 weeks. Flooding was 

performed with different brines. After the flooding experiments the cores was re-saturated with oil, 

and then aged for minimum 2 weeks, spontaneous imbibition were then performed at increasing 

temperatures. In general the following steps were done in one experiment: 

 Saturating the core with synthetic sea water (SSW) 

 Injecting SSW at three different rates at room temperature to establish absolute 

permeability 

 Oil flooding to saturate the core with oil and establish initial water saturation 

 Aging at 50 0C for a minimum of 2 weeks 

 Flooding with the selected brine to study recovery and effluent 

 Oil flooding to re-saturate the core with oil before imbibition experiments 

 Aging at 50 0C for a minimum of 2 weeks 

 Spontaneous imbibition in Amott cell with selected brine at increasing temperatures (room 

temperature, 50 0C and 70 0C, respectively).  

3.1 Experimental Apparatus 

3.1.1 Flooding setup 

Core flooding setup consisted of an oven to adjust the flooding temperature, a Gilson 305 pump, 

piston cell, core holder, a computer to register inlet and delta pressure, a measuring burette, and a 

back pressure valve. A confining pressure of 20 bars was maintained through the tests, to simulate 

reservoir conditions and give a good seal between the shrinkable sleeve and core. A backpressure of 

10 bars was used. The computer was used to register and log pressure parameters in time, the inlet 

pressure into the core, and the pressure difference across the core due to the pressure loss from the 

flow was recorded. Produced liquids, both effluent water and produced oil was sampled and 

recorded at intervals. The pH was measured and logged through the test. During flooding, the aged 
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core was put in the core holder and connected to the flooding setup. Temperature was increased, 

confining pressure built up to 20 bars, and different types of fluids were injected into the core by 

piston cells. A sketch of the flooding set-up is shown below.  

 

Figure 3.1: Simplified sketch of flooding set-up. 

For all floodings, either brine or oil injection, the core was weighed before and after to check for any 

discrepancy between the measured volumes and calculated saturations. Assuming a 100% fluid 

saturated core, the volumes of different fluids can be checked by simple calculations based on the 

density of the fluids. As the core was mounted in the core holder, it was first wrapped with a double 

layer of Teflon tape, the heat shrinkable sleeve was then fitted by heating. The inlet and outlet of the 

core holder were blocked as to prevent any fluid loss from the heating.  

3.1.2 Volumetric pump 

For all injections, and to create the confining pressure, volumetric pumps were used in order to 

control the flow rate and pressure. The pumps used were Gilson 305, 806 Manometric module.  

3.1.3 Vacuum pump 

A vacuum was used to remove all the air from the cores and to ease the saturation process for the 

initial saturation with SSW. The core was simply put in an air tight bowl connected to a vacuum pump 

which were left running until a sufficient low enough pressure were obtained, usually about 3 hours. 
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3.1.4 Measuring system 

The volume of produced fluids was simply measured by a timer and a measuring burette. The error 

introduced by the visual reading of the fluid meniscus were taken into account and made as small as 

possible. The pH was measured continuously as to not let the produced effluent react with the air, 

which could affect the results, a Mettler Toledo pH meter were used. Calibration was performed with 

three buffer solutions at pH 4, 7 and 10, precision is about ± 0.02. The samples were then stored in 

glass bottles until the Ion-configuration could be measured. 

3.1.5 Anion and Cation analysis 

A Dionex ICS-3000 ion chromatograph was used to measure the anion and cation content of the 

produced water for selected samples. The samples were first diluted, 1 to 200 times for high salinity 

produced water, and 1 to 50 times for low salinity. They were then filtered and put in the Ion 

chromatograph for analysis. The chromatograph was connected to a computer which recorded and 

calculated the results. After the test was finished, the raw data stored on the computer was 

processed manually by the program Chromeleon 7, adjusting the results for each sample for all ions 

to minimize error. The data are given in the appendix.  

 

Figure 3.2: Dionex ICS-3000 Ion Chromatograph. 

SSW Chloride Carbonate Sulfate Sodium Potassium Magnesium Calcium 

Average 0,525 0,002 0,024 0,45 0,01 0,045 0,011375 

Std.dev 0,002102165 0,000165144 8,92686E-05 0,00420155 0,0005655 0,0001948 0,0043036 

Corrected 

Std.dev 

0,002247309 0,000176547 9,54321E-05 0,00449164 0,0006045 0,0002082 0,0046008 

% 0,400412368 8,257223153 0,37195232 0,93367705 5,654822 0,4328623 37,833951 

Variance 4,4191E-06 2,72727E-08 7,96888E-09 1,7653E-05 3,198E-07 3,794E-08 1,852E-05 

Table 3.1: Average concentrations including deviation from the SSW samples used as a base for calculating 

concentration of effluent samples. All concentrations values are in mole/liter. 
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3.1.6 Interfacial tension measurement (IFT) 

The interfacial tension (IFT) measurements were performed by the volume drop method, using a 

volume tensiometer (DVT30). The tensiometer was supplied by KRÜSS GmbH, Germany. 

Repeatability is reported to be ±0.1 mN/m. 

3.1.7 Imbibition setup 

During the imbibition tests the cores were placed in a volumetric Amott cell and the test were 

conducted at increasing temperatures, starting with room temperature, and then increased to 50 0C, 

and 70 0C respectively. The Amott cell consist of a tubular glass base, into which the core is placed, 

and a measuring burette incorporated on top to allow the produced oil to be quantified. The two 

pieces were sealed together by silicon grease, and the cell was filled with brine through the bottom 

tube until desired height. Synthetic seawater was used as the initially saturating brine and imbibing 

fluids, if not otherwise stated. The amount of oil was monitored and recorded versus time with 

appropriate time intervals. 

 

Figure 3.3: Amott cell used for imbibition experiments.  
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3.2. Materials 

3.2.1 Porous media 

Outcrop sandstone cores were used in the experiments. The result from the mineral analysis is given 

below, a complete solid analysis is given in the appendix. The test was performed by Intertek West 

Lab AS.  

Mineral Name Chemical Formula Semi Quantitive (%) 

Quartz SiO2 94 

Kaolinite Al2Si2 O5(OH)4 1 

Muscovite (K,Na)(Al,Mg,Fe)2 (Si3.Al,O10) O10(F,OH)2 1 

Microline KAlSi3O8 1 

Table 3.2: Mineral analysis of the sandstone used in the experiments. 

Core 

number 

Diameter 

(cm) 

PV 

(ml) 

Length 

(cm) 

Porosity Permeability 

(Darcy) 

r, leverett Characteristic 

length [cm] 

#3 3,63 13,77 5,63 0,236 1,0 5,77532E-06 1,168 

#4 3,76 13,23 5,03 0,236 0,9 5,47396E-06 1,175 

#5 3,75 13,22 5,06 0,236 1,0 5.77398E-06 1,174 

#6 3,76 13,29 5,05 0,237 0,95 5,6227E-06 1,176 

#7 3,77 12,37 5,05 0,219 0,8 5,39535E-06 1,179 

#8 3,77 13,15 5,13 0,229 1,05 6,00467E-06 1,183 

#9 3,78 12,91 5,11 0,225 1.0 5,88733E-06 1,184 

#10 3,78 12,66 5,09 0,221 1,2 6,58778E-06 1,183 

#11 3,76 13,24 5,075 0,235 1,1 6,12625E-06 1,177 

#12 3,775 12,94 5,085 0,227 1,0 5,90119E-06 1,182 

#13 3,75 15,01 5,69 0,239 0,95 5,5995E-06 1,202 

Table 3.3: Properties of the different cores used. 

3.2.2 Oil 

Normal-decane (n-C10) was used as a hydrocarbon phase, supplied by Chiron AS in HPLC grade (purity 

>99%). N,N-Dimethyldodecylamine (NN - DMDA) were used as oil soluble additives to mimic amine in 

the oil. Concentrations of 0.01 mole/liter were used. Physical properties of the oil at different 

temperatures are given below, the numbers are obtained from the simulation program PVTsim 

(20.1). It is assumed that the small concentration of NN-DMDA does not have any significant 

influence on the properties of the oil. 
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Components Supplier and purity Structural formula 

N,N-Dimethyldodecylamine 

(NN - DMDA) 

Fulka ≥ 99% CH3(CH2)11N(CH3)2 

Table 3.4: Polar components. 

N-Decane / Temperature Room temperature, 20 0C 50 0C 70 0C 

Viscosity (cP) 0,920 0,5802 0,4812 

Density (g/ml) 0,730 0,7683 0,7525 

Table 3.5: Properties of n-Decane. 

3.2.3 Brines 

Several different types of brine have been used for both initial saturation fluid, flooding and 

spontaneous imbibition. The brines are given name by content, as listed below. Table 3.6 give the 

composition of the different brines. See appendix for complete description of brines.  

 SSW: Synthetic seawater. 

 LSW: Low-salinity water, SSW diluted 25 times. 

 Mg: Brine only containing MgCl2 at seawater concentration (0.045M). 

 SO4: Brine only containing Na2SO4 at seawater concentration (0.024M). 

During the preparation of brines, different amounts of reagent grade chemicals were dissolved in 

distilled water as by compositions, and then stirred by a magnetic bar for at least 3 hours. When the 

salts were properly dissolved, the brine was filtered through a 0.22 µm Millipore filter to remove 

unsolvable particles. The brine was stored in clear glass bottles. 

Ion Name  SSW 

(mole/L)  

LSW 

(mole/L)  

Mg  

(mole/L)  

SO4 

(mole/L)  

HCO3
-
 0.002 0.00008 - - 

Cl- 
 0.525 0.021 0.09 - 

SO4
2- 

 0.0240 0.00096 - 0.0240 

Mg2+ 
 0.045 0.0018 0.045 - 

Ca2+  0.013 0.00052 - - 

Na+  0.450 0.018 - 0.048 

K+ 
 0.010 0.0004 - - 

TDS (g/L)  33.39 1.3356 4.2844 3.414 

Ion Strength 

(mole/L)  

0.657 0.0263 0.135 0.072 

Table 3.6: Composition of brines. All concentrations values are in mole/liter. 
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Temperature Room temperature, 23 0C 50 0C 70 0C 

Oil (cP) 0,920 0,5802 0,4812 

SSW (cP) 0,9971 0,5901 0,4382 

LSW (cP) 0,9347 0,5484 0,4052 

Mg (cP) 0,9451 0,5556 0,4110 

SO4 (cP) 0,9390 0,5514 0,4077 

Table 3.7: Calculated and simulated viscosity for the different brines and oil. 

Dynamic viscosities of the different brines are calculated from equation 3.1 given by Fabuss et.al., 

1969. Accuracy is reported to be  0.4%, range is within 20<T<150 [0C] and 0<Sp<130 [g/kg], which is 

more than sufficient for this case. 

(3.1)    (
   

  
)                                                          

                      

(3.2)                  
 

                         
 

   = pure water viscosity 

    = viscosity of brine 

I = Ionic strength 

T = temperature [0C] 

Brine SSW LSW SO4 MG 

Interfacial tension [mN/m] 

with N-decane + NN-DMDA 

20.1 31.5 31.1 32.2 

Table 3.8: Measured interfacial tension at room temperature for the different brines.  

3.3 Procedures 

3.3.1 Saturation procedure 

The cores were first dried at 100 0C for a minimum of 24 hours before weighing.  They were then put 

in an airtight bowl connected to a vacuum pump, evacuating the air inside the core to a sufficiently 

low enough pressure. Synthetic seawater was then used to saturate the core 100%, and the core was 

weighed again.  
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3.3.2 Absolute permeability 

Absolute permeability was measured by placing the 100% SSW saturated core in the flooding setup, 

and then SSW were injected at three different rates at room temperature. The rate was kept 

constant for 10 minutes while the delta pressure was recorded, the average from the pressure 

readings was then used to calculate permeability. Absolute permeability was averaged by the result 

for each flow rate.  

3.3.3 Pore volume calculation 

Calculation of the pore volume is based upon weight difference from a dry and 100% saturated state, 

and the density of the synthetic seawater. The pore volume is expressed by the equation below: 

(3.3)     
     

    
 

PV = Pore Volume of the core, [cm3] 

WS = Weight of a 100% saturated core, [g] 

WD = Weight of a dry core, [g] 

     = Density of the saturation fluid, Synthetic seawater, [
 

   ] 

3.3.4 Porosity calculation 

Porosity is a measure of a rocks ability to hold fluid. Mathematically, porosity is the open space in a 

rock divided by the total rock volume, and is normally expressed as a percentage of the total volume 

of the rock.  

(3.4)    
  

  
        

(3.5)           

  = Porosity [%] 

VP = Pore volume [Cm3] 

VB = Total bulk volume [Cm3] 

H = Height of the core [cm] 

R = Radius of the core [cm] 
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3.3.5 Oil Saturation / Establishment of initial water saturation 

 

After the cores were 100% saturated with synthetic seawater, it was placed in the flooding setup 

previously described to establish initial water saturation, SWI. The cores were flooded with oil at a 

temperature of 500C and a flow rate of 0.2 ml/min, which equals about 22 PV/d. The core was 

flooded with minimum 2PV of oil, and the amounts of water drained were recorded. 

3.3.6 Oil recovery calculation 

Produced oil was measured and logged at intervals by a measuring burette. Oil recovery is mostly 

presented in fraction of original oil in place, defined in the equation below. 

(3.6)              
     

    
 

(3.7)                       

   ,      = Initial oil saturation and initial water saturation, respectively [fraction] 

    = Pore volume [ml] 

      = Produced oil [ml] 

Normalized recovery curves are sometimes used to scale and compare the different experiments. 

(3.8)        
 

      
 

      = Normalized recovery 

       = Total recovery at the end or end point 

R = Oil recovery 

3.3.7 Aging of the core 

After the initial water saturation was determined by flooding with oil, it was submerged in oil in a 

sealed aging cell. The core was then kept at the selected aging temperature of 50 0C for a period of 

minimum 14 days. 
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4. Results and discussion 

Water flooding was carried out in this study to observe for any low salinity effects for our rock, brine 

and oil combination. After flooding, the cores were re-saturated with oil and spontaneous imbibition 

was performed to see if the different brines had altered the EOR potential and core properties. In 

addition the imbibition brine was changed to observe for any low salinity effects.  

4.1 Corefloods 

In this section of the thesis the results from the corefloods are presented. In total, seven corefloods 

were conducted on different cores, flooding temperature was 70oC for all:  

 Core #4: Aging and flooding conducted with SSW. 4 PV were injected at a rate of 4 PV/day 

(0.035 ml/min) and then increased to 16 PV/day (0.14 ml/min). 

 Core #5: Aged with SSW, flooded with LSW. 4 PV were injected at a rate of 4 PV/day, and 

then increased to 16 PV/day. 

 Core #6: Aged with SSW. Flooded with SSW followed by LSW, both for 24 hours at 4 PV/day. 

The rate was then increased to 16 PV/day for LSW, flooding at least 4 PV. At the end a 

minimum of 2 PV of SSW was injected to obtain same initial aging brine present in the core.  

 Core #7:  Aged with SSW. Flooded with SSW followed by SO4, both for 24 hours at 4 PV/day. 

The rate was then increased to 16 PV/day for SO4, flooding at least 4 PV. At the end a 

minimum of 2 PV of SSW was injected to obtain same initial aging brine present in the core. 

Core #8: Aged with SSW. Flooded with SSW followed by Mg, both for 24 hours at 4 PV/day. 

The rate was then increased to 16 PV/day for Mg, flooding at least 4 PV. At the end a 

minimum of 2 PV of SSW was injected to obtain same initial aging brine present in the core. 

Core #10: Aged with SSW. Flooded with Mg followed by LSW, both for 24 hours at 4 PV/day. 

The rate was then increased to 16 PV/day for LSW, flooding at least 4 PV. 

 Core #12: Aged with SSW. Flooded with SO4 followed by LSW, both for 24 hours at 4 PV/day. 

The rate was then increased to 16 PV/day for LSW, flooding at least 4 PV. 

 Core #3 and #9: Experienced failure of lab equipment which could affect the result, it was 

therefore decided to redo the tests. 

 Core #11 and #13: Only spontaneous imbibition performed. 
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Core number Swi OOIP 

[ml] 

Permeability 

(Darcy) 

Temp 

[0C] 

Flooding fluid 

#4 0,23 10,2 0,9 70 SSW 

#5 0,25 9,8 1,0 70 LSW 

#6 0,19 10,7 0,95 70 SSW-LSW-SSW 

#7 0,22 9,7 0,8 70 SSW-SO4-SSW 

#8 0,18 10,8 1,05 70 SSW- Mg-SSW 

#10 0,20 10,1 1,2 70 Mg – LSW 

#12 0,23 10,0 1,0 70 SO4 – LSW 

Table 4.1: Core properties and flooding parameters for the corefloods performed in this section.  

4.1.1 General characteristics of oil recovery curves and ion-chromatography plotting 

The following figures present the basics of the plots used to present the data in the next section. 

Figure 4.1 shows the cumulative oil recovery (fraction) curve and pH measurements plotted against 

injected pore volumes of brine. The oil recovery is plotted on the y-axis to the left, and pH to the 

right. The blue curve represents the oil recovery as a fraction of original oil in place. Injection brine 

pH is measured at the inlet of the core of each flooding and is assumed constant, presented by the 

green straight lines. Effluent measured pH is shown as the red squares in the figure. An increase or 

decrease between inlet and outlet pH are therefore presented as the difference between the red 

squares and green line. Injection brine at the specific injection rate is explained by the blue boxes on 

top of the chart, separated by the black vertical lines.  

Figure 4.2 shows the results of the anion and cation analysis. Since there are large variations in the 

concentration of the different ions, they are presented as a relative to the initial concentration of 

LSW. By using a single plot it is easier to observe any changes and the complete picture of all the 

relevant ions are presented. A relative concentration simply means that if the value of a ion are equal 

to 1, the concentration of that ion are equal to the initial concentration of LSW. A relative 

concentration of 25 means that the ion concentration is 25 times higher than initial LSW. Since LSW 

are 25 times diluted SSW, a relative value of 25 equals initial concentration of SSW. Similar to the 

recovery figure, injection brine at the specific injection rate is explained by the blue boxes on top of 

the chart, separated by the black vertical lines. Complete results with concentrations in mole/liter 

are given in the appendix. 
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Figure 4.1: General characteristics of oil recovery and pH plot for different injection brines (Linear scale). 

Recovery (to the left) and pH (to the right) vs. pore volumes of brine injected. 

 

Figure 4.2: General characteristics of the anion and cation analysis. Presented as relative concentrations of 

LSW vs. pore volumes of brine injected 
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4.1.2 Core #4 - SSW flooding 

Figure 4.3 displays the recovery and pH measurements. During this flooding only SSW was injected, 

first at a rate of 4 PV/day (0.035 ml/min) and then increased to 16 PV/day (0.14 ml/min) to check for 

possible end effects. This was done mainly to observe if the increased rate had any effect on the 

recovery, which is useful for further comparisons of recovery and pH with different brines at the 

same rate. Also, the core is later used as a base case to compare imbibition to other cores flooded 

with different low salinity brines. It is observed that the recovery increases linearly and after 

breakthrough only a small amount of extra recovery is achieved. Final recovery was about 31%.The 

increased rate did not show any increase in oil recovery, which may be due to the fact that the 

injection rate and injection rate increase are still small compared to the measured permeability of 

the core, and oil cannot pass a zone where the flow velocity is lower than that for the onset of oil 

mobilization. A larger increase in injection rate would most likely result in a more significant increase 

in the recovery, however, for comparison to other published work and studies the rates were 

decided to be kept at 4 and 16 PV/day which seems to be the most accepted and used rates. In 

addition a maximum pressure in the injection well limits injections in oil fields, and a larger increase 

of the injection rate could not have any real value other than research purposes.  

The pH of the injected SSW was measured to 7.9 units, and the effluent was measured to about 7.75. 

The decrease in pH might be an indication of some brine-rock interaction occurring, the decrease are 

however small. The slightly lowered pH during injection of SSW is consistent with other flooding 

experiments performed on similar sandstone (RezaeiDoust, 2011; Aruoture, 2013).  

Figure 4.4 presents the pressure drop, it can be observed that the pressure drop increases with 

recovery, and then remains fairly constant at about 10 mbar. After about 2.5 PV the pressure drop 

can be seen to decrease, but with some fluctuations in the readings. At an increased rate the 

pressure increases again. 
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Figure 4.3: Oil recovery and pH plot for SSW injection at different rates (Linear scale). Recovery (to the left) 

and pH (to the right) vs. pore volumes of brine injected. 

 

 

Figure 4.4: Pressure drop in milli-bar for SSW brine injection, plotted against injected pore volume of brine. 

4.1.3 Core #5 - LSW flooding 

4.1.3.1 Oil recovery and pH effects 

In this flooding a core with similar properties as the previous experiment, and same flooding 

parameters was used. However, the brine injected was LSW, which is SSW diluted 25 times, the 

complete composition is listed in the experimental section or appendix. The flooding was performed 

to be able to directly compare SSW and LSW from Swi. Figure 4.5 shows the recovery and pH 

measurements plotted against injected PV. It can be observed that the recovery increases linearly, 

and as the previous case, little oil is produced after breakthrough. Final recovery was 22%, a lower 
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value compared to SSW (31%) as initial flooding fluid, but it can be noted that the initial water 

saturation of this core was a little higher, decreasing the recovery potential. Another explanation 

could be the release and migration of fines, possibly plugging pore throats, increasing the residual oil 

saturation. 

During the injection of low salinity brine a significant increase in the pH was measured, with a delta 

increase of about 1 unit. The pH of the injecting brine was measured to be about 7.4 units, and the 

effluent measured had an increasing trend, at about 8.4 units at the end of the low rate period. 

Increasing the injecting rate lead to a further increase in effluent pH, to about 8.6 units. Increase in 

the pH during injection of low salinity is observed in some, but not all experiments. As mentioned 

earlier in this thesis, the pH increase is explained as a possible mechanism for low salinity flooding 

(Austad et.al., 2010; McGuire et.al., 2005). However, low salinity flooding with an significant increase 

in recovery have been performed without any increase in pH (Lager et.al., 2006). Other researchers 

have observed an increase in the effluent pH of 1-3 units for non-buffered systems (Austad et.al., 

2010; Cissokho et.al., 2009; McGuire et.al., 2005; RezaeiDoust et.al., 2009; Aruoture, 2013).  

The increase in pH is most likely due to brine-rock interactions, which are ion exchange and 

dissolution. Sandstone usually contains a small amount of carbonate in the form of cementing 

material, and the dissolution of carbonate could explain the increase in pH. 

                       
       

Similarly the cation exchange mechanism between the brine and mineral surface could also be a 

reasonable explanation of the increased pH, as both dissolution and cation exchange reactions are 

accelerated as the low salinity brine are injected.   

                                   

The increased concentration of carbonate and calcium in the effluent supports this theory. However, 

it is observed that the relative increase of carbonate is much higher than calcium. Multi-component 

ionic exchange has previously been suggested as a possible mechanism (Lager et.al., 2006; Ligthelm 

et.al., 2009), see previous sections for a complete explanation of the mechanism. If divalent cations 

were adsorbed by the rock matrix, the concentration of Ca2+ and Mg2+ should be strongly reduced. 

This could explain why the concentration increase of Ca2+ is relatively small compared to the 

carbonate. However, the concentration of Mg2+ do not change significantly during the flooding, as 

reported by Lager et.al., 2006. The high levels of potassium (K+) indicate dissolution of kaolinite, 

which will be discussed in the next section. 
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Figure 4.5: Oil recovery and pH plot for LSW injection at different rates (Linear scale). Recovery (to the left) 

and pH (to the right) vs. pore volumes of brine injected. 

 

Figure 4.6: Semi-log plot of the cation and anion concentrations in the effluent from LSW flooding. Values are 

presented as relative concentrations plotted against injected PV. See appendix for data. 
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4.1.3.2 Pressure drop 

Compared to SSW as the initial flooding brine it can be observed from figure 4.7 that the pressure 

drop measured are much higher for LSW as initial flooding brine. The core properties are basically 

identical, and it can be concluded that the increase in pressure drop compared to SSW are significant. 

Injection of high salinity brine leaves the clay and wetting state more or less undisturbed (Lager 

et.al., 2006), however, as low salinity brine is injected a partial mobilization of mixed wet particles 

could occur. Tang and Morrow, 1999a, reported a sharp increase in pressure drop across the core as 

low salinity brine was injected, often accompanied by a small amount of solid particles in the 

effluent. Clay particles are attracted to the rock surface by a balance between colloidal (van der 

Waals attractive forces, electrostatic forces), capillary and mechanical forces. Low salinity brine 

causes the electrical double layer to expand, and possibly stripping some of the clay particles. 

Migrating fines blocking the smaller pores could explain the increase in pressure drop. The change in 

wetting patters towards more water-wet and a decrease in trapping of oil in the presence of clay 

particles are useful to increase the oil recovery. Mineral dissolution, which seems to be the case with 

LSW, as previously explained, can explain the increase in pressure by the release of fine particles. 

Li, 2011, proposed that the increased oil recovery observed with the injection of low salinity brine is 

associated with a negative pressure gradient higher than that during the high salinity brine injection 

at the same flow velocity, causing mobilization of discontinuous oil and increased sweep efficiency. 

Swelling clay aggregates, or migrating clay particles and crystals leads to reduced water permeability 

due to blockage of porous network. Increased oil recovery from injection of low salinity brine is 

therefore dependent on flow velocity and flow acceleration. The first experiment with SSW as initial 

flooding brine proved that an increase in the injection rate did not increase the oil recovery within 

the error limit, thus the increased negative pressure gradient from low salinity injections will not 

have any effect either. Rearranging the equation for the generalized Darcy’s law for the water phase 

gives a formula for the water permeability (Kw). 

(4.1)    
  

 
    

    

  

   

  
    

  

  

   

  
 

 

(4.2)        
    

   
 

Water viscosity and water injection flow rate is controlled constant, the increase of negative pressure 

gradient in water can therefore be resulted by the reduction of water permeability during the 

injection of low salinity water. Li proposed that there are two factors that control the reduction of 

water permeability in cores with the same lithology, which is uncoated clay and diluted salinity of the 
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injected water, both determine the reduction in water permeability by clay plugging. Proposing that 

the hypothesis that increased oil recovery is due to the release of adhering oil drops on clay fines at 

the pore walls is contradictory to the fundamental concept that residual oil is trapped due to 

capillary pressure actions. It can be noted that the simulations performed in the next section also 

shows a reduction in relative water permeability for low salinity injections compared to high salinity 

synthetic seawater.  

As the injection rate is increased the pressure drop does not increase notable. This might be a result 

of clay activities and/or redistribution of phases. It is worth mentioning that a reduction in the 

pressure drop might also indicate a less water-wet situation, and it is interesting that the pH are 

further increased when the injection rate are increased, which could indicate that the reactions are 

accelerated due to the increased exposure to injection fluid. However, if the increased pressure is 

caused by pore plugging and swelling of clay, the increased rate may lead to some release of 

particles, increasing the permeability.  

 

Figure 4.7: Pressure drop in milli-bar for LSW brine injection, plotted against injected pore volume of brine. 

 

Figure 4.8: Comparison of pressure drop for SSW (blue) and LSW (red) brine injection at low and high rate. 

Pressure drop in milli-bar, plotted against injected pore volume of brine. 
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4.1.4 Core #6 – SSW/LSW flooding 

Using the same brine compositions and a core with similar properties a more conventional flooding 

was performed. Flooding with SSW from Swi, and then switching to LSW as a secondary injection. As 

the injection fluid is changed, a small shut-in period is carried out.  

4.1.4.1 Oil recovery and pH effects 

From initial water saturation the core was flooded with SSW until no more oil was produced, or for at 

least 4 PV. The injection fluid was then changed to LSW (25 diluted seawater). Injection rate was 

constant at 4 PV/day for both fluids, until no more oil was produced from the LSW, the rate was then 

increased to 16 PV/day to check for any end effects. At the end of the flooding the injection fluid was 

switched back to SSW again, and at least 2 PV were injected to prepare the core for a new round of 

oil injection and aging.   

Figure 4.9 shows the oil recovery versus injected PV, together with injected and measured pH. As the 

SSW was injected, there was a piston like displacement of oil, and after breakthrough little oil was 

produced, similar to the previous floodings. Final recovery was 30%. The pH of the injected SSW was 

measured to be 7.9 units, pH of the effluent were measured to around 7.6 units during SSW 

injection. Ion concentration of the effluent was more or less stable during this first stage.  

After 4 PV the injection fluid were changed to LSW. The oil production did not increase beyond the 

error limit of the experimental setup, meaning that no significant oil recovery was observed. The lack 

of response was surprising as it was believed that the low salinity would have an effect on sandstone 

containing clay, there are however several authors who also reported mixed results for low salinity 

field and corefloods (Alotaibi et.al., 2010; Sandengen et.al., 2011; Skrettingland et.al., 2010; Thyne 

et.al., 2011; Zhang & Morrow, 2006). A response in pH was however observed, which increased by 

about 0.8 units, as in the previous flooding with LSW as the single flooding brine.  

From figure 4.10 it can be observed that the lowered ion concentrations had a response time as the 

low salinity brine where introduced. What is interesting is that the HCO3
- seems to respond faster, as 

the concentration quickly dips with the introduction of low salinity brine. However, the 

concentration of carbonate remains quite high during the whole flooding period. Similar to the 

previous experiment, the concentration of Ca2+ showed a slight increase (1.27 mM/l), but not as high 

as the HCO3
-(0.48 mM/l). As previously stated it can be concluded that the increase in pH is most 

likely due to brine-rock interactions, which are ion exchange and dissolution of minerals. Magnesium 

and calcium remains quite constant after the initial dip in concentration, indicating that no multi-

component ionic exchange is occurring.  
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Figure 4.9: Oil recovery and pH plot for SSW injection followed by LSW at different rates (Linear scale). 

Recovery (to the left) and pH (to the right) vs. pore volumes of brine injected. 

 

 Figure 4.10: Semi-log plot of the cation and anion concentrations in the effluent from SSW and LSW brine 

flooding. Values are presented as relative concentrations plotted against injected PV. See appendix for data. 
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Austad et.al., 2010, proposed a chemical mechanism based on desorption by acid/base reaction, this 

mechanism is also explained in the theory section of this paper. Austad proposed that the most 

important factors for a successful low salinity flooding in matter of increased oil recovery are the 

type and amount of clay, composition of initial brine present, initial equilibrium pH and the presence 

of acidic and basic compounds in the oil, as well as ionic strength and composition of the low salinity 

brine. Basically, the proposed mechanism suggest that flooding with a brine containing low 

concentration of surface active inorganic cations, the chemical equilibrium between clay surface, 

polar oil components and initial brine are disturbed, causing a desorption of cations from the clay 

surface. Cations in the brine could then compete for the unoccupied negative site on the clay 

surface, H+ could adsorb since it has the strongest affinity toward the clay surface. If the H+ ions are 

adsorbed, the pH would increase close to the clay surface, and is believed to be the main reason for 

desorption of organic material from the clay surface. 

     
                             

                                    

The fact that the injection of low salinity brine did not show any increased recovery, or that the Ca2+ 

did not increase as much as expected might be due that other important parameters for the 

proposed mechanism are not present in these experiments. The adsorption of polar components 

onto the clay surface is believed to be dependent of the pH of initial brine / formation water, a pH of 

6-7 units are relatively large, and might reduce the clays ability to adsorb organic material. The pH of 

the SSW used as initial brine in these experiments was measured to be around 7.8 units, which could 

reduce the low salinity flooding potential that are dependent on the initial wetting state of the core. 

The small recovery increase after BT might be an indication of the water-wetness of the rock surface. 

In addition a negative zeta potential material present in the core is essential, and the increased 

recovery potential of low salinity brine is believed to be dependent on the CEC of the clay present. 

The CEC will benefit the process in the order of kaolinite<illite<montmorillonite (RezaeiDoust, 2011). 

However, another explanation are given by Huertas et.al., 1999. They studied the kinetics of the 

dissolution of kaolinite by following the evolution of dissolved Si and Al concentrations at various pH. 

The dissolution rate constant showed inflections at pH ≈ 4 and ≈ 10, above and below these values 

the dissolution rate displays strong pH dependence. In neutral conditions the rates are much less 

dependent upon pH. It can be observed that the concentration of potassium (K+) in the effluent is 

slightly increased, at an average of 0.94 mMole/l, compared to the injection brine at 0.4 mMole/l. 

The increased concentration is most likely due to the dissolution of minerals. Solid analysis of the 
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sandstone used in the experiments shows that Muscovite and Microline are present, both containing 

potassium. The increase in the dissolution rate can be caused by the increased pH.  

The amounts of kaolinite present in the cores used in this study are relatively small, which can 

explain why there is indications of an increased dissolution rate, but no increase in the recovery. In 

addition, from the flooding of SSW in Core #4 it was shown that an increase of injection rate did not 

produce any measurable increase of oil, indicating that the oil is trapped. Due to the high 

permeability of the core the brine has already created a flow path, which seems to be sufficient to 

accommodate even the high flow rate. Any potentially released oil may therefore still be trapped, 

and a higher flow rate may be needed to be able to produce the oil. 

After a total of 8 PV was injected the rate was increased to 16 PV/day. No increase in the recovery 

was observed. The increased rate had an effect on the pH, which increased further by about 0.3 

units, a total increase compared to the injection brine of 1.1 unit. This indicates that the reactions 

occurring in the core are accelerated by the increased rate, there are however no extra oil 

production as a result. Another interesting observation is the increase in the concentration of 

potassium, K+, as the injection rate is increased. Other ions remain unchanged, including carbonate 

and calcium. The increased concentration of potassium can be explained by clay activities, mainly the 

dissolution of kaolinite, and it can be observed that the increased concentration are strongly related 

to the increase in pH, a good indication of the dissolution rate dependence upon pH. 

Another explanation is that some of this released clay is trapped in the pores, reducing the 

permeability. As the injection rate is increased some of this clay may be released, explaining why the 

concentration of potassium increases, and the pressure drop remains more or less constant. 

At the end of the experiment, after a total of 12 injected PV, the brine is changed once more back to 

SSW. The pH quickly decreased to its previous value at the first stage of the flooding. All ions except 

carbonate, HCO3
-, increased to approximately the value of the injected brine.  

4.1.4.2 Pressure drop 

Unfortunately, because of maintenance and repairs on the electrical system at the university, some 

data were lost. This includes the pressure data for this and the next flooding. I can only speculate, 

but after the power outage the pressure gauge and computer were no longer synchronized and the 

pressure readings were not usable. Due to the fact that this problem occurred only days before 

Easter, the technicians with knowledge of how to fix the problem were not available. However, some 

data were simply recorded manually during the flooding. The readings from the display are 

unfortunately not as precise as when the computer records accurate values.  
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Similar to the first flooding with SSW the pressure was observed to be increasing during the first 

hours, until it stabilized at about 10 mbar. After switching to low salinity brine there was a short 

response time, the pressure drop then increased steadily, and stabilizing at about 20 mbar. It can be 

concluded that the pressure drop did increase after the low salinity was injected. As discussed in the 

previous section, the increased pressure might be a result of the expansion of the electrical double 

layer, and possibly stripping some of the clay particles, and reduction of water permeability.  

4.1.4.3 Diffusion 

For a non-steady state, where the concentration within the diffusion volume changes with respect to 

time, Fick’s second law may be used, eq. 2.12 section 2.4.5: 

(2.12) 
  

  
    

   

    

It can be shown that an exact solution to the diffusion equation in Fourier space is 

(4.3)  ̂           ̂            | ⃗⃗ |
 
  

From the experiments it can be shown that the diffusion follows the equation given below 

(4.4)                     
    

  = constant 
x = Pore volumes injected 
             = diffused concentration and initial concentration, respectively 

 

 

Figure 4.11: Concentration of ions by injected pore volume of LSW (Semi-log scale). Equation given in the 

chart is for Magnesium. 
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Figure 4.11 represents the decreasing concentration of some of the ions from the flooding, starting 

with SSW concentration and the end point as the concentration stabilize. From the figure it can be 

seen that the mixing zone are approximately 2.3 PV, and the decrease is exponential for all ions 

tested, except for carbonate. The diffusion equation for each ion is given below. 

                                  

                                  

                                 

                                 

                                   

                                 

The concentration of the measured ions never quite reach LSW levels, this is however expected as 

the diffusion would slow down significantly at such low concentrations levels. A lot more than 4 PV 

would need to be injected before the effluent is equal to injected brine.  

4.1.5 Core #7 – SSW/SO4 flooding 

This core was flooded with SSW from Swi, and then switching to SO4 brine as a secondary injection, 

see experimental section for complete composition. As the injection fluid is changed, a small shut-in 

period is carried out.  

4.1.5.1 Oil recovery and pH effects 

Following a similar procedure, from initial water saturation the core was flooded with SSW until no 

more oil was produced, or for at least 4 PV. The injection fluid was then changed to SO4 brine, 

consisting of sodium sulfate (Na2SO4) at synthetic seawater concentration (0.024 mole/l). Injection 

rate was constant at 4 PV/day for both fluids, until no more oil was produced from the SO4 brine, the 

rate was then increased to 16 PV/day. At the end of the flooding the injection fluid was switched 

back to SSW again, and at least 2 PV were injected to prepare the core for a new round of oil 

injection and aging.   

Figure 4.12 shows the oil recovery versus injected PV, together with injected and measured pH. The 

end recovery and curve was similar to the previous SSW floodings, with a linear recovery until 

breakthrough and little oil production thereafter. Final recovery was about 30%. The pH followed the 

same trend as the previous flooding, with a small decrease from the injected SSW at about 0.3 pH 

units. As the SO4 brine was injected the pH started to increase, from a measured pH at about 6.5 
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units of the injection brine, to a pH of about 9.1 units in the produced effluent at the low injection 

rate. That is an increase of about 2.6 units, and the increase in pH is larger than for the LSW injection, 

with an increase of 0.7 units. It is interesting to observe that the monitored pH in the effluent 

increased exponentially, an increase which can be explained based on the presence of HCO3
-. In 

addition, as the injection rate were increased there was an even larger increase of the pH, to a 

maximum measured pH of about 9.7 units, an increase of 3.2 units.  

Huertas et.al., 1999, reported that the dissolution rate of kaolinite displays strong pH dependence, 

and Al sites form negative surface complexes above pH 9. The effluent showed an average 

concentration of 3.1 mMole/l for potassium (K+), which is not in the injected water composition. The 

ion analysis also indicated the presence of average of 0.5 mMole/l of bicarbonate (HCO3
-). SO4 

injection brine has a higher ionic strength compared to LSW, at 0.072 mole/l and 0.0263 mole/l 

respectively, indicating that the dissolution of clay and increase in pH have other mechanism in play, 

not only electrostatic forces. 

The relatively low clay fraction in the sandstone cores used is a reasonable explanation to why there 

was no increased oil production, even though the dissolution was high. 

McGuire et.al. (2005) suggested that the increased pH leads to some saponification action, which 

results in the low salinity action. McGuire also attributed the pH increase to combinations of ion 

exchange and dissolution that occurs at low salinity conditions, the insitu generated alkaline may 

then act to improve recovery. The drawback is that not all lab experiments with successful low 

salinity effect have observed an increase in pH, and in this case there was a large increase in pH, but 

no increase in recovery. In addition, the presence of a buffer such as CO2 may prevent any pH 

increase in field reservoirs.  

Figure 4.13 present the results from the ion chromatograph, bear in mind that the results are still 

presented as a relative to 25 times diluted seawater to be able to better compare the floodings. 

Complete results in molar concentrations are presented in the appendix. From the analysis it can be 

observed that the concentrations of magnesium and chloride are quite low, however, for the pure 

injection brine these are zero. The calcium are approximately the same concentration as LSW (0.52 

mM/l), which is a magnitude lower than the values obtained in the previous flooding with LSW, 

however, when taken into account that the injection brine initially contains no calcium the relative 

increase are about the same when compared to the injection of LSW. Carbonate remains on the 

same level, a small increase when compared to the LSW flooding taking into account the initial 

injection brine concentration. The increase in potassium is substantially larger. 
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Figure 4.12: Oil recovery and pH plot for SSW injection followed by SO4 brine at different rates (Linear scale). 

Recovery (to the left) and pH (to the right) vs. pore volumes of brine injected. 

 

 

Figure 4.13: Semi-log plot of the cation and anion concentrations in the effluent from SSW and SO4 brine 

flooding. Values are presented as relative concentrations of LSW, plotted against injected PV. See appendix 

for data. 
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4.1.6 Core #8 – SSW/Mg flooding 

Following a similar procedure, from initial water saturation the core was flooded with SSW until no 

more oil was produced, or for at least 4 PV. Secondary injection fluid was then changed to Mg brine, 

consisting of magnesium chloride (MgCl2) at synthetic seawater concentration (0.045 mole/l). 

Injection rate was constant at 4 PV/day for both fluids, until no more oil was produced or for at least 

4 PV, the rate was then increased to 16 PV/day to check for any end effects. At the end of the 

flooding the injection fluid was switched back to SSW again, and at least 2 PV were injected to 

prepare the core for a new round of oil injection and aging.  The end recovery and curve was similar 

to the previous floodings, with a linear recovery until breakthrough and little oil production 

thereafter, recovery was however a little lower with this core at 27%. A decrease in the pH of about 

0.2-0.3 units was measured for the effluent during SSW injection.  

As the Mg brine was injected no extra oil recovery was observed. The pH of the effluent increased 

about 1.25 units compared to the injection brine, a relatively large increase, but due to the fact that 

the injection brine has a low pH at 6.8 units the effluent only reached a pH of 8 units.  Compared to 

the LSW and SO4 brine injection that reached a pH of 8.5 and 9.65 units, respectively, the pH was 

relatively low. Ionic strength of the injected low salinity brine was however higher in this case at 

0.135 mole/l, which might reduce the brine-rock interactions taking place. At low ionic strength the 

electrostatic forces between clay particles are usually high, resulting in deflocculating. From figure 

4.14 it can be observed that the potassium concentration of the effluent are significantly lower, but 

carbonate remains on a steady high level at approximately 0.54 mMole/l. Calcium concentrations 

was on the same level as the SO4 flooding (0.38 mMole/l), which is an indication that the low levels 

of calcium cannot be explained by reaction with sulfate, since there are very low concentrations of 

sulfate present in both the injection brine and effluent. It is however important to consider that the 

core is initially saturated with SSW, and the two brines will not displace each other, but they will 

diffuse and mix. It can therefore be expected that it takes a considerable long time before the 

effluent reaches injection brine concentrations. As the injection rate was increased to 16 PV/day, 

there was no change in pH or concentration of potassium. This could indicate that the reactions 

occurring by the injection of Mg brine are slow, and not limited by the injection rate. 

Low concentration of potassium (0.06 mMole/l) indicates that the brine-rock interactions are small. 

Injection brine has a higher ionic strength, and the magnesium concentrations are at SSW levels, 

both of these parameters could limit the reactions occurring. A higher concentration of divalent ions, 

such as Ca2+ and Mg2+, have been reported to reduce the low salinity effect (Jerauld et.al., 2008).  
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However, the pH was at a level where the dissolution rate of kaolinite is low, hence the low 

concentration of potassium. Unlike the case of the NaSO4, where the pH seems to be above the 

inflection point, and the dissolution rate is pH dependent.The pressure is observed to be slowly 

increasing, which indicate some release of fines. 

 

Figure 4.14: Semi-log plot of the cation and anion concentrations in the effluent from SSW and LSW.Mg brine 

flooding. Values are presented as relative concentrations plotted against injected PV. See appendix for data. 

 

Figure 4.15: Oil recovery and pH plot for SSW injection followed by Mg brine at different rates (Linear scale). 

Recovery (to the left) and pH (to the right) vs. pore volumes of brine injected. 
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Figure 4.16: Pressure drop in milli-bar for SSW followed by LSW.Mg brine injection, plotted against injected 

pore volume of brine. 

4.1.7 Core #10 – Mg/LSW flooding 

From initial water saturation the core was flooded with Mg brine until no more oil was produced or 

for at least 4 PV at an injection rate of 4 PV/day. Injection brine was then changed to LSW, at an 

injection rate of 4 PV/day until no more oil was produced or 4 PV was injected, injection rate was 

then increased to 16 PV/day to check for any possible end effects. The experiment was then ended. 

The first part of figure 4.17 show the recovery and pH measured obtained for the injection of Mg 

brine. A linear recovery until breakthrough is observed, and little oil production thereafter. Final 

recovery was 24%, a small increase compared to LSW (22%) as initial flooding brine. This is however 

not above the error introduced by reading of the volumes. Because of the higher ionic strength of Mg 

brine (0.135 mole/l) compared to LSW brine (0.0263 mole/l), and low pH levels, possibly reducing the 

level of brine-rock interactions, a performance closer to SSW would not be unreasonable. 

Measured pH of the injection brine was about 6.8 units, and the largest increase was measured to 

1.1 units. This is a similar result to the previous flooding, were Mg brine was injected as a secondary 

fluid. As the injection brine is switched to LSW the pH remains on the same level for approximately 4 

PV before a decrease is observed, the pH decreases to injection levels at 7.5 units, the remaining oil 

saturation is unchanged. The slow response in pH may be explained by the presence of HCO3
-, which 

has the capacity to act as a buffer.  

Figure 4.18 shows the pressure drop during the flooding of different brines. Pressure is increasing 

during production, before stabilizing at the end. It can be observed that the pressure drop increases 

with an increasing pH, indicating some brine-rock interaction occurring. The slowly increasing 

pressure could be explained by fine detachment, which seems to be accelerated by the LSW. 
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Indicating that the pH is high enough to cause reaction with high surface particles on the clay, 

however, pH is not sufficiently increased to dissolve the released fines, causing a blocking of the 

pore.  

 

Figure 4.17: Oil recovery and pH plot for Mg injection followed by LSW brine at different rates (Linear scale). 

Recovery (to the left) and pH (to the right) vs. pore volumes of brine injected. 

 

Figure 4.18: Pressure drop in milli-bar for Mg brine followed by LSW brine injection, plotted against injected 

pore volume of brine. 
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4.1.8 Core #12 – SO4/LSW flooding 

From initial water saturation the core was flooded with SO4 until no more oil was produced or for at 

least 4 PV at an injection rate of 4 PV/day. The injection brine was then changed to LSW, at an 

injection rate of 4 PV/day until no more oil was produced or 4 PV was injected, injection rate was 

then increased to 16 PV/day to check for any possible end effects. The experiment was then ended. 

Final recovery was 23%, with most of the oil recovered before water breakthrough. Increase in pH 

are however larger, with a delta pH of 2.9 units. The pH remains high as the injection brine is 

switched to LSW, but after approximately 3.5 PV of LSW are injected the pH rapidly decreases to 

injection levels at 7.5 units. As previously mentioned, the slow response in pH may be explained by 

the presence of HCO3
-. Pressure drop can be observed to be increasing and decreasing, likely caused 

by detachment and migrating fines. Due to the high pH any released fines (kaolinite) will likely 

dissolve and brake down, and the blocking of a pore may only be temporary. Switching to LSW brine 

decreases the pH to a level not sufficient to dissolve the particles, and pressure increases to a steady 

high level.  

 

Figure 4.19: Oil recovery and pH plot for SO4 injection followed by LSW brine at different rates (Linear scale). 

Recovery (to the left) and pH (to the right) vs. pore volumes of brine injected. 
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Figure 4.20: Pressure drop in milli-bar for SO4 brine followed by LSW brine injection, plotted against injected 

pore volume of brine. 
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4.2 Imbibition 

Spontaneous imbibition (SI) with SSW was performed on the flooded cores to check if the different 

brines had altered the core properties in any way. The objective was to understand the mechanism 

behind the effects of different brines on oil recovery. After the first set of flooding experiments was 

conducted, the cores were re-saturated with oil and aged for a minimum of 2 weeks. Spontaneous 

imbibition was then performed in Amott-cells with SSW at increasing temperatures. The exception is 

core number 11 and 12, were different brines were used as initial imbibing fluid, and no flooding was 

performed. 

Core # Flooding brine 

Sequence 

Swi OOIP [ml] Boundary 

Conditions 

Temperature 

[oC] 

Initial 

Imbibing 

fluid 

Second 

Imb. 

fluid 

#4 SSW 0,23 10,2 Open 23, 50,70 SSW LSW 

#5 LSW 0,26 9,8 Open 23, 50,70 SSW LSW 

#6 SSW-LSW-SSW 0,19 10,7 Open 23, 50,70 SSW LSW 

#7 SSW-SO4-SSW 0,24 9,4 Open 23, 50,70 SSW SO4 

#8 SSW-Mg-SSW 0,21 10,4 Open 23, 50,70 SSW Mg 

#10 Mg – LSW 0,24 
9,6 

Open 23, 50,70 SSW Mg 

#11 - 0,20 10,6 Open 23, 50,70 Mg - 

#12 SO4 - LSW 0,25 
9,7 

Open 23, 50,70 SSW SO4 

#13 - 0,24 11,4 Open 23, 50,70 SO4 - 

Table 4.2: Core properties and parameters for the spontaneous imbibition performed in this section.  

4.2.1 Results 

Results for each core are presented in this section, the results is discussed in the next section.  

4.2.1.1 Core #4 

After establishing initial water saturation and aging for 2 weeks, core number 4 was flooded with 

SSW. At the end of the flooding experiment oil was injected until Swi was reached, the core was then 

aged for another 2 weeks. Spontaneous imbibition was then performed with SSW as imbibing fluid. 

The core was only flooded with initial aging brine, it is assumed that the brine has little effects on the 

core except displacement of oil, and are therefore used as a baseline to compare the effects of the 

different low salinity brines.  
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At room temperature 22.6% of originally oil in place (OOIP) was recovered at about 1 hour, 

increasing to 23.1% after 48 hours. Main bulk of recovery was relatively fast compared to the flooded 

cores, and it was observed that the recovery followed to some extent the relationship between 

imbibition rate and time as presented by Mattax et.al., 1962, see eq. 2.70 at section 2.10.4. 

Rate difference could be associated with different wetting states and/or a change in pore structure, 

in addition to the fact that the core parameter differs slightly for each core. After the imbibition had 

stabilized and no more recovery was obtained, the temperature was increased to 50 0C. Recovery 

was observed to increase to 26.5% after about 9 hours, a relatively small delta increase of 3.9%. A 

further increase to 30% was obtained when increasing the temperature to 70 0C, the recovery rate 

was however small, as the recovery increased by 3.5% over a period of 3 days. After the imbibition 

had stabilized, the brine was switched to LSW, still at 70 0C. The LSW brine increased the recovery by 

1.5% after a period of 24 hours, most likely caused by an increase in the interfacial tension (IFT). 

 

Figure 4.21: SI on core number 4 with SSW as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. Previous flooding sequence: SSW. 

4.2.1.2 Core #5 

Core number 5 was flooded with LSW before re-injection of oil, aging and then the spontaneous 

imbibition was performed. At room temperature a recovery of 26.4% was obtained after 1 hour, a 

small gain compared to core #4 (22.6%), flooded with SSW, initial water saturation was however a 

little higher in core #5, increasing the recovery. The recovery curve was observed to behave 

differently, as it continued to increase after the main recovery period, in contrast to SSW flooded 

core. After 3.5 hours the recovery had slowly increased to 29.5 %, finally stabilizing at 31.5% after 2 

days. The increase in recovery by 5.1% after the main recovery period can be considered significant. 
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At 50 0C a further increase to 34% was observed after 9 hours. Following the same regime as at room 

temperature, recovery increased to 34.6% after 24 hours at 50 0C. Delta increase is at 3.1%, which is 

not a significant change compared to the SSW flooded core at the same temperature change.  

Recovery slowly increased to 38.7% after a long period of 5 days at 70 0C. Total difference in recovery 

was about 8.7% between the LSW and SSW flooded core, even though the same imbibing brine was 

used. After the imbibition had stabilized, the brine was switched to LSW at 70 0C. The LSW brine 

increased the recovery by 1.0% after 24 hours, this is however not within the error limit introduced 

by reading of the values of the amott cell. 

The relatively small difference in recovery gain at a temperature increase between the cores might 

indicate that the main driving mechanism is fluid expansion and a lowered interfacial tension. 

Increased recovery for this core is mainly due to the differences at room temperature, where the 

core flooded with LSW had a significant longer recovery period.  

 

Figure 4.22: SI on core number 5 with SSW as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. Previous flooding sequence: LSW. 

4.2.1.3 Core #6 

Core number 6 was flooded with both SSW and LSW before re-injection of oil, aging and then the 

spontaneous imbibition was performed.  

At room temperature a recovery of 26.5% was obtained after 1 hour, with a further increase to 

29.9% after 4 hours. 24 hours later the recovery had increased to 31.7%, where the imbibition 

stabilized and no further recovery was observed. At 50 0C the recovery increased to 35.5% after 3 

days. A further increase to 39.1% was achieved at 70 0C. Switching to LSW brine at 70 0C increased 

the recovery by 1.4% within 48 hours. 
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Figure 4.23: SI on core number 6 with SSW as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. Previous flooding sequence: SSW-LSW-SSW. 

4.2.1.4 Core #7 

Core number 7 was flooded with both SSW and SO4 before re-injection of oil, aging and then the 

spontaneous imbibition was performed. At room temperature the recovery increased rapidly to 

22.4% after about 40 minutes (0.66 hours), no increase in the recovery was observed after the first 

hour. Recovery increased to 25.6% at 50 0C after 1 hour, with a small increase to 26.1% after 3 days. 

Total delta increase was at 3.7%, similar to the previous cores, but the increase occurred within a 

shorter time frame.At 70 0C a slow process was observed with an increase to 27.1% after 7 hours, 

and a total recovery at 29.3% after 6 days, following a similar trend as the SSW flooded core. 

Switching to SO4 brine at 70 0C increased the recovery by 0.5% within 24 hours. 

 

Figure 4.24: SI on core number 7 with SSW as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. . Previous flooding sequence: SSW-SO4-SSW. 
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4.2.1.4 Core #8 

Core number 8 was flooded with both SSW and Mg brine before re-injection of oil, aging and then 

the spontaneous imbibition was performed. The SI and recovery curve was observed to differ from 

other cores with different flooding brine. Recovery and the imbibition process was slow, at room 

temperature a total of 18.3% was recovered, with the main recovery stage lasting for 3.5 hours with 

a recovery of 16.8%. Even though the imbibition of SSW lasted for a longer period of time, as with 

the LSW flooded core #5 and #6, the displacement and recovery rate was significantly lower.  

A similar result was obtained at 50 0C, with a slow and steady increase to 22.1% recovery within 2 

days. The recovery rate at this temperature had a much longer tail when comparing the cores, 

indicating that the process was more time consuming. A similar curve was observed when increase 

the temperature to 70 0C, with an increased recovery to 25.9% within a period of 7 days. Switching to 

Mg brine at 70 0C increased the recovery by 1.0% within 24 hours. 

 

Figure 4.25: SI on core number 8 with SSW as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. . Previous flooding sequence: SSW-Mg-SSW. 

4.2.1.5 Core #10 

Core number 10 was flooded with Mg brine followed by LSW. Initial imbibing fluid was SSW at 

increasing temperatures. It seems that the imbibition follows a similar pattern as Mg flooded core 

(#8), with an even lower recovery (15.6%) at room temperature. However, final recovery at 70 0C was 

24.9%, only 1% lower than #8, as the recovery increased in larger steps at increased temperatures, 

especially at 70 0C. Switching to Mg brine at 70 0C increased the recovery by 1.6% within 48 hours. 



102 
 

 

Figure 4.26: SI on core number 10 with SSW as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. . Previous flooding sequence: Mg-LSW. 

4.2.1.6 Core #11 

Core number 11 was not flooded with any brine, a fresh core was saturated with SSW and oil, then 

aged for 2 weeks. The initial imbibition brine was Mg at increasing temperatures. The recovery at 

room temperature can be characterized as slow and steady, only reaching 17.9% after 24 hours. Final 

recovery was 28.3%, and it does seem like the magnesium ion become more active at increased 

temperatures, especially at 50 0C.  

 

Figure 4.27: SI on core number 11 with Mg as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. No flooding was performed on this core.  

4.2.1.7 Core #12 

Core number 10 was flooded SO4 brine followed by LSW. Initial imbibing fluid was SSW at increasing 

temperatures. At room temperature the recovery increased rapidly to 19.8% after about 30 minutes 

(0.5 hours), after 24 hours the recovery had increased to 22.3%. At 50 0C the recovery only increased 

by 0.5% within a few hours, the imbibition then stopped and was stable for several days. The reason 
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for the small increase is not known, and might be an experimental error. However, as the 

temperature was increased to 70 0C there was a large and steady increase in recovery to 29.5%. 

Switching to SO4 brine at 70 0C increased the recovery by 1.0% within 24 hours. 

 

Figure 4.28: SI on core number 12 with SSW as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. Previous flooding sequence: SO4-LSW. 

4.2.1.8 Core #13 

Core number 13 was not flooded with any brine, a fresh core was saturated with SSW and oil, then 

aged for 2 weeks. The initial imbibition brine was SO4 at increasing temperatures. Recovery at room 

temperature reached 23.2% after 1 hour, with a slow increase to 24.1% after 24 hours. At 50 0C and 

70 0C, the recovery reached 25.4% and 30.2%, respectively. 

 

Figure 4.29: SI on core number 13 with SO4 as initial imbibition fluid at increasing temperature. To the left: 

Semi-log plot of normalized recovery vs. time. To the right: Linear scale plot of recovery [fraction] vs. time in 

hours. No flooding was performed on this core. 
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Table 4.3: Summary of recovery at different temperatures, including delta increase at an increase in 

temperature. Note: At room temperature, main stage is characterized as the first few hours, late stage is a 

potential increase in imbibition after this time. Δ increase is the gain between late stage  and main stage at 

room temperature.   

pH 

Core Initial imbibing fluid Second imbibing fluid 

#4 - 8,20 [LSW] 

#5 - 8,14 [SO4] 

#6 7,16 [SSW] 7,54 [LSW] 

#7 7,52 [SSW] 7,73 [SO4] 

#8 7,31[SSW] 7,11 [Mg] 

#10 7,3 [SSW] 7,39 [Mg] 

#11 6,66 [Mg] - 

#12 7,14 [SSW] 8,06 [SO4] 

#13 6,72 [SO4] - 

Table 4.4: Measured pH of the imbibition brine when the experiment was ended.  
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(23C)
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stage(23C)

Δ increase 
(23C) 

Recovery
(50C)

Δ increase 
(50C) 

Recovery
(70C)

Δ increase 
(70C) 

#4 [SSW] 22,6 23,1 0,5 26,6 3,5 30,0 3,5

#5 [SSW] 29,5 31,5 2,0 34,6 3,1 38,7 4,1

#6 [SSW] 29,9 31,7 1,9 35,5 3,7 39,2 3,7

#7 [SSW] 22,4 22,4 0,0 26,1 3,7 29,3 3,2

#8 [SSW] 16,8 18,3 1,5 22,1 3,8 25,9 3,8

#10 [SSW] 14,0 15,6 1,6 19,7 4,2 24,9 5,2

#11 [Mg] 14,2 17,9 3,8 23,6 5,7 28,3 4,7

#12 [SSW] 19,8 22,4 2,5 23,4 1,0 29,5 6,1

#13 [SO4] 23,2 24,1 0,9 25,3 1,2 30,2 4,9
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4.2.2 Effect of flooding brine on spontaneous imbibition 

There is a significant difference in spontaneous imbibition for the cores flooded with various brines, 

even though the same imbibition liquid (SSW) was used. The core flooded with LSW displayed an 

increase in total recovery (8.7%) when compared to the baseline core (#4) with SSW, both imbibition 

rate and time is observed to increase, with the highest difference observed at room temperature. 

The core flooded with Mg brine displayed a small recovery (18.3%) at room temperature, and the 

imbibition rate was slow. A similar result was observed for the experiment using a non-flooded core 

with Mg as initial imbibition brine, with a relatively small and slow recovery (17.9%) at room 

temperature.  

These results indicate that the magnesium are slowly reacting with the rock, in addition the increase 

in recovery at increased temperatures are slightly higher, indicating that it becomes more active at 

higher temperatures, mainly at 50 0C. A temperature increase results in a decrease in interfacial 

tension between oil/brine solution as well as oil viscosity. Capillary imbibition rate are significantly 

increased by the reduced oil viscosity, interfacial tension affect the capillary imbibition rate in a less 

degree (Babadagli, 1996). 

Flooding with Mg brine somehow reduce the recovery and imbibition rate compared to core #4 

flooded with SSW. In contrast to the LSW flooding, the pH did not increase significantly when 

flooding with Mg brine. Low concentrations of potassium in the effluent and small increase in pH 

indicate that the brine-rock interactions and dissolution of kaolinite are small, leaving the minerals 

more or less undisturbed. 

The wetting process of sandstone is reported to be dependent on ion binding, and the process is 

highly temperature dependent (Buckley et. Al., 1998). The mechanism behind ion binding is when 

cations behave as bridges between the adsorption of negatively charged oil components to the 

negatively charged sites on the rock surface, like carboxylate and clay surface. The mechanism for ion 

binding provides the opportunity for negatively charged carboxylates to alter the wetting conditions 

to less water-wet for the negatively charged clay surface, and it is probably the dominant wetting 

mechanism in wetting alteration in sandstone reservoirs by acidic oil (Buckley, 1996). A higher 

concentration of divalent ions, such as Ca2+ and Mg2+, have been reported to reduce the low salinity 

effect (Jerauld et.al., 2008). Aruoture, 2013, based on simulations, showed that the concentration of 

divalent cations on clay surfaces was higher during injection of the low salinity brine than during 

injection of the high salinity brine. Explaining why low salinity brine containing relatively high 

concentrations of divalent cations can also change the wetting state towards a less water-wet state. 
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The wettability alteration could be explained by molecular diffusion into the initial saturating brine 

by various ions (sulfate, calcium, magnesium). If the surrounding fluid is different from the one inside 

the core, molecular diffusion will cause ionic concentrations fronts that move through the open faces 

of the core. A non-equilibrium state are created in the pore space that may cause chemical reactions 

in the aqueous phase, water-rock interaction on terms of dissolution/precipitation of minerals, as 

well as changes in the surface energy / surface charge. These reactions may lead to changes in the 

wetting state of the porous media, as the water-rock chemistry can have a strong influence on the 

wetting state.  

For the LSW flooded cores imbibition rate are observed to increase, and capillary pressure falls to 

zero and imbibition stops at an increased water saturation. This could be explained by an alteration 

in wettability towards more water wet. Both the flooding and resulting simulations performed 

indicate that the core becomes more water wet as LSW brine is injected, which is partially confirmed 

by the imbibition results obtained. Some clay dissolution was observed during flooding, less clay is 

therefore available during the aging process. Released fines, as observed in the flooding, could 

reduce the permeability, improving the sweep efficiency. Pore throats may also be affected, which 

may have an effect on the capillary pressure. 

No significant changes were observed by flooding a core with SO4 brine. Indicating that SO4
2- initially 

adsorbed on the pore surface is displaced by the SSW, returning the equilibrium at pore surface.  

4.2.3 Characterization of wettability at room temperature 

At the end of the aging process, the rock will behave as mixed-wet, as both water-wet and oil-wet 

pores exist in the core, strongly related to the distribution of connate water within a core (Salathiel, 

1973). A wettability alteration toward increased water-wetness is the most frequently suggested 

cause of increased recovery from LSW, as more oil is released from the rock surface during the 

alteration. The evidence is however often indirect. Spontaneous imbibition, or more precisely the 

rate of spontaneous imbibition can be used as a more direct way of comparing the wettability. The 

results can be scaled to include core and fluid properties.  

Babadagli, 1996, used the imbibition recovery curve to quantify wettability characteristics. Equation 

2.70 for capillary imbibition recovery was derived in section 2.10.4. 

(2.70)         
 

          
∫         

  

     

 

 
 √  

If all other parameters are constant, the slope C, is only a function of wettability. Babadagli, 1996, 

introduced a wettability index,     , ranging from 0 to 1, where the highest slope is equal to 1, 
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representing strongly water wet conditions. The wettability index as introduced does not contain all 

the parameters affecting imbibition, therefore Shahri et.al., 2012, derived a new index called the 

Normalization Index, eq. 2.71. Even though the wettability index introduced by Babadagli (1996) 

would be sufficient in this case, the Normalization Index would make it possible to compare the 

spontaneous imbibition performed in this study to a wider range of other work. 

(2.71)         
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]√  

Imbibition time for water-wet rock is lower than oil-wet rock, however, fluid and rock properties 

affect the imbibition rate and slope as well. For example both the permeability, interfacial tension, oil 

and water viscosities affect the slope of the curve. From figure 4.31 it can be observed that there are 

some deviation between the measurements and the theoretical straight line. There are some 

experimental errors introduced by both the reading of oil volume, and there will be some 

accumulation of oil at the surface of the core as the brine imbibes. In addition it is assumed that the 

core properties are the same as before the flooding, which need not to be the case.However, eq. 

2.70 and eq.2.71 are based on the important assumption that capillarity is the main force for 

imbibition, a deviation would indicate that imbibition is dominated or affected by forces other than 

capillarity. This is discussed at the end of this section. Nevertheless, a best fit can be used to compare 

cores. 

 

Figure 4.30: Straight line portion according to Babadagli, 1996. Recovery fraction plotted vs. square root of 

time [Seconds] for spontaneous imbibition at room temperature. Note: In the legend the core number is listed 

first, and then I for imbibition brine, and last F, for flooding sequence performed on the core. 
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Core nr. Slope C C* f(θ) NI 

#4 0,0049 2,49E-08 1,69E-07 0,859 0,900 

#5 0,0059 2,9E-08 1,87E-07 1,0 0,991 

#6 0,0053 2,84E-08 1,88E-07 0,979 1,0 

#7 0,0046 2,16E-08 1,5E-07 0,746 0,797 

#8 0,0027 1,4E-08 8,8E-08 0,484 0,468 

#10 0,0026 1,25E-08 7,16E-08 0,432 0,381 

#11 0,0029 1,54E-08 5,85E-08 0,530 0,311 

#12 0,0053 2,57E-08 1,64E-07 0,888 0,872 

#13 0,005 2,85E-08 1,28E-07 0,984 0,681 

Table 4.5: Wettability index according to Babadagli, 1996, and the Normalization Index (Shahri et.al., 2012).  

 

 

Figure 4.31: Normalization index calculated from the slope of imbibition rate for each core at room 

temperature. In the legend the core number is listed first, and then I for imbibition brine, and last F, for 

flooding sequence performed on the core. 

4.2.4 Dimensionless scaling 

When R(t) is plotted versus √  according to eq.2.70 , the wettability index is obtained from the slope 

of the straight line, the highest slope, is set equal to 1. A modified capillary dimensionless time 

containing the normalization index can then be used for an appropriate scaling of data. To be able to 

take account of all parameters affecting the imbibition rate, a dimensionless time for gravity can be 

incorporated (Shahri et.al., 2012).  

(4.5)         √
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(4.6)        √
 

 
 

 

√    
 
 

  
    

(4.7)         
      

  √    
    

        = Capillary dimensionless time, with normalization index 
       = Capillary dimensionless time 

       = Dimensionless time for gravity  
t = time 
K = absolute permeability 
Φ = porosity 
σ = interfacial tension 
μ = viscosity 
L = length of the core 
LC = characteristic length, shape factor 
NI = Normalization index, see table 4.5. 
 

 

Figure 4.32: Semi-log plot of normalized recovery vs. dimensionless time with wettability index at room 

temperature. In the legend the core number is listed first, and then I for imbibition brine, and last F, for 

flooding sequence performed on the core. 
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Figure 4.33: Semi-log plot of normalized recovery vs. dimensionless time without wettability index at room 

temperature. In the legend the core number is listed first, and then I for imbibition brine, and last F, for 

flooding sequence performed on the core. 

The modified dimensionless time, which is the sum of capillary and gravity dimensionless times, are 

plotted above both with and without the normalization index. Even with the normalization index 

there is incongruity between the imbibition curves, meaning that other existing factors are affecting 

the imbibition rate. The recovery data for the different cores have the same trend, but the overall 

dimensionless time depends on different parameters. Permeability, interfacial tension and density 

differences have a positive effect on the magnitude of dimensionless time. Negative parameters 

include porosity, oil water and water viscosities. Wettability could increase the imbibition rate, for 

example a water wet rock has a higher imbibition rate, which reduces imbibition time and 

dimensionless time.  

Density differences, oil and water viscosities, and IFT should be equal for all the cores with SSW as 

initial imbibition fluid. According to figure 4.30 core #5 and #6 had the highest imbibition rate, the 

straight line indicates capillary driven imbibition. The dimensionless time however, are high 

compared to the other cores, even with the normalization index. This could be due to the overall 

effect of the different parameters, for example permeability. A reduction in permeability would 

reduce the dimensionless time, supporting the theory that mobilization of fines from the LSW 

injection have led to blocking of pores and reduced permeability.  
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Dissolution, mobilization of fines, release of clay particles and an increase in pH are all reported to 

increase water-wetness. Adsorption of polar components onto the clay surface is believed to be 

dependent of pH of initial brine / formation water, if the LSW flooding causes a local pH increase as 

proposed by Austad et.al., 2010, it might reduce the clays ability to adsorb organic material.  

Core #7 was flooded with SO4 brine, and core #13 had SO4 as initial imbibition brine. Both performs 

similarly to the core flooded with SSW, initial imbibition rate is high, but equilibrium is quickly 

reached and the SI stops. A decrease in oil recovery is mainly dependent by at which water 

saturation the capillary pressure falls to zero. Imbibition rate effects are probably related to change 

in imbibition capillary pressure and mobility to water. As the water saturation increases there are 

opposing effects determining the imbibition rate; the driving force of capillary pressure decreases, 

but the mobility of the water phase increases. The relative permeability to water is low and that to 

oil is high during the beginning of imbibition. Ratio of the capillary to gravity forces is given by the 

inverse Bond number (NB-1): 

(2.10)   
    

 √
 

 

    
 

At large inverse bond numbers capillary forces dominate the flow, and as NB-1 approaches zero, 

gravity forces dominate. Numerator is a measure of capillary entry pressure, denominator is the 

gravity head over the length, H. Al-Lawati et.al., 1996, reported that for high permeability cores with 

high to intermediate IFT, the imbibition fluid rapidly imbibed into the core. In the low IFT case, 

imbibition rate was slow, but with a higher oil recovery at the end in comparison with the 

intermediate and high IFT fluids. The IFT measurements showed that SO4 has a IFT at 31.1 mN/m, 

compared to SSW at 20.1 mN/m. At low IFT it was observed that gravity forces were the dominant 

imbibition force. At intermediate values of the inverse bond number, gravity is still strong enough to 

cause considerable segregation of the flow, keeping relative permeabilities high, while capillary 

forces are still strong enough to boost the driving force of fluid flow. As a result the imbibition rate 

can be higher at intermediate IFT values, compared to either capillary of gravity dominated flow. On 

the other hand, imbibition rate is more rapid for cores with high permeability.  

A deviation from a straight line in a log-log plot of recovery versus time (figure 4.34) may indicate 

that the imbibition process is dominated or affected by forces other than capillarity. It can be 

observed that the initial imbibition rate is high, but after a period of time the oil recovery more or 

less ceases. The results indicate that early oil production appears to be obtained from capillary 

imbibition, as the imbibition process progresses gravity will become more dominant and to a lesser 

extent from capillarity. Imbibition behavior can be explained on the basis that capillary forces are at 
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their highest the first instant the imbibition is initiated, caused by imbibition in the smallest 

pores/capillary tubes, at this instant the capillary force dominate the gravity forces. The rate of 

imbibition and capillary pressure decreases proportionally to the capillary radius as larger capillaries 

becomes available, after a certain time a transition occurs, and the capillary forces are no longer the 

dominating mechanism for oil recovery. It is reported in the literature that residual oil saturation 

decreases with a reduction in IFT. It seems that a critical IFT value exist, below this value a significant 

reduction in the oil trapping or increase in oil mobilization were observed, correlated to the breakup 

of oil into smaller bubbles (Saleh et.al.,1993; Morrow et.al., 1982; Morrow et.al., 1985; Mohanty 

et.al., 1987). 

 

Figure 4.34: Log-log plot of recovery fraction at room temperature vs. time in hours. In the legend the core 

number is listed first, and then I for imbibition brine, and last F, for flooding sequence performed on the core 
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Figure 4.35: Log-log plot of cumulative oil recovery [ml] vs. time in hours. In the legend the core number is 

listed first, and then I for imbibition brine, and last F, for flooding sequence performed on the core. Equation 

for each core is listed below the legend key. 

(2.67)   
   (

        
   

  
)   

According to the eq.2.67, derived in section 2.10.4, a log-log plot of cumulative oil production versus 

imbibition time should yield a straight line with a slope equal to 0.5. Assuming that gravity forces are 

negligible compared to capillary forces. However, a countercurrent flow will be slower than a 

cocurrent flow, as the movement of both oil and water in opposite directions will reduce the total 

mobility. It is interesting to observe that the different cores maintain a straight slope at early oil 

production, but the time period before a deviation occurs, differs widely. Especially for core #5, 

which maintain a straight slope almost twice as long as core #4. Explaining the increase in 

displacement efficiency observed might be essential to understanding the LSW mechanism. 
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5. Simulation 

5.1 Coreflood history matching 

A history match of the production profile and differential pressure curves was obtained for the 

flooding with SSW and LSW, a set of relative permeability curves and capillary pressure curves are 

obtained. The match is reasonable, and the resulting curves are shown below for the different cases. 

Sendra simulator was used to perform the history match (Sendra,2013.1).  

5.1.1 Injection of SSW and LSW 

Figure 5.1 shows the best fit for production curves and differential pressure for the injection of SSW 

and LSW. 

 

 

Figure 5.1: Simulated recovery and pressure drop compared to experimental data. To the left: Core number 4 

with SSW as injection brine. To the right: Core number 5 with LSW as injection brine. 

Estimated relative permeability curves are presented figure 5.2. SSW flooding corresponds to mixed-

wet conditions, LSW indicates a more water-wet state, by an increase in kro and decrease in krw. As 

both cores are aged in SSW, they follow a similar shape from Swi, with a cross over at 0.35. 

A number of authors have reported that low salinity brine can increase the water-wetness in mixed/ 

less water wet cores as observed in this case, however, several authors have also reported that low 

salinity brine can make cores more oil wet. For a more oil wet core an earlier breakthrough of water 

is expected, and the oil production could continue over a longer period of time than at more water-

wet conditions. A wettability change from water-wet to less water-wet can decrease the residual oil 
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saturation, and contribute to the microscopic sweep efficiency. Such changes could also involve an 

increase in the negative capillary pressure, which leads to unfavorable increase in the end effects for 

short core plugs at low injection rates. It should be noted that if the short core become more water-

wet, an opposite effect could be observed in corefloods at slow rates, the reduced capillary end 

effect can appear as a reduction of remaining oil saturations.  

For reservoirs conditions a less water-wet state could lead to an earlier breakthrough of water and 

an extended oil production period. A higher amount of water is therefore required to reach Sor 

compared to more water-wet reservoir. Real life production must be economical justifiable, and if 

the water cut becomes too high the field must be abandoned, average remaining oil saturation could 

then be higher at less water-wet conditions compared to more water-wet.  

An alteration from mixed-wet to more water-wet can reduce the microscopic sweep efficiency, 

increasing the remaining oil saturation. This is consistent with the results obtained from the flooding 

in the experimental section, where recovery was lower for LSW (22%) than SSW (31%). An important 

note is that the simulation program does not simulate migration of fines, plugging of pores, and 

salinity of water. Pore plugging reduces the oil mobility, and can lead to a wrong conclusion, stating 

wettability alteration to more oil wet. 

 

Figure 5.2: Relative permeability curves for SSW (nr 2.1, solid line) and LSW (nr 1.1, dashed line) as injection 

brines. 
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Figure 5.3: Relative permeability curves for SSW (nr 2.1, solid line) and LSW (nr 1.1, dashed line) as injection 

brines. Semi-log scale. 

 

 

Figure 5.4: Capillary pressure curves for SSW (nr 2.1, solid line) and LSW (nr 1.1, dashed line) as injection 

brine. 
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6. Summary of results and mechanism 

Low salinity effects are complex and not easily predicted, due to the amount of parameters and 

complexity behind oil/brine/rock interactions, which the scope of this research work clearly shows. 

Some main conclusion can still be presented based on the results and theoretical studies. The initially 

proposed requirements for low salinity effects from Tang et.al., 1999, remains unchanged: 

- Negative zeta potential material (clays) must be present in the porous medium. 

- Oil must contain polar components to create mixed-wet conditions. 

- Presence of connate water containing divalent cations. 

In this research it is shown that injection of LSW (25 times diluted SSW), brine containing only 

Na2SO4(0.024 M), and only MgCl2(0.045 M), increases the pH. From the analysis of the effluent it can 

be concluded that the increase are due to brine-rock interactions, such as ion exchange, and 

dissolution of carbonate in the form of cementing material. 

Huertas et.al., 1999; 1998, investigated the density of negatively and positively charged sites at the 

kaolinite surface by acid and base titration, a dependence upon pH were observed, the ionic strength 

in the range of 0.001 to 1M showed very little influence on the results. The dissolution rate constant 

show inflections at pH ≈ 4 and ≈ 10, above and below these values the dissolution rate displayed 

strong pH dependence. In neutral conditions the rate was much less dependent upon pH. 

The following main observations were made by the experimental work performed: 

Core flood studies: 

- Initially there is a balanced adsorption of organic material, protons and active cations on the 

clay surface.  

- Dissolution of kaolinite is dependent upon pH, and the injection brine can increases the 

dissolution rate by increasing the pH. This statement is based on the observations of increase 

in pH and analysis of the potassium (K+) concentration in the effluent. Potassium 

concentration was observed to be increasing with increasing pH levels. Solid analysis of the 

sandstone used in the experiments shows that Muscovite and Microline are present, both 

containing potassium. 

- SO4
2- containing brine had a higher increase in pH, and consequently the dissolution rate of 

kaolinite increased as observed by the concentration of potassium in the effluent. 

- Increased injection rates of LSW increased the pH, which lead to an increase in the 

concentration of potassium in the effluent. 
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- For constant rate water floods there was an increase in pressure with a change in salinity. 

Fine-grained materials, strained areas on large grains or defects will initially dissolve at a 

large rate, causing a release of fines which can lead to partial blocking of the pore throat, 

which increases the pressure. If the pH is sufficiently high, these fines may dissolve. 

- The difference in the behavior of the cores suggest that low salinity flooding is related to a 

shift in wettability towards more water-wet, by a mechanism that involves dissolution of clay 

and associated release of organic material and other fine material from pore surface, 

creating new initially water-wet surface. 

- No increase in recovery was observed from the LSW, SO4
2- or Mg2+ brine. However, an 

essential physics in EOR is that the mobilized oil cannot pass a zone where the flow velocity is 

lower than that for the onset of oil mobilization, part or all of the mobilized oil drops will be 

trapped again. In addition the clay fraction was low in the tested cores. 

- Although an increase in pH was observed for the injection of Mg2+ brine, indicating some 

brine-rock interactions, no dissolution of kaolinite was observed. However, the final pH level 

was low compared to SO4
2- and LSW injections. 

Spontaneous imbibition studies: 

- LSW brine permanently altered some of the rock properties, as indicated by rate and extent 

of spontaneous imbibition, the effects could not be reversed by another aging process. 

Released fines are believed to reduce the permeability and to some extent affect pore 

throats, resulting in improved sweep efficiency and capillary effect.   

- LSW, Na2SO4, and MgCl2brine had little to no effect on the previously flooded cores as a 

second imbibing fluid at 70oC. 

- The core flooded with brine containing only MgCl2had a slower imbibition rate and low 

recovery from spontaneous imbibition at room temperature. A proposed mechanism is that 

Mg2+ adsorbs on the clay surface, acting as a bridge between Si and oil by chemical bonds. 

The slow release of oil may be an indication of breaking of the chemical bond. 

- No significant changes were observed by flooding a core with Na2SO4 brine. Indicating that 

SO4
2- initially adsorbed on the pore surface is displaced by the SSW, returning the equilibrium 

at pore surface.  
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7. Conclusions 

This work is done with the intention to contribute to the ongoing discussions about LSW 

mechanism(s). There are many mechanisms that have been proposed in the literature. However, the 

mechanisms differ with minerals composition, water composition and temperature. Different brines 

were, in this work, injected both as a secondary and primary recovery method.  

The proposed mechanism from this work may be categorized into two main categories, based on 

observation and data analysis. Both mechanisms are related to alteration of wettability to more 

water-wet. One of the mechanisms is based on mineral/ions interaction that may lead to dissolution. 

This may cause a raise of the pH and as the mineral dissolves, pH increases more. In order to test this 

hypothesis, brine containing only Na2SO4 was injected that caused large increase of pH to 9.65 (from 

6.5).  The effluent ion analysis showed an average concentration of 3.1 mMole/l for potassium (K+), 

which is not in the injected water composition. The ion analysis, also, indicated the presence of 

average of 0.5 mMole/l of bicarbonate (HCO3
-). It is interesting to observe that the monitored pH in 

the effluent increased followed by exponential pH increase that could be explained based on the 

presence of the HCO3
-. 

Another test was performed in which the injected brine contained only MgCl2, an increase of the pH 

to 8.0 from 6.8 was observed. The analysis did not show any significant level of K+ in the effluent, 

which may indicate low kaolinite dissolution. The pH was at a level where the dissolution rate of 

kaolinite is low, hence could not be detected. Unlike the case of the NaSO4, where the pH is above 

the inflection point, and the dissolution rate is pH dependent.  

In the case of low salinity water, the dissolution rate showed a slight increase of K+ compared to the 

injected water composition at 0.4 mMole/L. As the injection rate increased, the pH increased and K+ 

concentration also increased to a maximum of 2.05 mMole/l. Although, the bulk pH is on the boarder 

of the inflection point, the localized pH may be higher. 

Low salinity water also increased the pressure drop, which is believed to be caused by release of 

fines. This may lead to partial blocking of the pore throat. This reduces the oil mobility that led to 

wrong conclusion, in literature, stating wettability alteration to more oil wet. 

Since the clay fraction of the tested cores, in this work, was low (total of 3%, see table 3.3), no 

additional oil recovery was observed. Increasing the flow rate was thought to increase the mobile oil, 

however this was not the case, which may be explained by that the flow rate is not high enough, and 

the flow followed the water path already established by the low flow rate. 
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Appendix 

Solid analysis of the sandstone 

Parameter Results Unit PQL  Uncertainty 

Elements in 

solids, XRF 

  Lower Upper Method/Standard Rel Abs 

Aluminum, Al 1.8 wt% 0.1 - X-021 (XRF) 10% - 

Barium, Ba <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Calcium, Ca 0.1 wt% 0.1 - X-021 (XRF) 10% - 

Chromium, Cr <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Copper, Cu <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Iron, Fe 0.2 wt% 0.1 - X-021 (XRF) 10% - 

Potassium, K 0.6 wt% 0.1 - X-021 (XRF) 10% - 

Magnesium, Mg <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Manganese, Mn <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Sodium, Na <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Nickel, Ni <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Phosphorus, P <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Lead, Pb <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Silicon, Si 44 wt% 0.1 - X-021 (XRF) 10% - 

Strontium, Sr <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Titanium, Ti <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Zinc, Zn <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Sulphur, S <0.1 wt% 0.1 - X-021 (XRF) 10% - 

Chlorine, Cl 0.1 wt% 0.1 - X-021 (XRF) 10% - 

Table A.1: Content solid analysis of the sandstone used in the experiments. Analyzed by XRF. 
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Composition of synthetic seawater, SSW. 

Salt  m [g/l]  
m [mole/l]  

(molar)  

SSW  38.67  -  

NaCl  23.38  0.400  

Na2SO4  3.41  0.024  

NaHCO3  0.17  0.002  

KCl  0.75  0.010  

MgCl2  4.24  -  

CaCl2 (dry)  1.44  -  

MgCl2 × 6H2O  9.05  0.045  

CaCl2 × 2H2O  1.91  0.013  

BaCl2 x 2H2O - - 

SrCl2 x 6H2O - - 

Density [
 

   ] 1.024  -  

Weight [%]  3.42  -  

TDS [g/l] 33.39  -  

Ionic Strength  -  0.657  

Ca2+ / SO4
- -  0.542 

Ions  m [g/l]  
m [mole/l]  

(molar)  

HCO3
- 0.12  0.002  

Cl-  18.62  0.525  

SO4
2-  2.31  0.0240  

Mg2+  1.08  0.045  

Ca2+  0.52  0.013  

Na+  10.35  0.450  

K+  0.39  0.010  

Table A.2: Composition of synthetic seawater, SSW 
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Composition of low salinity water, LSW 

Salt  m [g/l]  
m [mole/l]  

(molar)  

SSW  1.5468 -  

NaCl  0.9352 0.016 

Na2SO4  0.1364 0.00096 

NaHCO3  0.0068 0.00008 

KCl  0.03 0.0004 

MgCl2  0.1696 -  

CaCl2 (dry)  0.0576 -  

MgCl2 × 6H2O  0.362 0.0018 

CaCl2 × 2H2O  0.0764 0.00052 

BaCl2 x 2H2O - - 

SrCl2 x 6H2O - - 

Density [
 

   ] 1.024  -  

Weight [%]  0.1368 -  

TDS [g/l] 1.3356 -  

Ionic Strength  -  0.05104 

Ca2+ / SO4
-  -  0.542 

Ions  m [g/l]  
m [mole/l]  

(molar)  

HCO3
- 0.0048 0.00008 

Cl-  0.7448 0.021 

SO4
2-  0.0924 0.00096 

Mg2+  0.0432 0.0018 

Ca2+  0.0208 0.00052 

Na+  0.414 0.018 

K+  0.0156 0.0004 

Table A.3: Composition of low salinity water, LSW 

Standard deviation 

Standard deviation shows how much variation or dispersion exists from the average, mean or 

expected value. A low standard deviation indicates that the data points tend to be very close to the 

mean, high standard deviation indicates that the data points are spread out over a large range of 

values. 
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     = Corrected standard deviation 

N = Number of samples 

   = Observed value 

 ̅ = Mean value of observations 

Results from ion analysis 

All data is given in milli mole/l. 

#5 
  Sodium 

[Na] 

Potassium 

[K] 

Magnesium 

[Mg] 

Calcium 

[Ca] 

Chloride 

[Cl] 

Carbonate 

[HCO3] 

Sulfate 

[SO4] 

Porevolume #        

0,00 0 23,526 0,813 2,172 0,871 25,393 0,357 1,020 

0,50 1 322,776 7,682 30,307 14,719 376,087 0,622 18,004 

2,00 2 108,176 4,062 8,237 4,081 122,441 0,604 5,624 

2,33 3 21,960 3,438 1,675 1,041 25,885 0,586 0,977 

2,58 4 20,509 0,672 1,737 1,046 21,838 0,586 0,880 

2,83 5 24,028 1,996 2,182 1,236 27,334 0,610 1,050 

3,33 6 23,851 3,300 2,054 1,251 28,503 0,570 1,035 

4,33 7 25,970 4,251 2,346 1,363 32,228 0,562 1,150 

5,67 8 21,073 1,966 1,670 1,144 22,509 0,699 0,835 

Table A.4: Results from ion analysis on core #5, LSW-flooding. 
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Table A.5: Results from ion analysis on core #6, SSW-LSW-SSW flooding, respectively. 

 

 

 

 

#6 
 Sodium 

[Na] 

Potassium 

[K] 

Magnesium 

[Mg] 

Calcium 

[Ca] 

Chloride 

[Cl] 

Carbonate 

[HCO3] 

Sulfate 

[SO4] 

Porevolume #        

0,00 0 432,668 8,798 43,635 14,501 501,299 1,758 22,773 

1,43 1 451,553 10,558 44,350 16,255 521,659 2,229 23,900 

1,76 2 412,898 12,043 41,125 14,180 473,062 1,865 21,316 

1,98 3 463,981 9,056 46,145 15,803 528,336 2,317 24,179 

2,29 4 453,313 10,146 45,318 15,320 527,303 1,820 24,033 

2,61 5 456,003 9,502 45,849 15,157 531,269 1,953 24,153 

3,16 6 480,185 10,052 48,965 15,777 561,527 1,882 25,472 

3,47 7 446,192 9,030 44,519 14,727 513,242 1,261 23,304 

3,87 8 467,104 10,292 46,864 15,457 538,915 1,252 24,477 

4,42 9 461,190 10,470 47,115 14,327 541,979 0,704 25,950 

4,74 10 464,186 10,496 47,477 15,872 548,679 0,668 26,389 

5,05 11 466,832 11,054 50,152 16,436 574,082 0,821 30,271 

5,38 12 351,912 7,948 33,928 11,357 406,968 0,772 19,527 

6,95 13 69,579 2,084 4,904 1,929 74,806 0,726 3,297 

7,26 14 27,448 0,693 2,535 1,232 30,685 0,306 1,258 

7,58 15 26,108 0,648 2,510 1,238 29,095 0,477 1,171 

7,90 16 27,119 0,792 2,482 1,276 29,628 0,508 1,193 

8,92 17 26,734 0,655 2,471 1,249 28,951 0,575 1,194 

9,87 18 25,624 0,717 2,516 1,098 29,267 0,473 1,177 

10,82 19 27,112 0,951 2,454 1,173 29,217 0,644 1,165 

11,77 20 27,771 2,056 2,522 1,165 30,558 0,604 1,172 

12,40 21 28,135 0,715 2,495 1,184 29,614 0,748 1,198 

13,02 22 302,737 5,901 32,833 10,995 357,682 0,471 16,941 

13,34 23 403,274 8,850 41,924 13,989 472,659 0,570 22,538 

14,21 24 437,576 9,624 44,686 14,822 511,601 0,544 24,445 
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#7  Sodium 

[Na] 

Potassium 

[K] 

Magnesium 

[Mg] 

Calcium 

[Ca] 

Chloride 

[Cl] 

Carbonate 

[HCO3] 

Sulfate 

[SO4] 

Porevolume #        

0,00 0 448,259 11,458 45,210 13,289 521,166 1,608 23,743 

0,83 1 442,342 11,676 42,163 16,567 514,124 1,922 23,378 

1,17 2 458,028 12,911 45,825 13,904 530,984 2,060 24,203 

1,50 3 458,360 11,154 45,874 13,519 533,842 1,570 24,295 

3,17 4 455,835 10,585 46,053 12,881 530,583 1,796 24,236 

3,50 5 452,978 10,177 45,161 13,363 524,602 1,947 24,000 

3,83 6 454,425 13,043 44,842 12,666 527,286 1,960 23,935 

4,17 7 448,996 15,920 44,832 12,959 526,098 1,909 23,772 

4,50 8 398,505 17,985 39,752 13,386 471,390 0,666 25,515 

6,33 9 135,181 5,133 9,921 2,927 112,374 0,669 27,091 

6,67 10 50,240 1,915 0,583 0,748 2,383 0,546 26,293 

7,00 11 49,579 3,603 0,365 0,715 3,793 0,490 26,108 

7,33 12 50,487 2,454 0,296 0,666 2,835 0,603 26,156 

7,67 13 49,738 3,980 0,323 0,615 4,188 0,559 26,068 

8,33 14 49,129 1,388 0,216 0,575 1,799 0,502 25,708 

9,33 15 49,164 0,204 0,180 0,578 0,743 1,046 25,851 

10,67 16 48,855 1,191 0,162 0,550 1,602 0,509 25,504 

12,00 17 111,717 2,665 6,919 2,141 81,232 0,562 25,943 

12,67 18 268,142 4,426 21,738 7,153 274,996 0,449 27,711 

13,33 19 393,819 10,886 38,876 11,421 452,335 0,666 26,675 

14,20 20 438,787 10,744 45,069 13,166 511,586 0,656 26,249 

Table A.6: Results from ion analysis on core #7, SSW-S04-SSW flooding, respectively. 
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#8  Sodium 

[Na] 

Potassium 

[K] 

Magnesium 

[Mg] 

Calcium 

[Ca] 

Chloride 

[Cl] 

Carbonate 

[HCO3] 

Sulfate 

[SO4] 

Porevolume #        

0,00 0 442,508 10,177 43,471 11,671 514,768 2,186 23,622 

0,67 1 464,249 12,388 43,713 14,944 540,868 2,085 25,030 

1,00 2 466,876 15,132 44,798 13,830 544,443 1,269 24,566 

1,33 3 454,351 11,021 45,103 13,693 524,652 1,972 24,080 

2,00 4 465,705 10,955 45,258 12,932 540,305 2,035 24,577 

2,83 5 453,724 10,063 45,723 13,289 525,604 2,588 24,238 

3,83 6 457,696 10,832 45,501 13,179 529,665 1,746 24,086 

4,17 7 453,945 9,901 44,769 12,840 522,427 2,625 24,201 

4,50 8 439,937 9,816 44,667 13,014 512,253 1,947 23,258 

4,83 9 259,667 7,585 41,616 8,286 336,026 0,637 14,263 

5,17 10 83,236 3,517 44,269 3,618 169,129 0,606 4,322 

6,83 11 16,248 1,058 46,106 1,259 104,617 0,562 0,793 

7,17 12 6,355 0,434 47,349 0,762 95,782 0,603 0,294 

7,50 13 2,587 0,071 47,756 0,390 93,393 0,502 0,037 

7,83 14 2,643 0,040 47,850 0,328 93,162 0,515 0,024 

8,83 15 2,373 0,026 48,624 0,440 93,314 0,458 0,020 

11,20 16 1,733 0,028 49,009 0,366 94,047 0,531 0,024 

11,67 17 1,855 0,017 48,822 0,419 93,723 0,455 0,031 

12,13 18 101,595 3,429 52,970 2,556 195,506 0,358 5,163 

Table A.7: Results from ion analysis on core #8, SSW-Mg-SSW flooding, respectively. 

 

  

 

 

 

 


