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Abstract: Forced and spontaneous imbibition of water is performed to displace oil from strongly
water-wet Gray Berea (~130 mD) and Bentheimer (~1900 mD) sandstone core plugs. Two nonpolar oils
(n-heptane and Marcol-82) were used as a non-wetting phase, with viscosities between 0.4 and 32 cP
and brine (1 M NaCl) for the wetting phase with viscosity 1.1 cP. Recovery was measured for both
imbibition modes, and pressure drop was measured during forced imbibition. Five forced imbibition
tests were performed using low or high injection rates, using low or high oil viscosity. Seventeen
spontaneous imbibition experiments were performed at four different oil viscosities. By varying the
oil viscosity, the injection rate and imbibition modes, capillary and advective forces were allowed to
dominate, giving trends that could be captured with modeling. Full numerical simulations matched
the experimental observations consistently. The findings of this study provide better understanding
of pressure and recovery behavior in strongly water-wet systems. A strong positive capillary pressure
and a favorable mobility ratio resulting from low water relative permeability were main features
explaining the observations. Complete oil recovery was achieved at water breakthrough during
forced imbibition for low and high oil viscosity and the recovery curves were identical when plotted
against the injected volume. Analytical solutions for forced imbibition indicate that the pressure drop
changes linearly with time when capillary pressure is negligible. Positive capillary forces assist water
imbibition, reducing the pressure drop needed to inject water, but yielding a jump in pressure drop
when the front reaches the outlet. At a high injection rate, capillary forces are repressed and the linear
trend between the end points was clearer than at a low rate for the experimental data. Increasing the
oil viscosity by a factor of 80 only increased the spontaneous imbibition time scale by five, consistent
with low water mobility constraining the imbibition rate. The time scale was predicted to be more
sensitive to changes in water viscosity. At a higher oil-to-water mobility ratio, a higher part of the
total recovery follows the square root of time. Our findings indicate that piston-like displacement of
oil by water is a reasonable approximation for forced and spontaneous imbibition, unless the oil has
a much higher viscosity than the water.

Keywords: forced and spontaneous imbibition; capillary forces; scaling; capillary end effects;
sandstone; relative permeability

1. Introduction

In this work we are interested in how imbibition takes place in strongly wetted porous
media, i.e., we study processes where a wetting phase (water) displaces a non-wetting
phase (oil), with focus on oil recovery applications. Imbibition multiphase flow processes
in porous media have more general applications within subsurface energy storage and pro-
duction (geothermal, petroleum, hydrogen) and geological storage of carbon dioxide [1,2].
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Core plug experiments are routinely performed to measure how water can displace
oil (referred to as imbibition), mimicking the water flooding process at reservoir scale. The
cores are saturated with initial saturations of oil and water and aged to allow the system to
be equilibrated with the intention that a representative wetting state is obtained. Outcrop
core samples are often studied as they are cheap, available and have repeatable behavior.
As they have not stored hydrocarbons geologically, they are strongly water-wet (SWW),
although aging with polar oils can modify their wetting state. Reservoir rocks, which have
stored polar oils over geological time are usually not SWW and their wettability must be
measured [3]. Depending on which boundary conditions are applied, there are several
mechanisms that can assist or resist the imbibition.

During forced imbibition, water is injected through the core at a specified rate or
pressure drop. If the rates are high, the advective forces can be assumed dominant and the
measurements of pressure drop and fluid production can be applied to calculate relative
permeability [4–6] and residual oil saturation. Generally, significant capillary diffusion can
smear the saturation front and lead to wetting phase accumulation at the outlet where the
capillary pressure is zero [7,8]. Rapoport and Leas [9] showed that the relative importance
of capillary diffusion reduced with a higher product of core length, water viscosity and
injection rate. In their experiments the water breakthrough recovery varied with these
parameters until the product had exceeded a critical limit. Gupta and Maloney [10] and
Andersen [11] presented intercept methods to correct relative permeability for capillary
end effects, especially relevant for estimating the end point water relative permeability and
residual oil saturation during water flooding. Positive capillary pressure is obtained at
all mobile saturations in SWW media [1,12] and leads to water advancing into the system
during imbibition. However, it also traps water and resists it from leaving the core during
flooding, meaning a delayed breakthrough can be observed. Craig [13] and Anderson [14]
associated water flooding of SWW media with linear recovery, meaning that most of the
mobile oil was recovered before significant water production occurred. Less water-wet
media had earlier water-breakthrough. In SWW media, water flows as films on the rock
surfaces while the oil flows centrally in the pores and is eventually trapped as isolated
droplets that the water flows around. Macroscopically low water relative permeability and
comparatively high oil relative permeability are thus observed for SWW media [15–17].
Yortsos and Fokas [18] presented exact solutions for water flooding an SWW system at
constant rate accounting for capillary forces, but considered a semi-infinite system, and
thus did not account for outlet boundary effects. Their simulations demonstrated rapid
water progress at strong capillary forces and early water breakthrough. The latter may not
be valid since blockage was not accounted for, nor is it observed experimentally. Odeh
and Dotson [19] found that relative permeability data from dynamic experiments could be
corrected based on identifying lines through unaffected data.

Spontaneous imbibition (SI) is the second main mode of imbibition. In that case a
core is exposed to wetting fluid (water) to allow spontaneous uptake by capillary forces
and the simultaneous displacement of non-wetting fluid [20]. This is relevant in naturally
fractured reservoirs where oil in disconnected matrix blocks is not displaced advectively. If
all the core faces are open (AFO) and exposed to water, the traditional Amott test [21] is
considered. In many cases some of the surfaces are sealed to make the flow entirely linear or
radial. As long as the system is symmetric, the flow of oil and water will be counter-current.
Gravity may cause more oil production at the top than at the bottom or trap some oil if the
top side is closed. A different setup for SI is exposing parts of the core to the wetting phase
and other parts to the nonwetting phase. In that case water enters at the former side and
oil is produced predominantly at the latter side and to a lesser extent at the water exposed
side [17,22–24]. The flow is said to be co-current. This setup is considered more complex
to perform and interpret than counter-current imbibition and can result in highly varying
recovery profiles with time and relative amounts of co- and counter-current production
depending on mobility ratio, capillary back pressure, wettability and viscous coupling
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effects [25–27]. It is however relevant since matrix blocks are gradually submerged during
waterflooding and thus undergo an early stage of recovery in co-current mode.

Counter-current SI has been investigated thoroughly to understand the impact of fluid-
rock parameters, wettability, geometry, flow mechanisms etc., with the intention of accurate
upscaling to reservoir matrix block scales [28–32]. An important feature of SWW media is
that SI can yield as high a recovery as forced imbibition, while in more oil-wet media SI
yields, it yields a lower recovery than forced imbibition [33]. Scaling relations accounting
for changes in the stated parameters have been developed, where we note that Ma et al. [29]
suggested an effective length to convert arbitrary boundary conditions (closed or open to
water) and geometries to a 1D linear system with one side open and the other closed. Their
time scale included other a priori parameters such as permeability, viscosities, porosity and
interfacial tension. The time scale in general, however depends on the capillary diffusion
coefficient function, which changes in a complex way with variation in viscosities and
wettability [34]. This function or its constituents are typically unknown. Several works
have attempted to improve scaling for a given rock system (usually SWW) by modifications
of Ma et al.’s time scale with viscosity coefficients, e.g., [31,35,36]. Zhou et al. [37] evaluated
the mobility in the diffusion coefficient at their end points. McWhorter and Sunada [34]
showed that 1D linear counter-current SI has a recovery profile proportional with the square
root of time, regardless of saturation functions and other input. That is however valid
only until the no-flow boundary is encountered. Their solution was expressed implicitly
with integral functions but could be used for scaling data where all input parameters were
known [38,39]. Works making specific assumptions on the saturation profile (polynomial
shape or piston-like displacement) and saturation functions produced more explicit but
less general solutions, also with square root of time recovery profiles [40,41]. At a later
time, the imbibition rate will reduce towards zero, as recovery is bounded. Note also that
AFO systems, mainly applied in Amott tests are not 1D linear and may deviate from the
expected linear behavior also at early time.

In this work, experiments and modeling are performed to evaluate characteristic
imbibition behavior at different conditions. Outcrop sandstone with moderate and high
permeability (~150 and ~2000 mD) are used together with brine and different nonpolar
oils, the latter with viscosity ranging from 0.4 to 32 cP. SWW conditions are expected.
All-Faces-Open Spontaneous imbibition (Figure 1 left) is performed in Amott cells to
evaluate the role of oil viscosity on recovery profiles and time scales. Forced imbibition
(Figure 1 right) is performed with different injection rates and viscosities to assess the role
of mobility ratio and relative magnitudes of viscous to capillary forces on recovery and
pressure profiles. The data are interpreted consistently using numerical simulation, scaling
and simplified analytical solutions. Features are derived to interpret experimental data,
which may indicate the presence of strong capillary forces during flooding or the relative
dominance of one phase’s mobility compared to the other.
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In comparison, previous works have investigated the impact of viscosity on imbibition,
but interpreted this independent of flooding experiments and mainly used simple scaling
laws without investigating whether the data can be explained consistently with full satu-
ration functions. We are interested in whether the features observed in spontaneous and
forced imbibition for SWW media have a consistent explanation rooted in the saturation
functions and whether other trends can be predicted as a result. For example, we wish
to investigate:

- Why is most of or all the mobile oil recovered before water breakthrough when
flooding SWW media?

- Do end effects prevent water breakthrough significantly or is the displacement
piston-like?

- Can capillary forces be detected from the pressure drop profile during flooding?
- How does a change in oil viscosity affect time scale and recovery profile during

spontaneous imbibition? What if we change water viscosity instead?

2. Experimental Setup
2.1. Fluids

The oils used were n-Heptane and Marcol 82 and mixtures of them to give intermediate
viscosities. The brines used were 0.1 M NaCl and 1 M NaCl, filtered using a vacuum pump
and a 0.65 µm filter. Interfacial tension (IFT) between oil and 1 M NaCl was measured
using a tensiometer and platinum ring. An overview of oil and brine properties is shown
in Table 1. The experiments were performed at room temperature ~20 ◦C. Methanol and
toluene were used for core cleaning.

Table 1. Overview of fluid properties: (1) Viscosity and density are reported at 20 ◦C. All values used
in calculations were corrected for actual temperature during experiment; (2) IFT is between oil and
1 M NaCl. The oil mixtures ‘90/10’ and ‘68/32’ refer to oil mixtures of heptane/Marcol.

n-Heptane (C7) C7-M82 Mixture (90/10) C7-M82 Mixture (68/32) Marcol 82 (M82) 1 M NaCl 0.1 M NaCl

1 Viscosity [cP] 0.408 4.04 13.82 31.77 1.098 0.965
Viscosity ratio µo

µw
0.39 3.89 13.31 30.59

1 Density [g/mL] 0.684 0.800 0.833 0.850 1.0386 1.0024
2 Interfacial tension [mN/m] 35.40 35.05 38.20 39.51 - -

2.2. Rock Material and Core Preparation

Core material was collected from Grey Berea sandstone, formed during the Late
Devonian and quarried from Ohio, USA [42]; and Bentheimer sandstone deposited during
the Lower Cretaceous and sourced from a quarry near the Dutch–German border [43].
Both formations have subsurface accumulations of oil and gas. These sandstones provide
permeability from a few 100 mD to a few D. The mineralogical composition for both these
rocks was reported semi-quantitatively to 94 wt% quartz, 1 wt% kaolinite, 1 wt% muscovite
and 1 wt% microline [44,45]. Cores originally ~20 cm long (named with letters) were cut
in three equal parts using a Stuers Discotom 5 saw. The cores were then ground at both
ends using a GCTS Testing Systems RSG-075 2-in-1 Specimen Grinder and Saw to render
the end faces flat and perpendicular. The smaller plugs were numbered 1–3 accordingly. A
core plug from each formation are shown in Figure 2. Cores that were damaged or used for
training are not included in the following.

Basic core measurements are listed in Table 2. Length L and diameter D values were
obtained with caliper and used to find the bulk volume Vb. The matrix volume Vm was
measured with the Vinci PoroPerm device. Pore volume at unconfined stress was calculated
by their difference and the (unconfined) porosity by the ratio of pore volume to bulk volume.
Measurements were also made of pore volume and gas permeability for each core at a
net confining pressure of 10 bar. The reduction in pore volume by confining stress was
2–3% and we assumed the permeability measured at confined pressure (as during forced
imbibition) was also representative for unconfined conditions (as during spontaneous
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imbibition). The gas permeability values were obtained at an atmospheric outlet pressure,
and not corrected for Klinkenberg effects, meaning the values may be a little higher than
the corresponding liquid permeability. This has little consequence as the end point liquid
permeability values were measured, making the gas permeability just a reference value.
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Figure 2. Two of the cores used in the experiments seen from the end face and side. Core 3B is of
Berea type, while core 4A is Bentheimer type.

Table 2. Measured core properties. 1 Subject to 10 bar net confining pressure. 2 Calculated from
measurements of bulk and grain volumes at atmospheric pressure.

Core ID Source L D Lc Vb Vm Vp = Vb−Vm Vp
1 φ 2 Kg

1

[mm] [mm] [mm] [mL] [mL] [mL] [mL] [%] [mD]

2C Berea 59.31 37.80 12.18 66.56 53.10 13.46 13.15 19.85 152
3A 64.94 37.82 12.36 72.95 58.64 14.31 13.93 19.19 124
3B 64.07 37.82 12.34 71.98 57.78 14.20 13.78 19.25 126
3C 65.61 37.82 12.38 73.71 59.21 14.50 14.13 19.26 128
4A Bentheimer 67.42 37.64 12.38 75.02 56.23 18.79 18.63 24.27 1989
4B 65.94 37.62 12.33 73.30 55.10 18.20 18.07 25.58 1948

2.3. Establishing Initial Conditions

To establish initial water saturation, a clean and dry core sample was saturated using
0.1 mol/L NaCl and then drained to a specified water saturation of 10% by water evapora-
tion in a vacuum desiccator. The initial brine concentration gave the brine a concentration
of 1.0 mol/L when the target saturation was reached. Next, the cores were saturated with
oil, which in this study was either n-Heptane, Marcol 82 or a mixture of them. The core
was then ready for either forced or spontaneous imbibition.

2.4. Flooding Rig Equipment

A Quizix QX pump from Ametek Chandler Engineering was used in the flooding
rig. The core sample was mounted in a core holder of Hassler type. As the experiment
started, the differential pressure, back pressure and overburden pressure were measured
continuously by Rosemount 3051TM CoplanarTM Pressure Transmitters. The measurement
range for differential pressure measurements was 0–62 mbar for the low range transmitter,
and 0–2400 mbar for the high range transmitter. Management of the pump and datalogging
was performed from a computer using the dedicated pump software PumpWorks, which
was supplied by Ametek to control the QX-pumps.

2.5. Measurement of End Point Permeabilities

The effective oil permeability was measured at initial water saturation ko(swi), after
establishing initial conditions, before performing either forced or spontaneous imbibition.
The flooding rig was prepared by saturating all tubings with the relevant oil. The core
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sample was then placed in the core holder and put under 12 bar confining pressure and
a back pressure of 2 bar. The pressure drop was measured at four different rates, then
linear regression and Darcy’s law were used to calculate the effective oil permeability of
the core sample at the initial water saturation. After the forced imbibition experiments,
the effective water permeability at residual oil saturation, kw(sor), was measured using the
same method, with flooding brine at four different rates. Relative permeability endpoints
were calculated by dividing the calculated effective permeability by the gas permeability of
the core sample.

2.6. Spontaneous Imbibition Tests

All-Faces-Open spontaneous imbibition was performed using a clean and leak-proof
Amott cell. A coiled steel wire was used as a shock absorber. A core saturated with oil and
initial water saturation, was placed in the cell on top of the steel wire. A magnet was used
to loosen oil bubbles potentially sticking to the glass. The time was started when the Amott
cell was filled with imbibing fluid 1 mol/L NaCl brine. The cell was shaken regularly, and
the location of the fluid meniscus was read while noting the time. When the oil production
had stabilized, the experiment was ended.

2.7. Forced Imbibition

After measuring ko(swi) the tubes of the rig were cleaned for oil using n-heptane and
compressed air. The core was kept at 12 bar overburden pressure and a back pressure of
2 bar (10 bar net confining pressure). Five forced imbibition experiments were performed,
using two oils (n-Heptane or Marcol 82) and two rates (2 mL/h or 15 mL/h). The produced
oil was collected in a burette/separator. A camera was used to photograph the oil level in
the burette/separator at a specified frequency. The pressure drop from inlet to outlet of the
core was recorded continuously.

2.8. Procedure for Cleaning Cores Using Soxhlet Extractor

The core samples were cleaned of oil, water and salts using a Soxhlet extractor. Toluene
was used to remove oils from the sample while methanol was used to remove water
and salts.

3. Theory
3.1. General Description of 1D Two-Phase Flow

Oil-water 1D linear flow in porous media is considered with incompressible rock and
fluids, and the fluids are immiscible. The fluid saturations si and pressures pi are related by
volume and capillary pressure constraints:

so + sw = 1, po − pw = Pc(sw) (1)

The system can be described by a water transport equation and a pressure equation:

φ∂tsw = −∂x(uT fw + Kλo fw∂xPc), (2)

∂x(λo∂xPc + λT∂x pw) = 0 (3)

In a given experiment we assume porosity φ, absolute permeability K, fluid viscosities
µi are constant and that relative permeabilities kri and capillary pressure Pc are functions of
water saturation sw. Fluid mobilities λi are defined by the ratio of relative permeability kri
and viscosity µi, while the fractional flow function fw is the water mobility divided by the
total mobility λT .

λi =
kri
µi

, Pc(sw) = σow
√

φ/KJ(sw), fw =
λw

λT
, λT = λo + λw (4)
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As a base assumption for interpreting all the experiments, the relative permeability
kri and scaled capillary pressure J(sw) are assumed to be the same. That is reasonable
since we use same brine and initial saturation, artificial oils without polar components and
outcrop sandstone samples, such that similar wetting states (strong water-wetness) can be
expected. Although counter-current flow can yield lower effective relative permeability
than during co-current flow [17,46] we will assume such effects are negligible. Oil recovery
RF is reported as the fraction of mobile oil produced:

RF =
sw − swr

∆sw
= S, S =

sw − swr

∆sw
, ∆sw = 1− sor − swr (5)

As noted, recovery equals the (spatial) average of normalized water saturation S,
which goes from zero to one when the water saturation varies from swr to 1 − sor (sir
indicates residual saturation).

3.2. Forced Imbibition

A core with length L is injected with water at x = 0, while water and oil are produced
at the outlet x = L, where the capillary pressure is zero.

uw(x = 0) = uT , Pc(x = L) = 0 (6)

Since uT is specified by a known injection rate, the saturation equation can be solved in-
dependently. We scale the equation with X = x

L , time in mobile pore volumes
T = t

(Lφ∆sw/uT)
, Leverett scaling, normalized saturation and a characteristic mobility

λch = k∗rw
µw

to get:

∂TS = −∂X( fw)−
σλch

√
K/φ

LvT
∂X

(
λo fw

λch

dJ
dS

∂XS
)

, (7)

The fluid pressure drops are calculated by integrating the water pressure gradient:

∆pw =
∫ L

x=0

[
λo

λT
∂xPc +

uT
KλT

]
dx, ∆po = ∆pw + Pc(sw(x = 0)) (8)

During fluid injection the non-wetting phase pressure drop is measured, which is the
highest of the two phases and corresponds to oil in a SWW system [47]. Strong capillary
forces can delay the inlet saturation from reaching its maximum value (where Pc = 0) and
then the phase pressures will be different.

3.3. Counter-Current Spontaneous Imbibition

During counter-current spontaneous imbibition the length of the system can be defined
by Ma et al. [29]’s characteristic length Lc (adapted to a cylindrical core):

Lc =

√
Vb

∑ Ai/li
=

DL
2
√

D2 + 2L2
(9)

The open boundary at x = 0 has zero capillary pressure, while the system has a
no-flow boundary at x = Lc. We set the outside water pressure to zero for reference:

Pc(x = 0) = 0, pw(x = 0) = 0, ui(x = Lc) = 0 (10)

Since uT = 0 at Lc and uT is uniform, uT = 0 everywhere and the advective flow
term can be ignored. The resulting capillary diffusion equation is solved to give saturation
distributions at different times.

φ∂tsi = −∂x(Kλo fw∂xPc), (11)
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The pressure distribution can be calculated based on the pressure gradient equation
with zero total flux and integrating it from a known zero pressure at the open boundary:

∂x pw = − λo

λT
∂xPc, pw(x) = −

∫ x

x=0

λo

λT
∂xPcdx (12)

The capillary diffusion equation can then be scaled using normalized saturation
S, X = x/Lc, T = t/τ, Leverett scaling of Pc and scaling λo fw with a characteristic
mobility λch:

∂TS = −τ
σλch

L2
c ∆sw

√
K/φ∂X

(
λo fw

λch

dJ
dS

∂XS
)

(13)

The time scale is selected to make the coefficient equal to one, leaving a dimensionless,
but nonlinear diffusion coefficient.

We consider three time scales based on the choice of λch: The first λch is the inverse
water viscosity; the second the inverse geometric mean of the viscosities; and the third set-
ting the end mobilities of oil and water into the expression λo fw. These choices correspond,
respectively, to the time scales of Mattax and Kyte [28], Ma et al. [29] and Zhou et al. [37],
with the exception of using Ma et al.’s length Lc in all cases.

τ1 =
µwL2

c ∆sw

σ
√

K/φ
,
(

λch =
1

µw

)
(14)

τ2 =

√
µwµoL2

c ∆sw

σ
√

K/φ
,
(

λch =
1

√
µwµo

)
(15)

τ3 =
L2

c ∆sw

σ
√

K/φ

(
λ∗o + λ∗w

λ∗o λ∗w

)
,
(

λch =
λ∗o λ∗w

λ∗o + λ∗w

)
(16)

The scales all account for variations in core shape, porosity, permeability, interfacial
tension and saturation range, which appear as proportionality coefficients. The water
viscosity is involved nonlinearly in the diffusion coefficient but was not varied in our
experiments. Hence, τ1 collects the data and only shows variations due to oil viscosity or
possible variations in the saturation functions. Our base assumption is that kri and J as
function of S are the same for all cases. τ2 attempts to collect viscosity variations by mean
of the fluid viscosities, while τ3 accounts for relative permeabilities and how the mobilities
appear in the diffusion coefficient. As shown by McWhorter and Sunada [34], Schmid
and Geiger [38] and Andersen et al. [39] a perfect scaling of viscosities and saturation
functions are however only possible at an early time and depend on the entire diffusion
coefficient function.

During SI, the imbibition rate declines steadily with time. In a 1D linear system,
recovery is first proportional to the square root of time. At late times, the rate drops faster
towards zero. Considering imbibition from all sides (and not 1D) we assume that recovery
follows a more general exponent; RF = Atα. In a log-log plot this gives a straight line
log RF = log A + α log t. Data that fall on such a straight line are infinite-acting since the
rate does not decline faster than in an infinite system. When the data fall below the line the
infinite acting period ends. Andersen [48] found that the extent of RF in the infinite acting
period (of a linear system) was directly associated with how far the capillary diffusion
coefficient was shifted towards high saturations. A coefficient shifted far towards high
saturations would result in almost complete recovery following a straight line against the
square root of time. A shift in the coefficient towards high saturations occurs when oil gets
high mobility relative to water. Andersen [48] plotted SWW data from Fischer et al. [49]
and found that the data with a higher oil-to-water mobility ratio had a higher recovery in
the infinite acting period, spanning 75–90% of the mobile oil.
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3.4. Analytical Approximate Solutions
3.4.1. Forced Imbibition

During water injection in SWW rocks, it is commonly observed that all the mobile
oil is produced before water breakthrough, with recovery being equal to the mobile pore
volumes injected Tm:

RF = Tm, Tm =
t

(Lφ∆sw/uT)
, (0 < Tm < 1) (17)

One explanation is that the mobility ratio is favorable giving associated piston-like
displacement. If that is so, we can set the Darcy water velocity uw behind the front (at x f )
equal to the oil Darcy velocity uo ahead of the front:

ui = −Kλ∗w
pw f − pwL

x f
= −Kλ∗o

poR − po f

L− x f
(18)

The front capillary pressure relates the front oil and water pressures Pc f = po f − pw f =
Pc(swr). po f is eliminated and we solve for pw f . The expression for pw f is then substituted
into the water flux equation:

pw f =
λ∗w

(
L− x f

)
pwL + λ∗o x f (poR − Pc(swr))

λ∗w

(
L− x f

)
+ λ∗o x f

, uw = K
∆p + Pc(swr)

L−x f
λ∗o

+
x f
λ∗w

, (19)

∆p = pwL − poR is the measured pressure drop (through the oil phase) since full
mobile water saturation at the inlet corresponds to zero capillary pressure (pwL = poL). The
Darcy velocities are constant and related to the front position as:

x f =
uw

φ∆sw
t, uw = uT (20)

Apply Leverett scaling Pc f = σ
√

φ/KJ f and solve for the pressure drop:

∆p =
uT L

K

(
1

λ∗o
+

uTt
Lφ∆sw

(
1

λ∗w
− 1

λ∗o

))
− σ

√
φ/KJ(swr) (21)

Divide by ∆pre f = uT
K

L
λ∗w

(the pressure drop measured if water flows at residual oil
saturation) and express time in mobile pore volumes injected Tm. We then obtain the
following equation describing normalized pressure drop against pore volumes injected:

∆p
∆pre f

= (M + Tm(1−M))− λ∗wσow

vT L

√
K/φJ(swr), M =

λ∗w
λ∗o
≤ 1 (22)

The end point mobility ratio M should be less than one since we have assumed
piston-like displacement, requiring the water to have a lower mobility than oil.

In case the displacement is not piston-like, we can approximate it to follow a Buckley–
Leverett profile, where the capillary diffusion term does not affect the profile shape. Using
similar assumptions, we can derive (see the Appendix A) a scaled pressure drop as follows:

∆p
∆pre f

=
(

M + Tm(λ
∗
w/λ∗T −M)∆sw f ′w

(
sw f

))
− λ∗wσow

vT L

√
K/φ( J(swr)− ∆J∗), (23)

λ∗T is the mobility of the Buckley–Leverett profile, sw f the front saturation and ∆J∗

the reduction in the scaled capillary driving force pulling on the profile compared to a
piston-like profile.

The Equations (21) to (23) make some interesting predictions:
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• Assuming negligible capillary forces and a fixed injection rate, ∆p increases linearly
with time from the ∆p defined by the end point mobility of oil λ∗o (displaced phase) to:

a. the ∆p defined by the end point mobility of water λ∗w (displacing phase) if the
displacement is piston-like. The scaled pressure drop starts at M and ends at
one when Tm = 1. It is assumed M ≤ 1;

b. the ∆p defined by the mobility of the Buckley–Leverett profile λ∗T , which is less
than the water mobility λ∗w. A higher pressure drop is measured when only wa-
ter flows and the peak is observed at water breakthrough,
Tm = 1/

(
∆sw f ′w

(
sw f

))
< 1. Scaled pressure drop starts at M and ends at

λ∗w/λ∗T > 1 at breakthrough.

• We can expect negligible capillary effects if the interfacial tension, water mobility and
permeability are low and the velocity, length and porosity are high as given by large

values of the capillary number vT L
λ∗wσow

√
φ
K

• When capillary forces are significant, they reduce the initial ∆p below that which
would be expected when only mobile oil flows (scaled pressure drop less than M).

• If the saturation profile (front) does not change shape, ∆p increases linearly, also when
capillary forces are present but shifted to lower values.

a. However, capillary diffusion may smear the front and result in less of a capillary
driving force with time. The pressure drop may increase as a result.

b. As the front disappears at water breakthrough, we expect the capillary driving
force at the front to vanish. Viscous forces must sustain the rate and a jump
in ∆p is expected. The ∆p will not reach as high values as without capillary
forces as the positive capillary pressure of the remaining saturation profile still
provides a (small) driving force.

From a forced displacement there are thus some indicators of significant capillary
forces. When all the oil is displaced before water breakthrough, capillary forces can be
detected by:

• A low initial pressure drop. ‘Low’ means compared to what is expected from the pres-
sure drop, based on the measured oil end point relative permeability with oil flooding;

• A pressure drop that increases accelerating with time. The first period may be expected
to be more linear;

• By increasing the factor λ∗wσ
vT L

√
K
φ it is expected that capillary forces will have more

effect on the measurements.

Another implication is that if the observed data are linear we should expect to obtain
the pressure drop at the initial oil mobility when extrapolating the pressure drop linearly
with time to zero time.

3.4.2. Piston-like Counter-Current Spontaneous Imbibition

Assume piston-like imbibition where the water front has position x f with constant
saturations on either side. Darcy’s law relates the phase fluxes and phase pressure drops
between inlet and front.

uw = −Kλw
pw f − pw0

x f
, uo = −Kλo

po f − po0

x f
(24)

The fluxes are opposite and equal, uw = −uo, and we set the inlet pressures equal
(due to zero capillary pressure) and zero, pw0 = po0 = 0. The pressures at the front are
related by the front capillary pressure po f − pw f = Pc f . Combined, we express uw using
Pc f . Oil must be very mobile to flow past high water saturations, otherwise flow must be
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facilitated by lower water saturations. We thus apply infinite oil mobility to support the
piston-like displacement assumption:

uw =
K
x f

λoλw

λo + λw
Pc f ≈

K
x f

λwPc f (25)

The front velocity is related to the flux, and the relation can be integrated to find the
position with time:

dx f

dt
=

uw

φ∆sw
, x f =

[
2K

φ∆sw
λwPc f

]0.5√
t (26)

The expression x f (t) can be applied in uw

(
x f

)
to get uw(t). Integrating the mass con-

servation law for the water phase, φ∂tsw = −∂xuw, over time results in average saturation
as a function of time. Applying J-scaling and the definition of recovery we get:

uw =

[
Kφ∆sw

2
λwPc f

]0.5 1√
t
, RF =

[
2σ
√

K/φ

∆swL2 λw J f

]0.5√
t (27)

This shows that recovery follows a square root of time behavior if the imbibition is
piston-like. Note that since the initial capillary pressure (at the front) can be infinite and the
water mobility is zero ahead of the front, it is not certain how to evaluate the factor λw J f .
Some oil mobility must exist behind the front, meaning true piston-like displacement is not
possible, but perhaps a good approximation.

3.5. Implementation in Numerical Simulator

To solve the 1D systems for spontaneous and forced imbibition numerically, the core
scale simulator IORCoreSim (an extension of BugSim) [50] was applied. A Black Oil model
approach was used where the rock and fluids were set incompressible and immiscible.
A total of 400 grid cells were applied. For the flooding experiments, a small region was
defined at the inlet and outlet with high permeability (108 mD), linear relative permeabilities
kri = si and zero capillary pressure Pc = 0. An injector and producer were placed at each
side. Full mobile oil saturation was used in these regions, consistent with the experimental
setup where oil was placed at the inlet and outlet to have system equilibrium before water
flooding. The pressure drop was reported as the difference in pressure reported in the
two regions.

4. Results and Discussion
4.1. Summary of Experiments

In total, 22 imbibition experiments were performed (5 FI and 17 SI). The SI experiments
were performed with four oil viscosities on two rock types (Berea and Bentheimer), while
FI was performed only on Berea at two viscosities and two rates at each viscosity. The
overview of the experiments is listed in Table 3 together with the end point saturations and
relative permeability points. The results were highly consistent but varied between the
rock types.

The average initial oil relative permeability k∗ro was 0.75 and 0.71 for Berea and Ben-
theimer, with sample variations of ~20% (two standard deviation range). The average
sor after flooding Berea was 0.557, while the average after SI was 0.536. The similarity
indicates a SWW state. The sor for Berea was 0.54 +/− 20%, while for Bentheimer it was
significantly lower: 0.41 +/− 12% suggesting some influence of the rock type. The water
relative permeability end point k∗rw obtained after the flooding experiments was on average
0.0120, with the lowest value 0.0064 and the highest 0.023. Importantly the water end
point relative permeability is much lower than the oil end point relative permeability, by
roughly a factor of 60. The low relative permeability end point of the strongly wetting
phase is consistent with previous literature observations [15–17], where ratios around 10
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are common. k∗rw was not measured for Bentheimer but estimated from scaling and found
to be of similar magnitude as Berea.

Table 3. Overview of performed tests, imbibition type (forced FI or spontaneous SI), nonwetting
phase used, initial water saturation, relative permeability end points (not measured in all tests) and
the rates used in FI tests. Cores two and three are Berea and core four is Bentheimer type. For SI tests
the sor was estimated by the highest oil saturation. The ‘relative variation’ is given as two standard
deviations divided by the average.

Core ID Imbibition Type NW Phase swi[frac] ko(swi)[mD] kro(swi)[frac] sor[frac] kw(sor)[mD] krw(sor)[frac] M [-] Rate [mL/h]

Berea
2C-1 SI C7 0.100 - - 0.561 - - -
2C-2 SI C7 0.098 - - 0.559 - - -
2C-3 SI M82 0.100 - - 0.509 - - -
2C-4 SI 68-32 0.102 122 0.805 0.505 - - -

3A-1 FI M82 0.104 102 0.823 0.571 1.41 0.0114 0.42 2
3A-2 FI M82 0.101 87.1 0.702 0.545 1.19 0.0096 0.42 15
3A-3 FI M82 0.103 90.5 0.730 0.519 0.788 0.0064 0.27 2
3A-4 SI 90-10 0.100 - - 0.514 - - -
3A-5 SI 90-10 0.104 100.4 0.811 0.507 - - -

3B-1 FI C7 0.106 81.7 0.648 0.585 2.90 0.0230 0.0138 15
3B-2 FI C7 0.103 83.2 0.660 0.564 1.19 0.0094 0.0056 2
3B-3 SI 68-32 0.101 - - 0.521 - - -
3B-4 SI 68-32 0.103 - 0.677 0.521 - - -

3C-1 SI C7 0.099 - - 0.594 - - -
3C-2 SI M82 0.104 111 0.867 0.515 - - -
3C-3 SI C7 0.103 100 0.781 0.557 - - -
3C-4 SI M82 0.104 103 0.805 0.612 - - -
3C-5 SI M82 0.102 - - 0.528 - - -
3C-6 SI M82 0.099 94.6 0.739 0.520 - - -

Average 0.102 97.77 0.754 0.541 1.50 0.0120
Rel variation 0.04 0.25 0.19 0.12 1.09 1.07

Bentheimer

4A-1 SI C7 0.105 - - 0.403 - - -
4A-2 SI C7 0.104 1309 0.658 0.396 - - -

4B-1 SI M82 0.102 - - 0.398 - - -
4B-2 SI M82 0.105 1499 0.770 0.446 - - -

Average 0.104 1404 0.714 0.411
Rel variation 0.03 0.19 0.22 0.12

4.2. Spontaneous Imbibition Results

The spontaneous imbibition data are plotted in Figure 3 as average water saturation
against logarithmic time. Measurements at times less than a minute were considered
inaccurate and are not included. The fastest imbibition experiments are the Bentheimer
cores (4A and B), which have a magnitude higher permeability than the Berea cores. The
~80 times higher oil viscosity with Marcol over heptane increases the time scale by a factor
between three and ten for the Bentheimer tests. The variation between C7 and M82 tests
for Berea is similar, roughly a factor of five. The saturations obtained are mainly consistent,
with some exceptions. Bentheimer tests reach sw ∼ 0.6, while Berea tests tended to reach
sw ∼ 0.47. The C7 tests reached slightly less water imbibition, sw ∼ 0.44 for Berea, but not
for Bentheimer.

Next, the data are presented in scaled form. When scaling (with τ1, τ2 or τ3), each
experiment was scaled using its individually measured values (of swi, sor, k∗ro, etc). The
same permeability was assumed for a given core. Values not measured for a given test
were estimated from the average measurements of the other tests on the same rock type.
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Figure 3. Spontaneous imbibition results of water saturation sw plotted against time t.

RF is plotted against t/τ1 in log–log format in Figure 4. The modified Mattax and
Kyte time scale τ1 eliminates the role of core dimensions, permeability, saturation range,
porosity and IFT (the water viscosity was the same). Many of the tests display linear
trends in the log–log format indicating infinite-acting behavior, especially for intermediate
recovery values (see the purple, black, green, orange curves). These trends are less clear for
Bentheimer and the early time data for several Berea tests; where the time since the onset
of imbibition was short. The Bentheimer tests with Marcol (red curves) clearly demonstrate
declining slopes in the log–log format after about RF = 0.5 suggesting the end of infinite
acting behavior. The heptane data of Bentheimer seem to enter this period at a higher
recovery ~0.7. This is in line with getting a higher recovery factor in the infinite acting
domain when oil has a higher mobility [48].
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Figure 4. Spontaneous imbibition results of recovery factor RF plotted against scaled time
t/τ1 (time scaled using the modified time scale of Mattax and Kyte [28] including Ma et al.’s
characteristic length).

Although the curves are scaled, the Bentheimer data have ~2–3 times shorter scaled
times than Berea under same experimental conditions (compare the Marcol tests and
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Heptane tests) indicating some difference in the saturation functions. For a given rock
type, and assuming the (normalized) saturation functions are the same, this figure directly
shows the influence of varying the oil viscosity while other effects are eliminated. For both
rock types we see that changing Heptane to Marcol increases the time by a factor ~5. The
90/10 oil mixture had ~10 times higher viscosity than heptane, which increased the time
from heptane by ~3. The 68/32 mixture had ~30 times higher viscosity than heptane, and
the time increase was on average similar to Marcol compared to heptane, ~5, but with
some variation.

In Figure 5 we use Ma et al. [29]’s time scale τ2 to present the data. This time scale
also attempts to correct for the role of viscosities by assuming the imbibition time increases
proportionally with

√
µwµo. When changing oil from heptane to Marcol the oil viscosity

increases by a factor ~80, which should increase the time by a factor ~9, roughly one
order of magnitude. As we have just explained, such great changes in time scale were not
observed and the scaling leads to an overcorrection. The low viscosity cases (heptane) using
τ2 now have over half an order of magnitude larger scaled time than the high viscosity
cases (Marcol) and the data overall are less collected, now scattered by roughly one order
of magnitude, while in Figure 5 the scatter was roughly within ~0.7 log units of scaled time.
This demonstrates a more complex influence of viscosities on the time scale than given by
the geometric mean.
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Figure 5. Spontaneous imbibition results of RF plotted against scaled time t/τ2, where τ2 is
Ma et al. [29]’s time scale. Compared to the previous figure, oil viscosity is assumed scaled via

√
µwµo.

We previously found that the water relative permeability end point was much lower
than the oil relative permeability end point, which is likely to influence the imbibition experi-
ments. The relative permeability end points and viscosities are combined in Zhou et al. [37]’s
time scale τ3 by evaluating the oil and water mobilities at their end points in the diffusion
coefficient. The scaled data are shown in Figure 6. The Berea experiments were collected
closely within a half order of magnitude, although one outlier (3B-4) was seen. The scatter
in the scaled experiments is of the same magnitude as the scatter in experiments under the
same conditions: for example, the orange curves were all performed on Berea cores with
Marcol. Similarly, the purple curves represent Berea cores with 68/32 mix. In both cases
the scaled times spanned a half order of magnitude at a given RF.
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Figure 6. Spontaneous imbibition results of RF plotted against scaled time t/τ3 where τ3 is the time
scale by Zhou et al. [37] and accounts for fluid viscosities and relative permeability end points.

We note that no measurements had been made of k∗rw for Bentheimer. This parameter
was estimated based on the premise that all the curves should overlap when accounting
for their characteristic mobility. Assuming the same value as the average of the Berea
(flooding) tests (0.012) led to a slightly shorter scaled time than the Berea data but with
overlap. Values 0.03 < k∗rw < 0.10 put the Bentheimer data within the range of the Berea
data (not considering the outlier 3B-4) and the value k∗rw = 0.065 was selected.

4.3. Forced Imbibition Data

Recovery RF is plotted against mobile pore volumes Tm = T/∆sw in Figure 7. The
data for all five tests fall on the predicted straight line RF = Tm (<5% under) from (17)
until full recovery when one mobile pore volume has been injected, although test 3A-1
had some late production. Overall, the linear recovery until full production indicated
piston-like production for all the tests, for all combinations of oil viscosity and injection rate.
As calculated in Table 3, all the mobility ratios are below one (in the range 0.0056 to 0.42).
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We next consider normalized pressure drop ∆p/∆pre f together with the predicted
straight line obtained from (22) when the capillary pressure term is ignored. This line
starts from M (based on fluid viscosities and k∗ro and k∗rw obtained at oil and water flow,
respectively) and ends at one. The data are shown for heptane (C7) tests in Figure 8 and
Marcol (M82) tests in Figure 9.
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end points were measured, and same fluids were used, but different injection rates. The 

high-rate experiment 3A-2 shows data closer to the straight line and the data are more 

linear, in line with expected behavior at dominating advective forces. The second 

low-rate experiment in the right figure is also significantly below the straight line. We 

expected similar impact of rate for the heptane experiments in Figure 8, but there ap-

peared to be similar or less deviation from the straight line at a low rate. The measured 

𝑘𝑟𝑤
∗  was ~2.5 times lower in the low-rate experiment 3B-2 than 3B-1, which increases 

advective forces at the given rate and balances the impact of rate reduction. 

Figure 8. Normalized pressure drop ∆p/∆pre f plotted against mobile pore volumes injected for the
forced imbibition tests with Heptane, C7 (0.41 cP) at low rate (blue points) and high rate (red points).
The data are compared with the predicted model (dashed lines) of piston-like displacement with no
end effects.
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Figure 9. Normalized pressure drop ∆p/∆pre f plotted against mobile pore volumes injected for
the forced imbibition tests with Marcol (32 cP) at low rate (blue points) and high rate (red points).
The data are compared with the predicted model (dashed lines) of piston-like displacement with no
end effects.

In all cases the pressure drop increased with time, in line with a favorable mobility
ratio. Even when oil had much higher viscosity than brine, the low k∗rw gave water lower
mobility than oil. The data were mainly below the straight line. This indicates that capillary
forces aided the imbibition process since less pressure drop was required than piston-
like displacement without capillary forces. The pressure drop increased faster with time,
towards the water end point. In Figure 9 left, a similar set of relative permeability end points
were measured, and same fluids were used, but different injection rates. The high-rate
experiment 3A-2 shows data closer to the straight line and the data are more linear, in line
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with expected behavior at dominating advective forces. The second low-rate experiment
in the right figure is also significantly below the straight line. We expected similar impact
of rate for the heptane experiments in Figure 8, but there appeared to be similar or less
deviation from the straight line at a low rate. The measured k∗rw was ~2.5 times lower in the
low-rate experiment 3B-2 than 3B-1, which increases advective forces at the given rate and
balances the impact of rate reduction.

4.4. Matching Experimental Data

To model the experiments, some experimental properties were averaged to represent
many tests with one model. For flooding, L was given the average length of the flooded
cores 3A and 3B; for spontaneous imbibition Lc was given the average characteristic length
based on all the cores. The same swi, k∗ro, σ, µw were used in all cases, while sor, φ, K, k∗rw were
set based on rock type (Berea or Bentheimer). µo was set according to oil. The parameters in
the kri and J functions were assumed the same for all tests except that k∗rw differed between
Berea and Bentheimer (as determined from flooding and scaling, respectively). We apply
extended Corey relative permeability correlations [51]:

krw = k∗rwSnw , kro = k∗ro(1− S)no (28)

nw = nw1S + nw2(1− S), no = no1S + no2(1− S) (29)

The exponents nw, no can vary with saturation to better match data. The J-function is
a modified Bentsen and Anli [52] type correlation:

J(S) = −J1 ln(S) + J2 ln
(

1− S + ∆S
∆S

)
,

dJ
dS

= − J1

S
− J2

1− S + ∆S
(30)

This is defined such that J(S = 1) = 0, as expected for SWW media. The slope goes
to negative infinity at S = 1 + ∆S and the function can be made steeper near S = 1 with a
lower ∆S.

Initial imbibition relative permeability and J functions were taken from Kleppe and
Morse [15] who measured on a 290 mD and 22.5% porosity Berea sandstone with 30% initial
water saturation. The saturation range was normalized, and the relative permeability end
points adapted to our observations. Further tuning was conducted primarily of the Corey
exponents and magnitude of the J-function to match the time scale and shape of the heptane
and Marcol SI experiments, and the recovery and scaled pressure profiles of the FI Berea
tests. An overview of the simulation input parameters is given in Table 4. The matched
functions are compared to the literature curves in Figure 10, where the main difference is
that the matched Berea water relative permeability and the J-function are lower.

Table 4. Input parameters used for simulating the experimental data. The values are averaged as
follows: L from 3A and 3B (only the flooded cores), Lc from all cores (all were used for SI), σow for all
four oils (the values were similar).

Constant Parameters Rock Specific Parameters Saturation Function Parameters

Berea Bentheimer Tuning K and M

L 64.8 mm sor 0.54 0.41 nw1 6 6
Lc 12.3 mm φ 0.194 0.249 nw2 3 2.5
D 37.75 mm K 133 mD 1970 mD no1 1.5 2

σow 37.0 mN/m k∗rw 0.012 0.065 no2 1.5 0.5
µw 1.10 cP τ1 5.43 × 10−4 h 2.18 × 10−4 h J1 0.14 0.3

µo [C7] 0.41 cP J2 0.014 0.03
µo [M82] 32 cP ∆S - 3 × 10−4

swi 0.10 k∗ro - 0.75
k∗ro 0.75 k∗rw - 0.07

M[C7] 0.0047
M[M82] 0.45
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their relative difference (due to viscosity), and the recovery at which the infinite acting 

period ends is well captured. Note, for example, that the high viscosity (Marcol) experi-

ments are modeled to last 3–5 times longer than their corresponding low viscosity (hep-

tane) tests and the Marcol tests end the linear recovery at a lower recovery level than the 
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Figure 11. Comparison of experimental spontaneous imbibition results for Berea (left) and Ben-

theimer (right) against simulated results considering only the experiments with heptane and 

Markol. The time is scaled with 𝝉𝟏 to account for variations in core dimension, permeability, po-
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Figure 10. Saturation functions plotted against normalized saturations for data based on [15], and
adaptations to match the experimental results in this work. Lower J-function and lower water relative
permeability for Berea were required to match our data. The J values can be converted into capillary
pressure with the factor σ

√
φ/K = 44.7 kPa for Berea.

The match of the spontaneous imbibition experiments is shown in Figure 11 for Berea
and Bentheimer tests with heptane and Marcol. The time scale of the experiments, their
relative difference (due to viscosity), and the recovery at which the infinite acting period
ends is well captured. Note, for example, that the high viscosity (Marcol) experiments are
modeled to last 3–5 times longer than their corresponding low viscosity (heptane) tests and
the Marcol tests end the linear recovery at a lower recovery level than the heptane tests.
These levels are lower for Bentheimer than Berea since the water mobility was higher.

Energies 2022, 15, 3531 19 of 27 
 

 

 

Figure 10. Saturation functions plotted against normalized saturations for data based on [15], and 

adaptations to match the experimental results in this work. Lower J-function and lower water rel-

ative permeability for Berea were required to match our data. The J values can be converted into 

capillary pressure with the factor 𝜎√𝜙/𝐾 = 44.7 kPa for Berea. 

The match of the spontaneous imbibition experiments is shown in Figure 11 for Be-

rea and Bentheimer tests with heptane and Marcol. The time scale of the experiments, 

their relative difference (due to viscosity), and the recovery at which the infinite acting 

period ends is well captured. Note, for example, that the high viscosity (Marcol) experi-

ments are modeled to last 3–5 times longer than their corresponding low viscosity (hep-

tane) tests and the Marcol tests end the linear recovery at a lower recovery level than the 

heptane tests. These levels are lower for Bentheimer than Berea since the water mobility 

was higher. 

 

Figure 11. Comparison of experimental spontaneous imbibition results for Berea (left) and Ben-

theimer (right) against simulated results considering only the experiments with heptane and 

Markol. The time is scaled with 𝝉𝟏 to account for variations in core dimension, permeability, po-

rosity and end saturations. 

Figure 11. Comparison of experimental spontaneous imbibition results for Berea (left) and Ben-
theimer (right) against simulated results considering only the experiments with heptane and Markol.
The time is scaled with τ1 to account for variations in core dimension, permeability, porosity and
end saturations.
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Numerical simulation of the forced imbibition tests on Berea are shown in Figure 12
for heptane (µo = 0.41 cP) and Marcol (µo = 32 cP). The experimental rates (2 and 15 mL/h)
and two more were simulated, corresponding to a range of 3 to 100 PV/d. For both
cases a very high recovery is obtained before water breakthrough (~99% with heptane
and ~95% with Marcol). This is similar to the experimental observations, see Figure 7.
Changing the rate had very little impact on the recovery profiles: it followed the linear trend
RF = Tm followed by a plateau with low oil rate after water breakthrough. A third case
was simulated with 150 cP to see the behavior when the mobility ratio became unfavorable,
M ≈ 2.18 in the example. Breakthrough occurs at RF ∼ 0.9.
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Figure 12. Simulated recovery factor (left) and normalized pressure drop (right) plotted against
mobile pore volumes injected for Berea input parameters using oil viscosity of heptane 0.41 cP
(top), Markol 32 cP (middle) and a synthetic high value 150 cP (bottom). The * mark denotes a
characteristic value.

At high injection rates (as capillary forces are suppressed) the normalized pressure
drop profiles converge to straight line profiles against injected mobile pore volumes. The
lines start at the mobility ratio M and end at one for piston-like displacement (seen for
heptane) and either higher value (Markol) or lower (150 cP oil) if the imbibing profile has
less and more mobility than flowing water, respectively. The profiles were shifted lower if
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the rate was reduced, which indicates that capillary forces spontaneously act as a separate
driving force to imbibe water.

When the water reaches the outlet, the saturation front carrying the capillary driving
force, vanishes and a corresponding viscous pressure drop must be added to maintain
the rate. This is seen as a sharp jump in pressure drop for both heptane and Marcol
simulation cases. However, the pressure drop was not significantly reduced for the 150 cP
case, but showed a peak higher than that obtained with low capillary forces (high rate).
Furthermore, for Markol, the peak was higher with capillary forces (low rate). This indicates
that capillary forces can also add resistance during the displacement. We note that the
increased oil viscosity reduces the relative importance of capillary forces.

To better understand the role of capillary pressure during injection, we consider water
saturation distributions for the cases with low (0.41 cP) and high (150 cP) oil viscosity in
Figure 13. The profiles are compared at same number mobile pore volumes injected, but at
high and low injection rates, corresponding to low and high importance of capillary forces,
respectively. For high and low viscosity cases, capillary forces smear the profiles at low
rate. This causes the inlet saturation to not build up to its maximum mobile saturation
until after some time. With low oil viscosity, water imbibition reduces the mobility in the
system and eventually the pressure drop must be increased to sustain the rate beyond what
the spontaneous imbibition provides. The pressure drop increases linearly with Tm after
that to sustain the rate (Figure 12). The jump in pressure drop at Tm = 0.98 is associated
with water reaching the outlet and saturations increasing to almost eliminate the capillary
pressure driving force. For the high viscosity case, the Buckley–Leverett profile has a lower
mobility than the oil and the pressure drop reduces with time. Although the saturation
profile visibly changes by capillary forces, the pressure drop appears close to unaffected,
even with the low rate of 0.6 mL/h. High viscosity and non-uniform saturation profile
reduces the capillary driving force, see (23). The main impact of the capillary forces is seen
at water arrival at the outlet, with a jump in pressure drop. Water accumulates to reach
zero capillary pressure, which halts breakthrough. This reduces the mobility of the oil
and increases the pressure drop. Considering the net effect of smearing and accumulation,
slightly earlier breakthrough appears to result when capillary forces are present. This can
also be seen for the Markol simulation on close inspection.
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Figure 13. Saturation distributions after different number mobile pore volumes injected Tm as
indicated for oil viscosity of 0.41 cP (left) and 150 cP (right) using Berea saturation functions. High
rate (HR) corresponds to 60 mL/h, while low rate (LR) corresponds to 2 mL/h for low viscosity and
0.6 mL/h for high viscosity.
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4.5. Viscosity Impact on Spontaneous Imbibition Behavior

Based on the determined saturation functions for Berea, we are interested in the effect
of viscosity in a SWW system. To compare oil and water viscosity fairly, we let them have
reference values of 1 cP (black curve) and vary them individually (red curves for oil and
blue curves for water). The resulting plot of RF against the square root of time is shown
in Figure 14. Increasing water viscosity increases the imbibition time much more than
increasing oil viscosity, resulting from the low water mobility, which limits the imbibition
rate. For example, increasing water viscosity by 100 increases the time by ~36, while the
same change in oil viscosity increases the time only by ~5.5. It is also demonstrated that
the level of recovery reached in infinite-acting mode (linear with the square root of time)
depends on the mobilities. As the mobility of oil increases compared to that of water
(by increasing water viscosity) this level is increased towards full recovery. Similarly, by
reducing the mobility of oil relative to water (by increased oil viscosity) the RF reached
in this regime falls (from 0.93 in the reference case to 0.70 with 100 cP oil viscosity). This
supports the prediction from the analytical model (27) stating that as the oil mobility
becomes large relative to that of water, a more piston-like displacement results where the
recovery profile follows the square root of time until all the mobile oil is recovered.
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5. Summary and Conclusions

Counter-current spontaneous imbibition experiments were conducted both on strongly
water-wet Berea and Bentheimer sandstone and forced imbibition was conducted on Berea.
High and low oil viscosity (varying by a factor of 80) were used, and the injection rate
varied from 2–15 mL/h. Consistent interpretation of the experiments revealed that water
had much lower relative permeability than oil, both in terms of low end points and high
Corey exponents and that significant positive capillary forces were present. These features
were required to explain observations in the spontaneous imbibition recovery profiles,
and the forced imbibition recovery and pressure drop profiles. Analytical models were
derived to explain the role of capillary forces and favorable mobility ratio during the two
imbibition modes.

• During flooding, linear recovery vs. volume injected was observed until all mobile
oil was displaced for high and low combinations of rate and viscosity indicating
piston-like displacement. This was explained by a favorable mobility ratio even at
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high oil viscosities. Capillary pressure effects gave less recovery at breakthrough as
the effect of capillary diffusion towards the outlet was greater than the capillary water
blockage effect.

• Pressure drop should increase linearly with time from the oil end point mobility to
the water end point mobility if piston-like displacement occurs. If it is lower than
this trend, capillary forces assist the imbibition. The pressure drop increases in a
jump at water breakthrough as the capillary pressure contribution, mainly at the
front, vanishes.

• Non-piston-like displacement will also give a pressure drop changing linearly with
time, but the end point depends on the mobility of the imbibing saturation profile
and when it reaches the outlet. Capillary blockage at that time can cause an added
resistance with a pressure peak higher than without capillary forces.

• The change in spontaneous imbibition time scale ~3–5 was much less than the change
in oil viscosity (a factor ~80), and indicated that oil mobility was much higher than
that of water.

• Including relative permeability end points during the scaling of spontaneous imbi-
bition data provided much better results in terms of collecting the imbibition curves
than only using the viscosities. That was due to the water relative permeability being
very low compared to oil. The scaling was successfully used to estimate the water
relative permeability end point for Bentheimer.

• The time scale of spontaneous imbibition is more sensitive to water viscosity than oil
viscosity in a SWW system since water has the limiting mobility. When oil mobility
becomes increased compared to the water mobility, a higher recovery will be obtained
following a square root of time profile, with the entire profile as a limiting case of
infinite oil mobility.

The implications of these findings are that mobile oil is effectively displaced both by
forced and spontaneous imbibition in SWW media, where piston-like displacement is a
reasonable approximation unless the oil viscosity is much higher than that of water. In both
modes, very little tail production is expected after the end of the linear production regime
against time and the square root of time, respectively. Determining intermediate relative
permeability from water flooding will be challenging since the end saturations dominate
the saturation profile within the core. However, the end point water relative permeability
and residual oil saturation will be obtained fast, since just one mobile pore volume is
needed, and accurately, since capillary end effects do not cause water accumulation at a
steady state in a SWW system.

Although several conditions were tested to understand imbibition in SWW media, we
emphasize the value of exploring a wider range of viscosities, rates and boundary condi-
tions, to see, e.g., when water flooding becomes non-piston-like and verify the difference
in impacts of oil and water viscosity on time scale. Water can also imbibe spontaneously
in a co-current fashion and display a complex behavior. Some findings of this study may
also change if the wettability is not SWW, but mixed- or oil-wet. In the latter case, capillary
forces may resist flooding and increase the pressure drop, rather than reducing it.
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Nomenclature

Roman
D Diameter: m
fw Water fractional flow function
J Scaled capillary pressure
J1, J2, ∆S J-function parameters
kri Phase relative permeability
K Absolute permeability, m2

L Core length, m
Lc Characteristic length, m
M End point mobility ratio
ni Phase Corey exponent
ni1, ni2 Phase Corey exponent end values
pi Phase pressure, Pa
Pc Capillary pressure, Pa
RF Recovery factor (of mobile oil)
si Phase saturation
Si Normalized phase saturation
Seq Normalized water saturation, at which capillary pressure is zero
S Normalized water saturation averaged over the core
T Scaled time
Tm Mobile pore volumes injected
ui Darcy phase velocity, m/s
Greek
φ Porosity
µi Phase viscosity, Pa s
σow Interfacial tension, N/m
λi Phase mobility, 1/(Pa s)
∆pi Phase pressure drop, Pa
∆pre f Pressure drop when water flows at residual oil saturation, Pa
∆sw Mobile saturation range
τ Time scale, s
Subscripts
c Capillary
ch Characteristic
eq Zero capillary pressure condition
f Front
i Phase index
o Oil
r Reference (no end effects)
T Total
w Water
Superscripts
∗ End point or characteristic value

Appendix A. Forced Imbibition with Buckley–Leverett Profile

Consider that the saturation profile is unaffected by the capillary diffusion term in (2).
The saturation profile is then described by the solution of Buckley and Leverett [53]:

x(sw) =
uTt
φ

f ′(sw) = TmL∆sw f ′(sw),
(

s f < sw < 1− sor

)
, (A1)
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x f =
uTt
φ

f ′
(

sw f

)
= TmL∆sw f ′

(
sw f

)
,
(

swr < sw < s f

)
, (A2)

The notation ′ refers to saturation differentiation. s f is the front saturation, determined
by solving:

f ′w
(

s f

)
=

fw

(
s f

)
− fw(swr)

s f − swr
,
(

s f ∈ [swr, 1− sor]
)

(A3)

The profile can be separated into the continuous BL solution behind the front, 0 < x <
x f , with nonzero saturation gradient, and the profile ahead of the front x f < x < L where
the saturation is constant at initial water saturation. Scale position relative to xf the front:

X =
x

x f (t)
=

f ′w(sw)

f ′w
(

s f

) , dX =
dx

x f (t)
(A4)

The total Darcy velocity in the two regions, expressed with water pressure, is given by:

uT = −KλT(sw)
1
x f

∂X pw − Kλo(sw)
1
x f

∂XPc(sw), (0 < X < 1) (A5)

uT = −Kλo(swr)
1
x f

∂X pw,

(
1 < X <

L
x f

)
(A6)

The outlet oil pressure is zero, poR = 0. Water is immobile ahead of the front and
its pressure is determined by the initial capillary pressure before reaching the outlet,
pw = po − Pc(swr), (X > 1). The inlet pressures are equal pL = pwL = poL (as the highest
mobile saturation is at the inlet) and equals the measured pressure drop ∆p. The pressure
gradients in each region are:

∂X pw = − λo

λT
∂XPc − x f

uT
KλT

, (0 < X < 1) (A7)

∂X pw = −x f
uT

Kλo(swr)
,

(
1 < X <

L
x f

)
(A8)

The pressure gradient is constant in the oil region. The pressure drops in the two
intervals are calculated:

pw f − pwL = −σow
√

φ/K
∫ 1

X=0
(1− fw)∂X JdX−

x f uT

K

∫ 1

X=0

1
λT

dX, (A9)

pwR − pw f = −
uT

Kλo(swr)

(
L− x f

)
, (A10)

pw f is the water pressure at x f . For known viscosities and functions krw, kro, J; fw
and λT are known and the integrals are constant independent of front position and
time, denoted:

∆J∗ =
∫ 1

X=0
(1− fw)∂X JdX > 0,

1
λ∗T

=
∫ 1

X=0

1
λT

dX > 0 (A11)

We make use of the boundary conditions, eliminate pw f and combining the equations
to obtain pressure drop ∆p = pwL as function of front position:

∆p =
uT
K

 x f

λ∗T
+

(
L− x f

)
λo(swr)

− σow
√

φ/K[ J(swr)− ∆J∗] (A12)
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The front position x f is related to uT by (A2), which inserted into (A12) gives:

∆p =
uT L

K

(
1

λo(swr)
+ Tm

(
1

λ∗T
− 1

λo(swr)

)
∆sw f ′

(
sw f

))
−σow

√
φ/K[ J(swr)− ∆J∗] (A13)

Scaling the equation with the reference pressure drop results in:

∆p
∆pre f

=
(

M + Tm(λ
∗
w/λ∗T −M)∆sw f ′w

(
sw f

))
− λ∗wσow

vT L

√
K/φ( J(swr)− ∆J∗), (A14)
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