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Abstract

Operators are constantly looking for new ways to increase production and recovery in oil

and gas wells by application of Intelligent Well Completions and Inflow Control Technology

(ICT). For the latter, one of the main challenges is to quantify the potential upside with

the application of this technology. In this context, dynamic simulators such as Eclipse™and

static simulators such as Landmark NETool™are commonly used to try and demonstrate a

change in production behavior compared to a conventional completion. The traditional

way of doing this is to simulate and predict performance using a preliminary reservoir

model prior to drilling the wells. This can present a series of uncertainties, and it all comes

down to the accuracy of the geological understanding and reservoir approximations. It

can lead to false conclusions based on poor and erroneous models. Additionally, lack of

understanding of how inflow control technology works, combined with conservatism, often

makes a non-ICT completion the default go-to strategy when it comes completing new

wells.

In this study, a di↵erent approach to the challenge was pursued. Together with Neptune

Energy Norway, two existing oil wells on the Gjøa field were analyzed. At the time of

construction, these wells were not completed with IC Technology. The objective of the

study was to investigate whether or not an ICT completion would have been beneficial

in terms of improved oil recovery, and/or lower gas/water production, and potentially to

what degree. The main methodology was based on establishing Landmark NETool models

with input from the existing reservoir model, and subsequently calibrating the models to

match the production history of the wells. The well designs were then modified to include

di↵erent types of inflow control technologies.

The two candidate oil wells chosen for the study indicated di↵erent behaviors with

the inclusion of inflow control. Well B3, which su↵ered from excessive gas production,

showed promising results with both standard nozzle-ICDs and with AICVs. This can be

attributed to the mitigation of the heel-toe e↵ect and restrictive choking of gas producing

intervals which promoted production from the toe of the well. On the other hand, well

B1 did not show significant improvements when simulated with ICT. Previously su↵ering

from excessive water production and immobilized the oil reserves, the results showed an

increase in water production both with standard and autonomous inflow control. This

result is however linked to some uncertainties. There are also other significant benefits to

ICT that can justify the inclusion of inflow control in the well design.
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Part

Introduction

Background

Initially, the operator on Gjøa did not use any ICD technology for the oil producer wells

when the field was developed. Characterized by a thin oil column located between a

gas cap and an underlying aquifer, the reservoir drainage strategy was based on simple

pressure depletion by gas expansion drive and water displacement from below with use of

long horizontal producers.

Although a study performed by Reslink indicated improved performance in terms

of delayed water breakthrough and enhanced oil recovery, this matter was not further

pursued, and the wells were developed with conventional non-ICD completions. Production

from the oil wells on the field has proven to be challenging, with excessive water and gas

production, ultimately leading to a rapid decline in oil production and short lifetime.

Experience with inflow control from the NCS and globally has proven the technology

to be quite beneficial in terms of improved well performance. Several benefits such as

delayed gas/water breakthrough, improved well clean-up and sand control robustness,

and consequently, improved oil recovery are some of the benefits worth mentioning. In

the last decade, autonomous inflow control has presented further advantages, where the

technology is able to selectively choke harder on unwanted fluids, consequently prolonging

the production of oil after breakthrough.

It would be interesting to see if inflow control could have improved the production

performance of the Gjøa wells, and mitigated the challenges faced during production.

Objectives

The main objective of this study is to perform a retrospective evaluation of inflow control

technologies on two existing Gjøa wells, to see if an ICT completion could have improved

the well performance. By reviewing current inflow control technologies on the market, one

can get an indication for which of the technologies that are suitable for further simulations.

Furthermore, a NETool simulation model will be established for each well, which includes

the existing well designs. By using input from the existing reservoir model, in addition

to available production data, the NETool models will be further calibrated to match the

historical production behavior of the wells.

Having obtained an adequate match, the well design will be altered to include inflow

control. The first simulations will include conventional nozzle-type ICDs. Secondly, the
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well models will be simulated with autonomous inflow control valves to see if this can

present further benefits in terms of reduced gas/water production after breakthrough.

A well known principle within the world of science and engineering is to learn from the

past to predict the future. This evaluation study also aims at improving knowledge about

the principles of inflow control within the company, aiding in better decisions in future

field developments and well designs.

Structure of report

In the beginning of Part I, an introduction to the Gjøa field and reservoir along with the

two candidate oil wells, is provided. The first step of solving any problem is to properly

define and address the challenges. Therefore, a focus was laid on accurately defining the

production challenges for the two wells. Section 2 explains the principles of inflow control

technology and provides a review of currently available inflow control technologies on

the market. The end of this section qualitatively discusses the potential benefits of the

technologies on Gjøa.

Part II begins by explaining the methodology used for building the simulation models.

An overview of the workflow for each well is given, to describe how the reference case

models were established in NETool. The calibration of the well models according to

production history ensured that the models were set up correctly and that the subsequent

simulations with inflow control would be somewhat accurate. Once this was achieved,

further simulations could be done to see the e↵ect of ICD and AICV in the wells. This is

discussed in Section 4 and 5, respectively.

Part III discusses the results obtained in Part II, and evaluates the benefits of adapting

to inflow control for the two oil wells. There are several factors that need to be taken

into account when assessing the benefits and disadvantages of the technology. Section 7

discusses the uncertainties related to the simulations and results that we have obtained in

the study. The magnitude of these uncertainties is also debated in this section. Lastly, a

conclusion for the thesis is formed, considering the observations and learnings from the

study and providing future recommendations.
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1 THE GJØA FIELD Part I

Part I

Theory

1 The Gjøa Field

Operated by Neptune Energy, Gjøa is an oil and gas field located in blocks 35/9 and 36/7

in the North Sea, approximately 50 km North-East of Troll B, see Figure 1. The field

assigned to license PL-153 was first discovered in 1989, when an exploration well detected

gas and some amounts of oil in the northern part of the field. The well was later followed

up by two appraisal wells, one in the southwestern part of the field, and another in the

eastern part of the field. Both of these detected the presence of oil and gas [1].

In 2007, the Plan for Development and Operation (PDO) was approved by the Norwe-

gian Ministry of Petroleum and Energy. Recoverable reserves were initially estimated at

39.7 Billion Sm3 of rich gas, and 9.2 Million Sm3 of oil [2].

As shown in Figure 1, the field was developed with a semi-submersible platform with

production and processing facilities with partial power-supply from shore. four subsea

template structures and one satellite well are tied back to the platform, which started

production from the field in 2010 [3].

Figure 1: The Gjøa Field, [2]
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1.1 Reservoir and Geology Part I

1.1 Reservoir and Geology

The Gjøa reservoir is positioned in a structure of several tilted fault blocks, mainly divided

into seven main segments, P1 - P7, see Figure 2. The hydrocarbon bearing column contains

a 200 meter thick gas cap with a thin underlying oil rim with a thickness of 30-45 m. The

Upper Jurassic sandstones of the Viking Group make up the main reservoir, which consists

of the Sognefjord, Fensfjord and Krossfjord formations. The northernmost segment (P1)

lies in a Brent/Dunlin reservoir. The P1, P2 and P5 segments have all been proven with

an exploration well. Meanwhile, the P3 segment was treated as a proven segment in the

PDO documentation, as a results of having the highest discovery probability [4].

Figure 2: Field layout with the main segments of the Gjøa reservoir, [2]

The mean initial reservoir pressure is around 235 bars, at a temperature of 82 �. The
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1 THE GJØA FIELD Part I

reservoir permeability is quite varying through the Viking sands, from some millidarcys

to several darcys. While the Krossfjord and Sognefjord formations have great reservoir

quality, the former is mostly water-filled on Gjøa. The Fjensfjord sands present rapid

vertical variations in both porosity and permeability and is of relatively lower reservoir

quality.

Based on various wireline logs, core and fluid analysis results, a petrophysical field

evaluation was conducted. This later resulted in a full field geological facies model, see

Figure 3. This model incorporated 16 faults and 23 di↵erent reservoir zones. Once this

grid model was completed, the simulation model was constructed by upscaling reservoir

parameters to the Eclipse simulation grid. This dynamic model is a full field model which

covers all segments of Gjøa, and was built as a Black oil model with live oil and wet gas

[4].

Figure 3: Gjøa Geological Facies Model, [5]

Initial reservoir simulations showed that the oil production will su↵er from simultaneous

production of gas. However, without the gas production there would be no economical

incentive to develop the field. The drainage strategy for Gjøa is mainly based on natural

pressure depletion. The gas will be recovered with four vertical gas producer wells located

high on the segments P1, P2, P3 and P5.

Because of the thin oil rim, the oil recovery strategy involved using long horizontal wells

to get a steadily descending Gas-Oil Contact (GOC) and limit excessive gas production.

Injection of gas or water was evaluated at an early phase, but was deemed unprofitable

in terms of recovery and economy. Experience has also shown that for thin oil columns

with an overlying gas cap, the challenge of significant water/gas breakthrough in high
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permeable layers is only worsened with application of pressure support by injection.

Reservoir simulations showed that a placement of the horizontal producers in the middle

of the oil column would give a steady production of oil, approximately 9-10 Million Sm3.

According to the models, the reservoir pressure will not drop much during the main oil

production phase, implying that the system has su�cient energy available. The main

drainage strategy for the oil rim is therefore displacement of water from below and gas

cap expansion from above. The drainage strategy can further be elaborated as follows [4]:

• Simple pressure depletion

• Simultaneous oil and gas production, with some delay of the early gas to enhance oil

production.

• Low pressure production of oil from start (20 bar).

• Initial gas production towards 65 bar, with possibility for low pressure production

(20 bar) during the decline phase of the production lifetime.

• Oil will be produced through 9 horizontals, 4 of which have two extra branches.

• Zone control devices installed in each multilateral junction to enable branch control.

• Gas production through 4 vertical gas wells located at the crest of the major gas

segments (P1, P2, P3 and P5).

1.2 Gjøa Wells - History and Challenges

The Gjøa field was developed with 7 oil wells and 4 gas wells. The horizontal oil producer

wells were developed with a reservoir section from 900 to 2800m. Of the 7 oil producers, 4

oil wells were planned as multilateral wells, while 5 wells were planned as single producers.

When assessing the type of sand-face completion, the main focus was laid on whether the

wellbore would penetrate several sand formations or not. The oil wells that fall under the

former category, would be completed with a liner and oriented perforations, i.e. Cased &

Perforated (C&P) completion. The oil producers mainly penetrating the Sognefjord sands,

were completed with stand-alone screens (SAS). Moreover, the gas wells were completed

with an open-hole gravel pack (OHGP) completion [2].
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1.2.1 Well B3

Well 35/9-B3 HT21 is a single oil producer in the P2 segment that was drilled and

completed in during the middle of 2011. The completion consists of stand-alone sandscreen

completions and blank pipe sections, which is shown in the well schematic in Appendix G.1,

Figure G-24. The horizontal section penetrates approximately 2000 meters of consolidated

reservoir rock [6].

As shown in Figure 4, B3 started production in December 2011. The di↵erent fluid

rates in the chart are tuned rates generated by studying the data from subsea flow meters

and adjusting the rates to match export rates according to deduction testing of the wells.

The gas rate is the most reliable data with an estimated uncertainty of ±5%. The oil and

water rates are linked to a higher degree of uncertainty because of flow meter drifting2

over time. Thus, several step changes can be observed in the production rates for these

fluids. The observed sudden drops in production show the production shut-ins, that are

generally caused by well testing, integrity testing, or planned maintenance work [7].
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Figure 4: Production history for well B3-HT2, [8]

The history of B3 has mainly involved production of oil and gas. The well has produced

negligible volumes of water, with a minor water influx at the toe. After the gas breakthrough

took place in July 2012, the oil production was severely a↵ected. This is believed to have

1Initially called OP-P2-4, see Figure 2
2Drifting refers to the slow change in response of a gauge, which can lead to erroneous measurements
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1.2 Gjøa Wells - History and Challenges Part I

held back significant oil volumes. For further evaluation and discussion, the lifetime of the

well can be divided into three categories, as displayed in Figure 4:

1. Early-life (December 2011 - July 2012): Before gas breakthrough, gas cone

developing. Characterized by a somewhat steady oil production and increasing gas

production, i.e. a decreasing Gas/Oil Ratio (GOR).

2. Mid-life (July 2012 - March 2015): After gas breakthrough. Decreasing oil rate

and steady gas production rate, i.e. an increasing GOR.

3. Late-life (March 2015 - February 2018): Gas cone is becoming more and more

severe, leading to an increase in the gas rate, while the oil production is steadily low

(increasing GOR).

For the purpose of this thesis, the main objective for B3 is to see if inflow control

technology can help to hold back and delay the gas breakthrough, and thereby increase oil

production. Furthermore, if the gas production can be reduced after breakthrough, the

gas cap expansion drive could aid in an improved oil sweep [7].

1.2.2 Well B1

Well 35/9-B1 AHT33 is a single oil producer in the P4 segment that was drilled and

completed in early in 2012. The completion consists of stand-alone sandscreen completions

and blank pipe sections, as shown in the well schematic in Appendix G.1, Figure G-25.

The horizontal section stretches approximately 1500 meters at a depth of 2300 mTVD [9].

The well started producing in March 2012 with a high oil rate and relatively quick gas

breakthrough, as displayed in the production history in Figure 5. The di↵erent fluid rates

are tuned in the same way as described for B3.

3Initially called OP-P4-1, see Figure 2
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Figure 5: Production history for well B1-AHT3, [8]

Reservoir modeling indicated an early water breakthrough that would immobilize the

reservoir oil. However, B1 has produced better than anticipated with a relatively high oil

production rate and a late water breakthrough in mid 2014 [7].

As displayed in Figure 5, the lifetime of well B3 can be divided into three categories

according to the production characteristics:

1. Early-life (March 2012 - April 2014): This period is characterized by a de-

creasing oil rate and steady gas production, i.e. an increasing GOR. No water

production.

2. Mid-life (April 2014 - December 2015): Relatively stable GOR and increasing

water production because of water coning.

3. Late-life (December 2015 - February 2018): High water cut after breakthrough.

Periods of problems kicking o↵4 the well after shut-in because of a high water cut at

start-up.

As implied, well B1 has experienced challenges related to high water production in the

late-life period. When the well is shut-in, the water mobilizes and floods the near-wellbore

area leading to problems with kicking o↵. The problems occur because of the heavy

hydrostatic column which prevents the well from flowing naturally. Usually, gas lift must

4When production from a well is initiated after shut-in
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1.3 Key Reservoir and Production data Part I

to be employed at start-up to make the well flow su�ciently. In the case of long shut-in

periods, gas lift is necessary for several months before the well can flow naturally.

Therefore, it would be interesting to see if ICT can aid in delaying the water break-

through to increase the recovery of oil. Another objective is to see if the water influx can

be restricted during start-ups and lessen the need for long gas lift periods, which would

present several operational and cost-reducing benefits [7].

1.3 Key Reservoir and Production data

In addition to the production data presented in Figure 4 and 5, the Eclipse reservoir model

for Gjøa will play an important role in the simulation work. Table 1 shows some of the

important data for the two oil wells on Gjøa. Further input data used in the thesis will be

discussed in Section 3.2.

Table 1: Selected Key Reservoir and Production data, [6, 8, 9, 10]

Field

Wellbore 35/9 B3-HT2 35/9 B1-AHT3

Air gap (RKB-MSL) 22 m 22 m

Water depth, m 363 m 363 m

Total depth, mTVD 2332 mTVD 2335 mTVD

Total length, mMD 5845 mMD 4419 mMD

Reservoir Pressure, bar 235 bar 235 bar

Reservoir Temperature, � 84� 84�

Live Oil Density (g/cc) 0.642 g/cc 0.649 g/cc

Live Gas Density (g/cc) 0.207 g/cc 0.228 g/cc

Live Water Density (g/cc) 1.009 g/cc 1.009 g/cc

Live Oil Viscosities (cp) 0.2650 cP 0.2835 cP

Live Gas Viscosities (cp) 0.0238 cP 0.0270 cP

Live Water Viscosity (cp) 0.384 cP @ Pres 0.384 cP @ Pres

Bo at Reservoir pressure 1.54 Rm3/Sm3 1.528 Rm3/Sm3

Rs at Reservoir pressure 175 Sm3/Sm3 167.3 Sm3/Sm3

Initial reservoir drawdown pressure 0.177 bar 8.837 bar

Gjøa
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2 Inflow Control Technology

2.1 Introduction

With the advancements in drilling technology the last decades, various production chal-

lenges have followed. Extended reach- (ERD) and horizontal well drilling has allowed

operators to achieve high production rates at low drawdown pressures because of increased

reservoir contact. As Glaser et al. [11] pointed out, there is a general acceptance within

the industry that the well productivity is proportional to the length of the wellbore. This

especially applies to reservoirs with thin oil rims, such as the Troll field. However, the

drilling of long horizontal wells to utilize thin oil rims has introduced various challenges

when it comes to well clean-up, steady layer drainage, and even flow distribution along

the well bore [12].

To mitigate these challenges, ICT was introduced in the nineties. The technology is

based on integration of flow devices in the well completion to control the inflow behavior at

various rates and pressures. The main purpose of this is to delay water or gas breakthrough,

but can also have other significant benefits when it comes to improved well performance.

In recent years a number of service companies have developed technologies that can

hold back unwanted fluids following breakthrough, widely termed as autonomous inflow

control technology. This has enabled production from thin oil rims as well as providing an

insurance on well performance uncertainty.

Inflow control technology has thus enabled production from previously infeasible

reservoirs, as well as enhanced oil recovery from existing fields by improving reservoir and

well performance.

This section of the thesis is divided into five subsections. First, an outline of current

completion, production and reservoir challenges will be given. The four following sub-

sections consist of a detailed review of various inflow control technologies, and how they

may mitigate the presented challenges along with other potential benefits. This includes

functionality, flow characteristics and field case studies. A special focus will be laid on two

particular technologies; the nozzle type ICD and the RCP valve. The reason for this is

that they are considered the current industry standard when it comes to inflow control.

Additionally, they will be used in further simulation work, which makes them the most

relevant for the purpose of this thesis.
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Inflow control technology can be categorized into two primary categories; active and

passive inflow control technology. Active ICT describes flow control that is integrated

with surface control. Usually, this involves control lines running from the devices up to

the surface. On the other hand, passive inflow control cannot be changed or altered once

the well has been completed, and behaves according to the predetermined design of the

apparatus.

Table 2 provides an overview of current passive inflow control technologies. This

category can further be divided into three classifications; Inflow Control Devices (ICD),

Autonomous Inflow Control Devices (AICD) and Autonomous Inflow Control Valves

(AICV). Apart from the fact that the two latter types are autonomous, it is common to

distinguish between devices and valves ; Devices are fixed fittings with no moving parts,

while valves include some moving components. This distinction is important when it comes

to the reliability and functionality of the respective technology.

The rightmost column displays a rating in accordance to how many installations there

have been with the respective technology. The rating is based on discussions with vendors

as well as industry experts within the discipline. There are however some uncertainties

linked to the use of the relatively new autonomous inflow control technologies. Therefore

the categorization will be as follows:

• Very few: 0 - 10 installations

• Few: 11 - 50 installations

• More: 51 - 100 installations

• Many: 101 - 1000 installations

• A lot: > 1000 installations

The purpose of displaying this characterization is to give an impression of which technologies

that are mostly used across the industry. In the ICD category, the nozzle ICD is the

most applied technology. This also why most vendors o↵er to provide this technology.

Furthermore, the RCP has been found be the most extensively used autonomous inflow

control technology on the market, especially on the Norwegian Continental Shelf (NCS).

For this reason, these two technologies will be the main focus in further simulations.

12



2 INFLOW CONTROL TECHNOLOGY Part I

Table 2: A summary of current Passive Inflow Control Technologies

Main

Group

Subgroup Section
Mechanical

Characteristics

Flow

Characteristics

Vendor Use

Inflow

Control

Device

(ICD)

Nozzle
Section 2.3.2,

Page 27

Restrictive orifice
Density dependent

pressure drop

Tendeka,

SLB, Weatherford,

Halliburton

A lot

Helical

Channel

Section 2.3.2,

Page 29

Frictional fluid channels

Mostly viscosity

dependent pressure

drop

Baker Hughes A lot

Tubular
Section 2.3.2,

Page 30

Mainly restrictive and

somewhat frictional

tubular flow

Mostly density

dependent pressure

drop

Halliburton Few

Autonomous

Inflow Control

Device (AICD)

Hybrid ICD
Section 2.4.1,

Page 35

Restrictive and frictional

Combination of channels

and restrictions

Flow dependent on

the Re number

Baker Hughes Many

Fluidic diode
Section 2.4.2,

Page 38

Changing flow path

based on fluid

Viscosity dependent Halliburton More

Autonomous

ICD

Section 2.4.3,

Page 42

Fluid is directed

tangentially through

a circular path

Flow dependent on

the Re number

Schlumberger Very few

Autonomous

Inflow

Control

Valve

(AICV)

RCP
Section 2.5.1,

Page 44

Restrictive,

Levitating Disc

Viscosity dependent
Tendeka,

Baker Hughes

Many

AICV®
Section 2.5.2,

Page 50

Pilot flow path

determines valve behavior

Flow dependent on

the Re number

Inflow Control Few

ERV
Section 2.5.3,

Page 54

Buoyancy-based design

with three fluid chambers

Density dependent Acona Very few

AFD
Section 2.5.4,

Page 57

Design with a pilot

flow orifice and spring

actuated valve

Constant flow rate

regardless of flowing

BHP

Superior Very few

Adaptive ICD
Section 2.5.5,

Page 59

Combination of hybrid type

ICD and magnetic valves

Viscosity and rate

dependent flow

Wormholes Very few
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2.2 Current Challenges Part I

2.2 Current Challenges

Heel-Toe E↵ect

One of the early recognitions when it came to production of long horizontals, was the

heel-toe e↵ect. In high-permeability reservoirs, the friction along the wellbore can often

lead to a phenomenon where the heel of the well is much more productive than the toe.

This e↵ect is illustrated in Figure 6. It occurs because the fluid in the toe has to overcome a

tubing pressure drop from the toe to the heel, while the fluids at the heel do not experience

this resistance. The result is a significant di↵erence in flow rate between the heel and toe

of the well, in some cases leading to little or no production from the toe. The consequence

is a reduced oil sweep and early gas/water breakthrough, see Figure 6. The challenge of

poor oil drainage is only exacerbated once water or gas has broken through, since the

production of these fluids will be dominant because of higher mobility. Moreover, the

pressure support of the reservoir, previously from the aquifer or overlying gas cap is lost,

which can lead to considerable oil reserves at the toe becoming irrecoverable [11, 13, 14].

Figure 6: Coning at the heel of a horizontal well, [13]

Heterogeneous Reservoirs

Another challenge with long horizontal sections can arise if the reservoir is heterogeneous

with varying formation quality along the wellbore. In this case, the permeability is often

quite varying, resulting in an uneven flux along the wellbore. Flux is defined as the

volumetric flow rate per unit area, and the consequence of uneven flux can be an irregular

oil sweep, as illustrated in Figure 7. The high permeability zones will often be dominant

when it comes to production, and can lead to early gas/water breakthrough in these

respective zones. Additionally, high production in some zones may limit production from

the lower permeability zones with lower flux. This can further lead to substantial reserves

being left behind [13, 15].
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2 INFLOW CONTROL TECHNOLOGY Part I

(a) Start of production (b) After some time

Figure 7: Production from a heterogeneous reservoir with variable permeability, [15]

Well Clean-Up

Conventionally, an oil well is drilled in static overbalance. This means that hydrostatic

pressure of the drilling fluid exceeds the pore pressure of the formation fluids, i.e. the pore

pressure. This pressure control is the most important function of the drilling fluids and it

is directly related to hole stability and prevention of blow-outs.

Figure 8: Demonstration of how di↵erent operations a↵ect the ECD, [16]

Figure 8 illustrates the e↵ects of various drilling related operations on the bottom-hole

pressure (BHP). To achieve a su�ciently high hydrostatic pressure, the mud weight

(density) must be su�cient. This is achieved by adding various weight elements such as

Barite to increase the mixture density. Additionally, clay minerals are added to the drilling

fluid to increase the viscosity, and thereby limiting the settling of particles and cuttings.

When drilling into the reservoir zone, a filtercake is formed which limits filtrate invasion

to the formation.

After a well has been drilled, the lower completion can be run into the well. Based on

a number of factors, it can take weeks to months from the lower completion has been run

till the well has started to produce, e.g. in pre-drilled wells. If the lower completion is
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run in drilling fluid, this can have considerable production consequences later on. It can

take a long time before production is started, which can lead to settled particles in the

drilling fluid, forming a solid plug at the low-side of the well, as Moen and Asheim [14]

demonstrated. If the completion consists of stand-alone sandscreens, the screen can be

clogged and inflow may be impaired [14].

A common clean-up method to mitigate this e↵ect is to displace the mud with brine

prior to running screens. In practice, this means a longer open-hole time, increasing

the risk of having hole-stability issues. Additionally, when the drillpipe is laying at the

low-side of the wellbore, the removal of settled solids can be challenging. This can leave

the borehole with significant amounts of mud and cuttings even after displacing with

brine. These uncertainties have led to the common practice of running screens in properly

conditioned mud instead of displacing with brine. Proper sand screen slot opening is

also an important consideration, to avoid plugging the screens when back-producing the

drilling fluid [14].

Another challenge when it comes to initiating production, is the removal of the filtercake

from the borehole sand-face. In some cases, chemical treatments (e.g. breaker fluids) may

be applied to dissolve the filtercake. However, in the case of long horizontal wells, it can

be challenging to place the breaker fluid accurately because of operational limitations. A

common approach is to rely on the back-flow from the reservoir to su�ciently remove

the filtercake. The reliability of this approach highly depends on the local drawdown and

inflow rate, as illustrated in Figure 9. According to Moen and Asheim [14] and associated

sources, a minimum drawdown in the magnitude of 0.15 to 1.6 bar is typically required for

filtercake lift-o↵.
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Figure 9: Irregular clean-up of a horizontal well, [13]

Put into light of the aforementioned challenges with the heel-toe e↵ect and heterogeneous

reservoirs, the challenge of proper well clean-up is only exacerbated. At startup of

production when the wellbore pressure is reduced, the filtercake is lifted o↵ the sand-face,

allowing inflow at certain sections. However, the reservoir fluids will always choose the

paths of least resistance, i.e. high permeability sections and preferentially closer to the

heel. Not only does the heel-toe e↵ect reduce the inflow rate closer to the toe, but also

the drawdown. In practice, this can leave long sections of the lower well part with an

intact filtercake, see Figure 9. It should also be mentioned that poor well clean-up only

exasperates the challenges of the heel-toe e↵ect and low producing zones in heterogeneous

reservoirs. This is because of the added friction of the filtercake in low productive zones

(i.e. higher completion skin) [13, 14].

Sand Control

Stand-alone sandscreens are one of the most commonly used sand-face completions in

oil & gas wells, because of their low cost and complexity. Stand-alone screens are often

categorized into three categories, see Figure 10:

• Wire-Wrapped screens

• Pre-Packed screens

• Premium screens
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(a) Wire-Wrapped screen (b) Pre-Packed screen (c) Premium screen

Figure 10: Stand-alone screen types, [13]

Wire-wrapped screens are built on a perforated base pipe, longitudinal metal rods and

a wire which is wrapped and welded around the rods, see Figure 10a.

Pre-packed screens are built similarly to the wire-wrapped screens, however, they

are based on two wire-wrapped layers as pictured in Figure 10b. Between the two layers,

gravel is packed to provide an additional sand-control layer.

Premium screens are the most complex screen type when it comes to construction,

see Figure 10c. They are constructed with multiple woven layers and an o↵set layer,

making them more robust and resistant to erosion [13].

Completion designs with stand-alone screens often incorporate blank pipe sections as

well as swellable elastomer packers. However, due to sand control failures, stand-alone

screens have developed a poor reputation. The reliability of SAS has substantially improved

in the past couple of decades owing to developments within material selection, screen

design and quality control during installation. The main cause of stand-alone screen failure

has been screen erosion, exacerbated by plugging. Hot spot is a term that describes areas

of focused inflow, which are consequently prone to erosion and sand control failure [13].

A number of operator companies have reported high failure rates when it comes to the

use of stand-alone screens, including BP, Chevron and Shell. According to Bellarby [13],

there are some common factors that usually cause screen failure:

• Mud plugging (In wells with Oil-Based Mud (OBM) displaced by brine after running

the screens)

• Screen plugging because of reactive shales, creating erosion-prone hot spots. An

open annulus aggravates this problem

• Large annular areas allowing for annular flow

• Failures caused by insu�cient well clean-up because of low drawdown, i.e. partial

filtercake removal
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• Heterogeneous reservoirs are more prone to failure than homogeneous.

• Wells with high flux and varying flux contribute to failure

• Mechanical failure when running screens into the borehole, because of excessive

applied weight and out of gauge boreholes)

Bennett et al. [17] proposed a decision flow chart that addresses these causes, and possible

solutions to avoid sandscreen failure. However, operators at the time such as Norsk Hydro5

challenged these guidelines for being too cautious and proposed a di↵erent recommended

practice which has been applied in 230 o↵shore wells [18].

There is clearly a relation between the four challenges related to production of long

horizontal wells. The heel-toe e↵ect can lead to a high flux at the heel of the well,

significantly increasing the risk of forming hot spots and having sand control failure in

this section of the well. Similarly, heterogeneous reservoirs with varying permeability

and flux along the wellbore, can lead to concentrated production in certain parts of the

well, and screen plugging in low productive zones, leading to screen failure. The issue of

poor well clean-up and filtercake removal also has clear consequences for the reliability of

sandscreens [13].

Annular Flow

Amongst others, Bennett et al. [17] pointed out how annular flow can be a determinant

when it comes to SAS failure and reliability. Firstly, annular flow can prevent particles

from accumulating at the point of solids production, i.e. where the formation has failed,

see Figure 11. This exposes the screen to excessive sand impact until it packs with sand.

Bellarby [13] describes how the annular velocity during production is quite similar to the

tubular velocity and more than su�cient for transporting sand along the annular wellbore

space. A mitigation for this issue can be to maximize the outer diameter (OD) of the

screen, i.e. minimizing the annular to tubular space-ratio, and thereby reducing the solids

velocity in the annulus.

5Later merged into Statoil Hydro. Now called Equinor.
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Figure 11: Annular flow and solids redistribution, [13]

Secondly, annular flow can transport shale and clay fines from the point of production

to points where they can lead to screen plugging. The e↵ect is further exacerbated by

natural diversion; once a screen part has been plugged, the annular flow transports fines

to the next open screen part, leading to further plugging and forming of hot spots [13, 19].

Various attempts have been made to solve the challenges in this section. This includes

[11, 13, 20]:

• Drilling multilateral (MLT) wells to shorten the horizontal sections, and thereby

avoiding the wellbore friction associated with long horizontal sections. This can be

quite costly and operationally demanding.

• Deploying a stinger one-third into the horizontal well, to force fluids to flow from

the heel and along the wellbore before entering the stinger, see Figure 12. This

gives an additional pressure drop which helps even out the inflow profile and thereby

reduce the heel-toe e↵ect.

Figure 12: Stinger completed well, [21]

• Incorporating Interval Control Valves (ICV) to choke or shut o↵ laterals with

early gas or water breakthrough with the purpose of prolonging production lifetime.

However, this requires hydraulic control lines down to the ICV and there is a limited

number of ICVs that can be integrated in the well completion.
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• Varying the perforation intervals to achieve a more uniform inflow profile, e.g.

increase perforation density towards the toe.

• Similar to the previous point, add blank pipe sections in SAS completions to

achieve a more uniform inflow profile.

• Increase the screen size to minimize annular area, and consequently annular flow.

• Place External Casing Packers (ECP), e.g. swell packers, at certain sections

of the lower screen completion, to minimize annular flow. However, Bellarby [13]

noted how an ECP will likely have a minimal e↵ect on this issue, since the flow will

probably take a route from the base pipe into the annulus downstream of the packer.

One of the most significant technological breakthroughs in the early nineties was the

implementation of inflow control technology as part of the completion. As will be explained

later, this technology has helped dramatically reduce the e↵ect of the above-mentioned

completion and production issues.
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2.3 ICD

An Inflow Control Device is a small choking device installed in each screen joint in the base

pipe layer, as illustrated in Figure 13. The device is a solid fitting with no moving parts,

meaning that the flow through the device cannot be manually regulated or modified after

installation. The ICD introduces an additional pressure drop across the completion, which

reduces flow at high producing sections and allows for better inflow in low producing zones,

thereby ensuring an even flow distribution along the well. This pressure drop follows a

predetermined pressure drop equation, and highly depends on the flow rate through the

ICD. It should nonetheless be mentioned that not all ICD completions rely on a sand

control completion, which is the case for consolidated formations [22, 23, 24].

From a construction point of view, the ICD screen joint is mostly similar to a non-ICD

screen joint, see Figure 13. While a conventional screen joint has a perforated base pipe,

the ICD joint has a non-perforated base pipe with a choking device that introduces the

additional pressure drop.

Figure 13: A typical ICD screen joint, [25]

During production, fluid is first separated from the sand through various filter media in

the screen joint. Subsequently, the fluid flows along the base pipe to the end of the joint,

where it enters the inflow control module, see Figure 13. Here, the fluid meets a resistance

or restriction in the form of a nozzle, tiny tube, channel or spiral, which introduces a

pressure drop. The pressure resistance is consequently propagated out to the reservoir,

thereby altering the reservoir dynamics. After passing through the ICD, the fluid enters

the base pipe and flows up through to the tubing to the production facilities [26].

An important consideration when it comes to designing an ICD completion is com-

partmentalization6. One of the purposes of installing ICDs in the well is to hold back

6In this context, the term refers to separating the annular space along the wellbore into compartments.
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zones with high flux, and promote zones with low flux. However, without the proper

annular isolation in an ICD completion, highly productive zones will remain dominant,

since production from these zones will be diverted through the annulus to other parts of

the well. Not only will this deem the lower flux zones unproductive, but annular flow and

cross-flow will be further promoted since the fluid chooses the path of least resistance. As

explained in Section 2.2, annular flow can present a number of problems related to screen

plugging and sand control failure. Poor use of annular compartmentalization will also

exacerbate the e↵ect of an early water breakthrough, which is closely associated with high

productive zones [12, 27].

The issue can be easily understood by the following analogy. If a ship which is

built with one floating compartment su↵ers a small leak, it will easily flood and sink.

On the other hand, if the floating compartment is made up of many smaller individual

segments, a small leak will only result in the flooding of one segment, and the ship can stay

buoyant. The situation is similar in an oil producing well with water breakthrough; without

compartmentalization, the water will flood the whole wellbore and dominate production,

severely reducing oil recovery. However, with the proper annular compartmentalization,

the high-rate water producing zones will be choked back because of a higher ICD pressure

drop, allowing lower flux zones to contribute to production.

The early solutions for compartmentalization was based on mechanical open-hole

packers to isolate various well sections. However, this limited the number of possible well

segments, involved the risk of not being able to set the packers, and presented a significant

expense. In the last decade there has been a shift in the use of open-hole packers, from

mechanical packers to swell packers [28].

Figure 14: Swellable packer,
courtesy of Tendeka

Pictured in Figure 14, a swellable packer consist of an

elastomer rubber element that has been bonded to a blank

pipe by molding, and cured to the desired temperature

and pressure ratings according to well specifics. When

the rubber comes in contact with hydrocarbons or water,

it will expand as a result of di↵usion of said fluids. The

downhole temperature and pressure further a↵ect this

swelling. The expansion can more than double the volume

of the swell packer, providing a tight seal to the formation,

holding up to 350 bars of di↵erential pressure. The pressure rating of the swell packer

depends on several factors [13, 29]:
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• The length of the rubber element

• The thickness of the rubber element

• Percentage volume increase resulting from swelling

From an operational point of view, the swell packer should have a small initial OD to easily

be run downhole, before swelling to the borehole inner diameter (ID). Nevertheless, as the

swelling percentage increases, the pressure rating decreases, as illustrated in Figure 15.

Hence, a compromise must be made between these two engineering aspects. A simple,

yet e�cient mitigation to this issue, has been to introduce a smaller-diameter blank pipe

pup joint for the rubber elements. This will enable the use of a thicker rubber element,

decrease the swelling percentage, and thereby allow for a higher di↵erential pressure rating

[29, 30].

Figure 15: Di↵erential pressure ratings at di↵erent levels of swelling, [29]

There are numerous advantages when it comes to using swell packers in the completion

[31]:

• A design with no moving parts, simplifying installation and use

• Adaptable to irregular wellbore

• Cost-e↵ective

• Reduced rig time for installation

• Intervention-less operation

• No limitation for number of packers in one completion

• No need for pipe manipulation, dropping a ball or applying pressure for activation

of packer

Depending on downhole conditions, the completion fluid and a series of other factors, swell

packers can take up to 40 days to set. On one hand, it is important to accomplish all
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completion operations before the packers have fully set, however, this should not be at

the expense of delayed production start. It is therefore important to plan this time delay

properly, to save well time and cost [29].

The use of swell packers is not exclusively limited to ICD completions. They can be

run in both open-hole completions as well as cased holes, both producers and injectors.

Additionally, they can be applied in intelligent well completions, with control lines fed

through.

The number of packers in an ICD completion can vary from a few packers to dozens.

What primarily determines the number of packers and distribution along the wellbore,

is the reservoir heterogeneity and pressure variations - more variations require more

packers. From an inflow control point of view, the optimal solution would be to have a

swell packer at each screen joint, yielding a ”high definition” solution which maximizes

compartmentalization. Some engineers argue that this increases the risk of operational

problems when running the completion downhole, and lead to increased torque and drag

because of premature swelling. However, this is a disputed topic among completion

engineers. A typical swell packer joint has a nearby centralizer with a greater OD than

the packer, to prevent the packer from being torn apart when running the completion.

Furthermore, the swelling time usually takes several days, as previously explained. Hence,

the validity of the former argument can be debated [29, 30].

2.3.1 History

Norsk Hydro were one of the first operators to use ICD in their wells in 1993, on the

Troll field. Initially planned as a gas field, Troll was found to have a thin but sizable

oil rim of 4-27 m. To make the production of this oil profitable, significant measures

had to be taken. For the past decades, the field has been a key driver for innovation

within drilling, completion and production engineering, including advancements within

geo-steering, multilateral well completions, gas-cap gas lift and sand-face completions. The

initial motivation for implementing ICD technology was to minimize the Heel-Toe e↵ect to

delay the gas breakthrough from the gas cap and water breakthrough from the underlying

aquifer [23, 32].

Initially, channel type ICDs were used in the first 200 meters of the well, i.e. in the

heel part. The idea of having the fluid flow through channels was to achieve a successive

pressure drop through the ICD. Later on, a helical channel type device by Baker Hughes

(Figure 16) was applied and the ICD interval was increased to 1000 m of the heel part.
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The reason for this transition was to have a continuous pressure drop through the channel

while further avoiding erosion and fines plugging by having a larger flow area and thereby

lower fluid velocity. In the following years, a methodology was developed in-house to

model the ICDs in the reservoir simulator. The simulations showed how gas breakthrough

was delayed with longer ICD intervals. Additionally, a significant gain in cumulative oil

production and net present value was evident [33].

An early realization with the use of ICD was the importance of annular isolation via

packers. Not only would this aid in an increased ICD e↵ect, but it would also mitigate the

issues of heterogeneity [22].

Figure 16: Baker Hughes’ Equalizer Helix ICD, [13]

This sparked the interest for inflow control across the industry, and since then, service

companies have developed a series of inflow control technologies. As the technology has

matured, the application range of ICDs has been widened. Inflow control is now being

applied in di↵erent types of completions, both in sandstone and carbonate reservoirs, in

producer and injector wells. In recent years, ICDs have been used in Steam-Assisted

Gravity Drainage (SAGD) wells to enhance heavy oil reservoir sweep [34, 35].

2.3.2 ICD Types

Today, several service companies o↵er their version of an ICD, including Baker Hughes,

Schlumberger, Weatherford, Halliburton and Tendeka.

Inflow control devices can be categorized into three main categories, based on the

method used to generate the pressure drop [36, 37]:

• Nozzle Type (Restrictive)

• Helical Channel Type (Frictional)

• Tubular Type (Frictional and restrictive)
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(a) Nozzle Type ICD

(b) Helical Channel Type ICD (c) Tubular Type ICD

Figure 17: Types of Passive ICDs, [38]

Nozzle Type

Figure 18: Typical
Nozzle ICD, courtesy of
Tendeka

As the name implies, a nozzle-type ICD completion (Figure 17a)

is based on 1 - 4 orifices installed in the base pipe layer. When

the fluid flows past the screen layer it is forced through the small

nozzles, creating an instant pressure drop across the orifice. The

pressure drop utilizes Bernoulli’s principle, where as a fluid goes

from a large flow area to a smaller flow area, it experiences a higher

flow velocity as the pressure decreases. The resulting pressure

drop can be found by the fluid flow rate and geometry of the

orifice [39]:

Qr = CDA2

s
2(P1 � P2)

⇢
�
1� (A2/A1)

2� (1)

where CD is a discharge coe�cient that takes into account the orifice geometry, ⇢ is the

fluid density, A is the flow area, P is the fluid pressure, and subscripts 1 and 2 signify the
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parameter at nozzle entry and exit, respectively. The pressure drop can thus be derived:

�PR =
⇢Q2

�
1� (A2/A1)

2�

2CD
2A2

2

(2)

If we neglect the area di↵erence at entry and exit, while assuming a circular nozzle, i.e.

A1 = A2 = A = ⇡
4D

2 , we can simplify Eq. 2 to the following [39]:

�PR =
⇢Q2

2CD
2A2

�PR =
8⇢Q2

⇡2D2CD
2 (3)

From Equation 3 it is obvious that the restrictive pressure drop is proportional to the

flow rate squared, i.e. a doubling of the flow rate gives a pressure drop increase to the

factor of four. Further, it is inversely proportional to the nozzle diameter squared, hence a

small increase in diameter will yield a great reduction in pressure drop. The diameter is

also the main factor when it comes to design and sizing of the nozzle ICD. As previously

mentioned, it is further possible to have 1-4 nozzles installed in each screen joint, and

an increase in the number of nozzles will yield a lower pressure drop. This is because of

the fact that the flow rate through each nozzle depends on the number of nozzles. For

instance, four nozzles means that the flow rate through the joint is reduced by the same

number, compared to a single nozzle ICD joint.

The simple design of the nozzle ICD makes it easy to manufacture, and should the

real-time well data indicate need for a di↵erent nozzle-size, it is relatively easy to replace

the nozzle prior to running the lower completion (see Figure 18). Because of the relatively

small nozzle diameter (typically 1-5 mm), the fluid velocity through the nozzle will be

high, making it prone to erosion by fluid-borne fine sands. However, manufacturers

are constantly working on material and geometry design to prevent this issue. Another

drawback with the small nozzle design is the susceptibility to plugging, especially when

flowing back mud. A number of service companies o↵er their version of a nozzle ICD.

This includes Tendeka’s FloMatik, Schlumberger’s ResFlow, Weatherford’s FloReg and

Halliburton’s EquiFlow [15, 37, 40].

Figure 19: Resflow
Check Valve ICD, [41]

Several vendors have also equipped the nozzle ICD with a ball

check valve, as illustrated in Figure 19. The check valve enables

a series of completion related operations, such as open-hole gravel

packing, hydraulic set open-hole packers, well clean-up and fluid
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displacement. For conventional ICD and non-ICD completions, a washpipe is often run

to the toe of the well, either for open-hole gravel packing or for fluid displacement, e.g.

base oil completion fluid. The washpipe has the function of leading the fluids to the well

toe, before they are back-produced through the screen along the well up to the heel. By

installing an ICD with a check-valve, the use for washpipe becomes unnecessary. When

fluid is injected into the well, the check valves will close, preventing fluid loss to the

annulus through the nozzles. Furthermore, this function enables the setting of annular

hydraulic packers, by allowing a pressure build-up inside the lower completion. The ball

in the check valve is made of various materials. For instance, Schlumberger’s Resflow CV

can be made with aluminum balls, which is dissolved before production by an acid-based

breaker system. Optionally, the ball can also be ceramic, and will be produced with the

production fluids once the aluminum ball seat is eroded [41].

Helical Channel Type

The helical channel type ICD (Figure 17b) is based on a channel that goes around the

base pipe. When the fluid enters the device, it is forced through this channel, and the

surface friction it is subjected to generates a pressure drop across the device. The flow

rate through a helical channel is given by the following equation [39]:

Qf =
⇡D4

4CL
· �P

µ
(4)

where C is a geometrical factor based on the channel shape, L is the channel length and µ

is the fluid viscosity. By combining this with the pressure drop equation for laminar flow,

and the dynamic pressure, we can find the resulting pressure drop in the helical channel

[39]:

�PF = f · L⇢v
2

2D
(5)

In this equation, f is the friction factor which is dependent on the fluid density and wall

roughness, while v is the average fluid velocity. Because of the channel design, the pressure

drop is generated over a longer path and the flow area is relatively7 large. This yields a

low fluid velocity, making it more resistant towards erosion, while not being susceptible

to plugging. The helical channel type ICD has a disadvantage because of the highly

viscosity-dependent pressure drop. This makes it more preferable for water to flow through

7Compared to e.g. the nozzle-type ICD flow area
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the device in the case of a water breakthrough. Additionally, Visosky et al. [40] pointed

out that the helical channel ICD is somewhat reliant on the integrity of the surface finish

to maintain the desired pressure drop. The most common helical channel type ICD on the

market is the Equalizer ICD (Figure 16) by Baker Hughes [15, 37].

Tubular Type

Figure 17c illustrates the tubular type ICD. The device is built up by a number of tubes

with a certain diameter. This ICD acts as a restrictive device, but because of the long

tubes, friction is also introduced to the picture. After entering the annulus below the

screen layer, the fluid is forced through the long tubes, generating a pressure drop. Like

the helical channel type ICD, the tubular type ICD has a relatively large cross-sectional

flow area, resulting in a low fluid velocity. This gives the tubular ICD similar advantages

when it comes to erosion and plugging. However, since the pressure drop mechanism is

more based on resistance than friction, the pressure drop through the tubular ICD is less

viscosity-dependent compared to the helical channel type ICD. Halliburton is one of the

few service companies o↵ering this type of ICD design, and it should be mentioned that

this design is rarely used in the industry [37, 42].

2.3.3 ICD Benefits

As previously mentioned, the initial benefits of the ICD were to minimize the heel-toe

e↵ect by evening out the flux along the wellbore. However, a review of the literature

reveals many secondary benefits, that can exclusively justify the inclusion of ICDs in the

well completion. In conjunction with Section 2.2, a focus will now be laid on how inflow

control technology mitigates the addressed challenges.

As previously mentioned, the heel-toe e↵ect occurs as a result of friction along the

wellbore in high-permeability reservoirs. The fluid would rather choose the path of least

resistance, which is through the heel of the well. By installing ICDs in the sand-face

completion, the flow towards the heel will meet a greater resistance than the rest of the

well. This is because of the ICD’s high dependence on flow rate - the higher the flow rate,

the higher the pressure drop across the device. This is further evident by the presented

mathematical formulas. The result is that the fluid is forced to become evenly distributed

along the whole well, significantly increasing production from the toe of the well. This can

further be observed in the results from a generic 3300 ft well, modeled by Bellarby [13] in

Figure 20, 21 and 22.
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(a) Screen flux without ICD (b) Screen flux with ICDs

Figure 20: Flux variation along the wellbore in a homogeneous reservoir, [13]

A similar production challenge is linked to heterogeneous reservoirs producing with varying

flux. In zones with high permeability, the fluid will flow more easily into the wellbore,

increasing the chance of premature gas or water breakthrough, while preventing production

from other low-permeability zones. In the case of the ICD, a higher pressure drop will

be imposed on high flux zones, allowing production from low flux zones. This will enable

drainage from more of the exposed reservoir and thus increase oil recovery.

As a result of heterogeneity and uneven flux, annular flow can often occur. As explained

earlier, annular flow can lead to screen plugging, and creation of hot spots, ultimately

leading to sand control failure. Annular isolation, which is an essential part of the ICD

completion, prevents annular flow and cross-flow between zones. In Figure 21, this e↵ect

is clearly illustrated. Without the ICD, the annular flow is much higher towards the heel,

proportional to the base pipe flow and declining towards the end. However, it is drastically

minimized with the use of ICDs, as illustrated in Figure 21b. As a result, the risk of screen

plugging, hot spots and sand control failure is greatly reduced [13].

(a) Without ICD (b) With ICD

Figure 21: Base pipe and annular flow for the same well as in Figure 20, [13]

Moen and Asheim [14] studied the e↵ects of inflow control devices in the near-wellbore

area. As explained in Section 2.2, proper well clean-up is an essential factor for the well
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to perform optimally. Because of heterogeneities and the heel-toe e↵ect, the drawdown

at certain zones of the well is insu�cient for filtercake removal. Additionally, mud and

settled particles left behind can impair the inflow of reservoir fluids.

With inflow control, the clean-up performance is significantly altered. Since the ICD

generates an added pressure drop, the tubing pressure will be lower, as illustrated in

Figure 22b. This additional drawdown aids in filtercake lift o↵, as well as mud particle

removal during flow-back. This further means that a much lower flow rate is required

to achieve proper clean-up. The simulations performed in the study indicate that the

required flow rate is approximately three times as much for a conventional sandscreen

completion compared to the ICD case.

(a) Without ICD (b) With ICD

Figure 22: Pressure profiles for the same well as in Figure 20, [13]

Simulations presented at an internal meeting [15], also support this understanding. However,

another aspect was considered to quantify the improved well clean-up, that is the maximum

clean-up length. As previously mentioned, the filtercake must be subjected to a certain

di↵erential pressure to be removed, basically the pressure di↵erence between the near

wellbore formation and the tubing pressure, see Figure 23a. At the heel section of the

well, this pressure di↵erence is more than su�cient due a higher flux. However, towards

the toe, this di↵erential pressure converges towards the critical lift-o↵ pressure. Once it

has become lower than the lift-o↵ pressure, the filtercake will not be removed, and this

boundary point defines the maximum clean-up length or maximum well length. Because

of the added drawdown that the ICD presents, the lift-o↵ pressure is increased along the

whole wellbore, also in non-flowing zones, see Figure 23b. This leads to an increase in

maximum well length by almost 70% compared to a non-ICD well [15].
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(a) Without ICDs (b) With ICDs

Figure 23: Comparison of maximum clean-up length, [15]

As a result, well clean-up performance is significantly improved in sections with low

drawdown pressure. Hence, the well will behave in a more predictable manner with better

inflow performance. This conclusion is also supported by Henriksen et al. [33] concerning

the application of inflow control on the Troll field. A clear e↵ect was observed where

ICD wells were more e�ciently cleaned up compared to non-ICD wells, representing a

significant decrease in completion mud at each sandscreen. This was verified by radioactive

tracers [14, 33].

Based on the presented benefits, it is evident that inflow control has a potential of

increasing oil recovery. Despite the fact that ICDs lower the oil productivity index (PI),

the recovery factor can be significantly increased. The productivity index is measured

as volumetric flow rate per pressure drop, e.g. Sm3/bar. It is a function of the fluids,

geology and reservoir quality. Preferably, one would like the PI to be as great as possible,

i.e. produce at high rates with a low reservoir drawdown. The rationale behind this is

that high PI wells will enable more oil production while still maintaining a high reservoir

pressure. From a reservoir and production point of view, this is quite a rational mindset.

However, it might not be entirely correct. As formerly mentioned, long horizontal wells in

highly permeable (i.e. high PI) reservoirs have a tendency to be dominated by the heel-toe

e↵ect, which greatly reduces recovery from the lower part of the well. Because of the fact

that the ICDs generate an additional drawdown pressure, the productivity index will be

reduced. Nevertheless, the result will be a uniform inflow profile that utilizes oil reserves

at the toe, further enhancing oil recovery.

It is not an easy task to quantify an increase in cumulative oil production based on

observed production from an ICD completed well. This is because of the fact that it

is impossible to know how the well would have behaved had it been developed with a
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conventional sand-face completion. However, by looking at analogue non-ICD wells nearby,

the e↵ect can be anticipated. A good example of this is the Troll field which has several

hundreds of wells drilled in a somewhat similar and predictable formation and reservoir.

Simulations performed in the reservoir simulator predicted a clear upside of ICDs in the

well, see Figure 24.

Not only did the results show an additional oil production of 200,000 Sm3, but also a

delay in gas breakthrough by 100 days. Moreover, once the gas had broken through, the

GOR would be lower for the ICD case. After some time the GOR would be higher and

faster increasing compared to the base case, because of the even drainage and lowering of

the GOC, leading to a wider spread gas cone being produced. Another paper by Halvorsen

et al. [43] supports this conclusion. Here, it is anticipated that on average, the installation

of ICD on Troll wells increased oil production by 31% [33, 43].

Figure 24: Comparison of oil production and GOR for an ICD vs. non-ICD well on Troll, [33]
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2.4 AICD

Despite the fact that ICDs have the ability to delay early water or gas breakthrough, they

will not stop or reduce the inflow of unwanted fluids once breakthrough has occurred.

This may impair production performance, and lead to reduced recovery. Autonomous

Inflow Control Technology (AICT) has the aim of mitigating this challenge. It involves

self-controlled instruments that adjust the level of restriction based on the fluid properties.

The main aim of the technologies is to hold back unwanted fluids such as water or gas,

while allowing for production of oil. Hence, they can lead to enhanced oil recovery (EOR)

and delay gas or water breakthrough.

As previously mentioned, autonomous inflow control can be characterized by two

categories; devices and valves. While Autonomous Inflow Control Devices are fixed fittings

with no moving parts, Autonomous Inflow Control Valves include some moving parts

that lead to the restrictive nature of the instrument. This distinction is critical when it

comes to the assessment of factors such as robustness, erosion resistance, plugging risk,

integration and reliability of the respective technology [44].

2.4.1 Hybrid Type

The three ICD types discussed in Section 2.3.2 have shown both strengths and weaknesses,

and manufacturers have worked rigorously to improve their e�ciency, to maximize pro-

ductivity during the whole life of the well. However, none of the previously mentioned

ICDs meet all the requirements for optimized function:

• Low risk for plugging

• Mud flow-back assurance

• High erosion resistance

• Negligible viscosity sensitivity

In 2009, Baker Hughes published an IPTC8 paper on their newly developed hybrid ICD

design. The Baker Equalizer Select is based on a series of flow passages in a labyrinth

path, see Figure 25. When fluid passes through the maze, it meets a series of restrictions

while being distributed in the chambers, see Figure 25b. Each of these chambers has one

or more slots that represent restrictions, successively generating pressure drops as the fluid

passes. The slots are not positioned in a straight line, which means that the fluid has to

8International Petroleum Technology Conference
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turn direction after each slot, further introducing friction into the pressure drop equation

[45].

(a) Adjustable Hybrid ICD (b) CFD flow line velocity plot with water flow

Figure 25: Baker Equalizer Select, [45]

The adjustable design makes it possible to change the flow resistance just before running

the completion into the well. Each adjustment has a di↵erent number of chambers, more

chambers give a higher resistance while fewer chambers yield a lower resistance. It is also

possible to run several setting in the open position, for e.g. abnormally high production

rates. Because of the fact that the pressure drop is generated in multiple steps, i.e. at

multiple restrictions, the risk of erosion and plugging is significantly reduced.

However, when it comes to flow performance characteristics, the hybrid di↵ers from the

other restrictive ICD, i.e. the nozzle ICD. The following equations can be used to describe

these flow performance characteristics, using seven parameters and Reynolds number (Eq.

6) [45]:

Re =
⇢vL

µ
(6)

Khighrate = a1Re
b1 (7)

Klowrate = a2Re
b2 (8)

K = Klowrate +
Khighrate +Klowrate�

1 +
�
Re
t

�c�d (9)

�Phybrid = K⇢

✓
v2

2gc · 144

◆
(10)

Without going too much into the number-crunching, it can be seen that at higher Reynolds

numbers, the hybrid ICD will choke harder than the nozzle type ICD. Fluids with a high

Reynolds number are typically dense with low viscosity, which is the case with water

(relatively high density) and gas (relatively low viscosity). Moreover, the pressure drop will

be low at lower Reynolds numbers, which is the case for oil with relatively low density and

high viscosity. The dependency to the Reynolds number is the opposite for the helical-type
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ICD, where the device will choke harder at low Reynolds numbers, and choke less at higher

Reynolds numbers. This is illustrated in Figure 26, where the pressure loss coe�cient (K)

is plotted against the Reynolds number.

Figure 26: Theoretical flow performance for Hybrid vs. Helical ICD, [45]

The theoretical flow performance plot is a result of CFD9 analyses and laboratory flow

experiments. In the initial production phase of the hybrid design (point 1, blue line), there

will typically be production of oil and the Reynolds number will be low. The hybrid ICD

will impose a lower pressure loss coe�cient, as opposed to the helical-type ICD that will

generate a greater pressure loss at the same Reynolds number. Later in the well life (point

2, blue line), water and/or gas will typically be produced. In this case, the hybrid ICD will

have a greater pressure loss compared to the helical design. In a gas well, the development

of the Reynolds number is typically the opposite where gas is initially produced (point 1,

red line) before a water breakthrough occurs, and the Reynolds number decreases because

of the liquid viscosity (point 2, red line). In this case, it is observed that the helical ICD

performs better, since it chokes harder for lower Reynolds numbers, while allowing for

production at higher Reynolds numbers, see Figure 26.

Compared to the helical channel ICD, the pressure drop in the adjustable hybrid ICD

is more density dependent, and less sensitive to viscosity. Conclusively, this gives the

adjustable hybrid ICD better flow characteristics, by holding back water and gas producing

zones while promoting oil productive zones [15, 45].

9Computational Fluid Dynamics
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2.4.2 Fluidic Diode

In 2012, Least et al. [46] presented a fluidic diode type AICD by Halliburton. The device

has a geometry that resembles a circular vortex that diverts the fluid into di↵erent paths

based on its properties. Depending on the path that the fluid takes, it will meet di↵erent

levels of restriction.

Figure 27: Simplified
illustration of the fluidic
diode, [47]

The fluidic diode is mainly dependent on three fluid properties;

density, viscosity and flow rate. While the density and flow rate

generate an inertial force, the viscosity and flow rate produce

a viscous force in the fluid. The balance of these two forces

allows the function of the fluidic diode. This functionality can be

explained using Figure 27. When the fluid enters the AICD at the

entrance, it has to choose between two paths before reaching the

exit and flowing up the production tubing. This choice is made

based on the balance of the two forces mentioned above. If the

inertial forces are the dominant forces, the flow will stay in the

initial path and choose the straight pathway. This is typically

the case for low viscous fluids such as water and gas. However,

if the viscous forces are dominant in the force balance, the flow

will have a tendency to spread and become split between the divergent and the straight

pathway. This is the case for viscous fluids such as oil. The angular momentum of the

fluids taking both pathways will be balanced leading to minimal rotation when entering

the vortex bowl. The result is flow going directly towards the exit of the diode, without

meeting significant restriction, similar to the performance of a standard nozzle-type ICD.

In the case of water or gas, where the fluid takes the straight pathway the outcome

will be quite di↵erent. The fluid will enter the circular vortex bowl with a high angular

momentum, and start spinning at high speeds before it gets to the exit. Similar to when

driving a car at high speeds in a roundabout, the fluid will lose considerable energy in

the form of pressure, as it circles the vortex. This follows from Bernoulli’s principle that

relates the dynamic pressure of a moving fluid to the fluid velocity. The following equation

can be derived from Bernoulli’s principle when neglecting gravity e↵ects[47]:

�P = P2 � P1 =
1

2
⇢v22 �

1

2
⇢v21 (11)

From Equation 11 can be understood that the restriction of flow across the AICD, that
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is the �P , is proportional linked to the velocity change that the fluid experiences when

entering and exiting the fluidic diode. Furthermore, when more fluids take the straight

pathway, the local spinning velocity increases, resulting in a larger pressure drop. Hence,

fluids with low viscosity and high inertia will meet a greater restriction in the AICD

compared to viscous fluids with relatively low inertia. This is how the fluidic diode manages

to preferentially produce oil, while holding back water and gas [47].

(a) Oil flow (b) Water flow

Figure 28: CFD Velocity Streamline plot of the simplified AICD Principle, [47]

The aforementioned phenomenon can clearly be observed in Figure 28, where the CFD

plots show the velocity streamlines for two fluids. When oil flows through the fluidic

diode (Figure 28a), the flow is split between the straight and the divergent pathway.

The fluid takes the most direct path towards the exit without going into a spinning

motion. Another observation from Figure 28a is that the fluid velocity is nearly con-

stant, as is evident by the blue flow lines. On the other hand, a di↵erent observation

can be made from Figure 28b where water flow is simulated. The water will take al-

most exclusively the straight path into the vortex bowl where it starts spinning. This

creates a back pressure that restricts the water from passing through the AICD [47] .
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Figure 29: Percentage of divergent flow as
a function of viscosity, [47]

Fripp et al. [47] also points out how the restric-

tion of the AICD is proportional to the fraction

of fluid flowing the straight pathway versus the

divergent pathway. Moreover, the amount of

fluid flowing in the divergent pathway is linked

to the fluid viscosity; a higher viscosity will

typically increase this amount, see Figure 29.

Hence, a fluid with higher viscosity will be less

restricted in the AICD. Additionally, a higher

contrast between the oil and water viscosity will

give a better e↵ect when it comes to promoting

oil production and holding back water.

The Equiflow AICD by Halliburton has been proven in a series of qualification tests

for risk of plugging, erosion, shock, torque, bending, tensile burst and collapse. Further,

numerous flow tests , both single-phase and multi-phase, have been conducted to develop a

way of modeling the flow characteristics of the AICD. Currently, the device comes in four

di↵erent versions, or so-called ”Ranges”. Table 3 provides an overview for these ranges.

Based on the viscosity range, the design of the pathways in the fluidic diode varies [48].

Table 3: The di↵erent versions (ranges) of the Equiflow AICD, [49]

Fluidic diode

AICD
Viscosity Range Oil Type Fluid Restricted

Range 1 0.3 - 1.5 cP Very Light Gas

Range 2 1.5 - 10 cP Light, Medium Gas and Water

Range 3 3 - 200 cP Light, Medium, Heavy Gas and Water

Range 4 +150 cP Heavy, Very Heavy Gas and Water

Figure 30 shows how the Range 3 AICD responds to water and oil with di↵erent viscosities,

in terms of pressure drop. Despite the viscosity being relatively low, it is clear how

the AICD favors production of the oil by inducing a lower pressure drop on the fluid,

compared to the water. Even for the lightest oil (3cP) the pressure drop across the device

is approximately half that of the water. Figure 31 shows the flow lines in the Range 3

AICD for oil and water flow, respectively [47].
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Figure 30: Single phase flow characteristics for the Range 3 AICD, [47]

(a) Oil flow (b) Water flow

Figure 31: Halliburton Equiflow Range 3 AICD, [50]

According to the current literature, [48, 49, 51], the Equiflow AICD has a successful track-

record in both the Middle-East and Latin-America. In a light-oil carbonate reservoir in the

United Arab Emirates, the deployment of the Equiflow AICD increased oil production by

five times, while decreasing water-cut by 50%. In Ecuador, the installation of the Equiflow

in a heavy-oil field increased oil recovery by 16% while decreasing water production by

34%. Additionally, the technology has been deployed in Columbia and Saudi Arabia with

successful results. The fluidic diode AICD has also been shown to reduce production of

unwanted gas by more than 30% compared to a standard nozzle-type ICD.
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2.4.3 Autonomous ICD

The Autonomous ICD by Schlumberger (SLB) is a similar technology to the Equiflow

AICD. The device has two entry ports at which the fluids are directed tangentially into a

cylindrical chamber, see Figure 32b. Because of a lower Reynolds number10, oil entering

the device will spin at a low velocity and immediately exit through the nozzle (point 54)

with only a minor pressure drop. When water or gas with a significantly higher Reynolds

number11 enter the Autonomous ICD, it will spin at much higher velocities in a circular

path (point 56). In this manner the fluid will lose much of its momentum and thus dynamic

pressure to the spinning motion. As a result, water and gas is held back, while oil flow

is promoted. In addition to the selective fluid functionality, the Autonomous ICD also

o↵ers the same choking feature as a standard nozzle-type ICD, by including a constriction

(point 54). Furthermore, the device features a modular design that can be adjusted the

wellsite to tune restriction [52].

(a) (b) (c)

Figure 32: Schlumberger Autonomous ICD actual design(a) and schematics viewed from the
top (b) and side (c), [52, 53]

The flow performance of the SLB Autonomous ICD varies for di↵erent oil viscosities, as

shown in Figure 33. In all cases, the flow performance for oil flow is quite similar to a

standard nozzle-type ICD. However, when gas flows through the device, the pressure drop

will be higher than for the ICD, regardless of flow rate. Similar to the previously discussed

autonomous technologies, the selective choking e↵ect becomes better when the viscosity

di↵erence between the fluids widens. A search in available literature found no field tests of

the SLB Autonomous ICD. The technology has however been patented [53].

10A low Reynolds number is caused by a high viscosity and/or low density, see Equation 6
11A high Reynolds number is caused by a low viscosity and/or high density
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Figure 33: Single phase flow characteristics of the SLB Autonomous ICD vs. Standard ICD
for di↵erent oil types, [52]
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2.5 AICV

Autonomous Inflow Control Valves serve a similar purpose to AICD, with the main

di↵erence being that they include moving parts that enable the selective choking of fluids.

There are various types of AICV currently on the market, including the Tendeka FloSure

TR7, InflowControl AICV®, Wormholes Adaptive ICD, Acona ERC and the Superior AFD.

The following sections provide an overview over these solutions where their functionality,

flow characteristics and field deployment will be discussed.

2.5.1 The Rate Controlled Production (RCP) Valve

The Rate Controlled Production (RCP) valve is a development that was patented by

Statoil12 in 2011. The main driver for the technology was the Troll field, where production

of gas was the main challenge. Despite the fact that the integration of ICDs helped with

delaying the gas breakthrough in the wells, they had a minimal e↵ect once the coning

of gas had started. This would critically impair oil production and leave significant oil

volumes unrecoverable.

First installed on Troll in 2008, Statoil’ RCP valve was unique in that it could choke

harder on low-viscous fluids while favoring high-viscous fluids, in addition to having the

nozzle-ICD functionality. Figure 34 illustrates the autonomous valve. Considerably larger

than the nozzle ICD, the valve has a freely moving disk (orange colored) in the core,

which levitates when low-viscous fluids flow through the valve. This levitation causes a

restriction between the disc and inner seat, choking back the respective fluids [23].

(a) The RCP mounted in the base
pipe of a screen joint

(b) Schematic showing the fluid flow path through the
valve

Figure 34: The first generation Statoil RCP Valve, [23]

The mechanism of the RCP valve is mainly based on Bernoulli’s principle, which states

that the speed of a fluid is inversely proportional to its pressure (or potential energy); an

12Now called Equinor.
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increase in the fluid’s velocity will decrease its pressure. It is the principle that allows

planes with several hundred tons of weight to take o↵ in the air. If fluid compressibility

and hydrostatic pressure is neglected, Bernoulli’s principle can be stated as follows [23]:

P1 +
1

2
⇢v21 = P2 +

1

2
⇢v22 +�Pfriction (12)

Equation 12 states that the sum of static and dynamic pressure at the inlet is equal to the

static, dynamic and frictional pressure at the outlet.

Figure 35: Forces acting
on the RCP disc, [25]

There are three forces acting on the disc when fluid is flowing

through the RCP, see Figure 35:

• Fmom - Force due to transfer of momentum from the fluids

to the disc, pushing it down.

• Flift - Force due to hydraulic lift, pushing the disc up-

wards.

• Fdrag - Force due to viscous drag, corresponding to the

frictional pressure loss (Eq. 12) pushing the disc down.

The hydraulic lift principle may be a bit hard to grasp, therefore

it will be explained in more detail. It is the same principle that airplane wings utilize

to stay airborne The fluids will enter the RCP valve with a high static pressure, before

the velocity is increased because of the restriction it meets. When the velocity increases,

the static fluid pressure will be lowered, see Eq. 12. This corresponds to the pressure at

point a, Figure 34b. However, for the fluid below the disc at point b, the static pressure is

higher because of stagnation. The pressure di↵erence between point a and b, creates a

force on the surface below the disc. This is what generates a hydraulic lift. If the lift force

is greater than the momentum and drag force combined, the disc will start to levitate,

restricting inflow at point a.

The viscous drag force is highly dependent on fluid viscosity, a higher viscosity yields a

greater drag force. Moreover, the force because of fluid momentum is proportional to the

fluid density. In the case of a relatively dense and viscous fluid, e.g. heavy oil, the sum of

these two forces will push the disc downwards, allowing for open flow through the valve.

On the contrary, for fluids with low density and viscosity, the hydraulic lift force will

dominate the force balance, leading to disc levitation and a restriction of flow [23, 25].
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(a) 100% oil flow (b) 25% oil and 75% water flow

Figure 36: CFD pressure plot showing fluid flow through the RCP, [25]

Figure 36a shows the behavior of the RCP valve when oil flows through the valve. In this

case the disc is pushed down, allowing flow. When a lower viscosity mixture of water and

oil is introduced, the drag becomes too small and the lift force pushes the disc upwards,

restricting flow. The levitation e↵ect is intensified in the case of gas flow because of the

lower momentum and drag. Note that in order for the disc to levitate, it is essential that

a small amount of fluid is flowing through the valve, to maintain hydraulic lift. Another

result of this is that heavier oils flow more easily through the valve compared to lighter

oils, a behaviour opposite of fixed inflow control devices.

Considering the design of the RCP, it also includes the restrictive choking e↵ect seen in

nozzle ICDs, thus providing the benefits seen in fixed inflow control devices. However, the

main advantage of the valve is the selective choking feature. As previously mentioned, the

ability of holding back unwanted fluids such as gas or water is crucial after breakthrough.

In the case of gas breakthrough in light oil reservoirs, the RCP will favor production of oil

while preventing inflow of gas. The valve will operate similarly in heavy oil reservoirs with

water production, and the design of the valve can be customized to field specifications.

The RCP valve has been subjected to a series of qualification tests to understand

its behavior and durability. The first generation RCP involved some uncertainties when

it comes to erosion resistance, which have been addressed and resolved in later years.

Experiments have been conducted to model the valve’s behavior. By examining the

flow of gas, water and oil with various densities and viscosities, and observing rate and

pressure drop through the valve, an empirical formula was developed to describe the flow

characteristics [23]:

�P = f(⇢, µ) · aAICD · qx (13)

where the first factor of the equation is directly linked to the fluids properties. aAICD is

the user-input strength parameter, while q designates the flow rate through the valve. x is
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also a user input factor. The function of f(⇢, µ) can be expressed as follows:

f(⇢, µ) =

✓
⇢mix

2

⇢cal

◆✓
µcal

µmix

◆y

(14)

where subscript cal designates the calibration fluid properties, while mix designates the

properties of the fluid mixture expected to flow through the valve. The mixture properties

can be found by calculating the weighted average based on volume fractions:

⇢mix = ↵oil⇢oil + ↵water⇢water + ↵gas⇢gas (15)

µmix = ↵oilµoil + ↵waterµwater + ↵gasµgas (16)

Furthermore, these functions were validated against several fluid types and viscosity ranges.

An example of the RCP flow characteristics is given in Figure 37.

Figure 37: Modelled and tested Single Phase Flow characteristics of light oil, [43]

Several observations can be made from this chart. Firstly, at lower flow rates, the valve will

choke harder on the water compared to the other fluids. This is because of the restrictive

mechanism which depends on the fluid density, similar to the behaviour of the nozzle-type

ICD. Since the RCP is sensitive to low viscosities as well, it will choke even harder, as

the disc will start levitating (see Figure 36b). Because of the oils high viscosity, the main

choking mechanism is based on restriction and the oil will flow more easily compared to

water, see Figure 36a. In heavy oil reservoirs, the viscosity contrast between water and

oil will be more significant, leading to an easier flow of the oil through the valve. At low

flow rates, the RCP will choke minimally on the gas, because of its low density. However,
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when approaching rates of 1.1 m3/h, the pressure drop will increase with a vertical slope.

This is because of the hydraulic lift force acting on the disc, shutting o↵ gas flow. This is

a similar but more severe case of the levitation illustrated in Figure 36b [43].

Following the trial and patenting of the RCP valve, several vendors bought a license

to the technology, including Baker Hughes, Weatherford and Tendeka.In recent years,

Tendeka has become the main provider of this technology, and has further developed the

valve to improve functionality, reliability and applicability. The first generation RCP, the

AR2, was bulky and incompatible with smaller ID screen housings because of its wideness.

Additionally, its protrusion through the base pipe could prevent intervention tools from

entering the lower completion, as well as deployment of stinger completions later in the

life of the well. The most up-to-date version of the RCP is the Tendeka FloSure TR7

valve, pictured to the right in Figure 38. It is small enough to be integrated in standard

ICD housings, enabling the installation of the valve in screens originally manufactured for

standard nozzle-ICDs. To achieve this small size, a focus has been laid on simplification of

the fluid path through the device, in addition to optimizing the manufacturing process.

To improve stability and erosion resistance, the disk and nozzle of the valve have been

thickened and upgraded to tungsten carbide [43].

Figure 38: Design evolution of the RCP, [43]

Halvorsen et al. [54] evaluated the performance of the RCP valve on three di↵erent Troll

wells. One of the wells, P-13 BYH, was completed with two lateral branches. The first

branch was run with conventonal ICDs while the other was equipped with RCP technology.

The well was chosen as a candidate because of the similarity in the geology that the

branches penetrated. Figure 39 shows the GOR development of the two branches of time.

Prior to gas breakthrough the performance of the branches is similar up to June 2011. By

evening out the inflow profile along the wellbore, the gas breakthrough is delayed up to

this point. After this date, branch Y1 started to produce considerably higher gas volumes

than branch Y2. It should also be mentioned that the two branches were producing at
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approximately the same liquid rates. In this time period, it is clearly observable how the

RCP manages to hold back the gas after breakthrough, while maintaining a similar or

higher oil production. Evaluation of cumulative production showed that the RCP-fitted

branch produced approximately 20% more oil compared to the ICD-fitted branch [54].

Figure 39: Troll P-13 BYH – GOR development over time, [54]

Another well that was evaluated in the respective study was P-21 BYH. Fitted with the

RCP, it produced better than expected, when compared to other Troll wells. After 10

months it had produced the equivalent oil production that a typical Troll well is expected

to produce during its entire lifetime. A comparison of the actual production with the

simulated production in the reservoir simulator, revealed that the well performed even

better than expected, see Figure 40. Also shown in the plot, is the simulated production

with a 3.2 bar ICD, which shows a lower oil production compared to the RCP case. In

2012, the RCP valve became part of the standard sand-face completion for Troll wells [11].

Figure 40: Troll P-21 BYH Simulated and actual production, [54]
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The topic of improved recovery on Troll by implementation of inflow control was revisited

four years later, by Halvorsen et al. [43]. Here it is concluded that on average, the simulated

increased oil production with the RCP is approximately 46%. Moreover, the wells equipped

with RCP valves typically produced better than expected.

The RCP valve also has a great track record globally. The current provider, Tendeka,

reports that the Flosure TR7 (Previously RCP) valve has been installed over 20,000 times

in over 100 wells, with no reported failures [25].

2.5.2 The InflowControl AICV®

In 2011, the inventors of the RCP valve joined together and founded the company

InflowControl in Porsgrunn. With more than 15 years of experience in passive inflow

control, they invented the AICV®, pictured in Figure 41.

(a) The AICV core (b) The AICV with the pilot flow tube

Figure 41: The InflowControl AICV, [23]

The InflowControl AICV utilizes the flow behavior of fluid in the laminar and turbulent

regime. To achieve this the valve has two di↵erent flow elements integrated in the valve

for these respective flow types.

When a Newtonian fluid is flowing through a pipe in the laminar flow regime, it

moves along defined paths and the pressure drop along the pipe can be determined by the

following equation [55]:

�Pf = f · L⇢v
2

2D
=

64

Re
· L⇢v

2

2D
=

32µvL

D2
(17)

On the contrary, a fluid flowing through a restriction in a turbulent flow regime will act in

a chaotic manner, and the pressure drop can be found as described in Section 2.3.2 and

Equation 3. A simplified form of this equation can written as follows [55]:

�PR =
1

2

⇢v2

CD
(18)

50



2 INFLOW CONTROL TECHNOLOGY Part I

Aadnøy [56] pointed out how the pressure drop in a laminar flow regime is mainly viscosity

and rate dependent, which is evident from Equation 17. For turbulent flow, the pressure

drop is dependent on the density and rate squared, see Equation 18.

These two principles are incorporated in the InflowControl AICV, by use of a pipe

element and a thin plate orifice, respectively. Figure 42 illustrates how this can be achieved

in a series of flow restrictions. The fluid enters the flow conduit at the inlet (A). Initially,

it meets a laminar flow restriction. This will induce a pressure drop (P1 � P2), according

to Equation 17. Further, the fluid flows through a turbulent flow element that induces an

additional pressure drop (P2 � P3). As previously mentioned, this pressure drop will be

proportional to the fluid density and rate squared, according to Equation 18. In the plot

in Figure 42 it is shown how three di↵erent fluids will react when flowing through the flow

conduit. At the laminar flow element, the heavy oil will undergo a relatively large pressure

drop because of its high viscosity. The equivalent pressure drop for water and gas, on the

other hand, is low because of the low fluid viscosity. The additional pressure in the case of

water and gas can be utilized to perform work, such as triggering an actuator and moving

a piston or valve [57].

Figure 42: Combination of laminar and turbulent flow elements in series, [58]

In the AICV, a pilot flow tube is used to induce the initial laminar flow pressure drop
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and utilize this pressure. In Figure 43 it is shown how this can be be achieved in practice.

The pressure P2 at the end of the pilot flow is used to actuate a piston (yellow) with a

force F2. Moreover, there is a force F1 resulting from fluid flow at the main inlet. If the

area A1 is smaller than A2, a lower pressure P2 is required in order for F2 > F1. This

will push the piston upwards and close the valve, restricting fluid inflow, see the plot in

Figure 42. If the pressure drop P1 � P2 is significant, the pressure P2 will not be high

enough to push the valve upwards (i.e. F2 < F1), leaving the valve open for flow. This is

typically the case with viscous fluids such as oil, which also increase the force F1 because

of the additional viscous drag. The flow is subsequently led through the turbulent flow

element (TFE) before it exits the valve with a pressure P3.

In open position, the AICV can be designed with di↵erent strength to include the

ICD-functionality that evens out the inflow profile. This pressure drop is induced at the

small channel between the yellow piston and the pink colored seat. The ratio between the

areas A1 and A2 is also a design parameter depending on the fluid properties [57, 59, 60].

Figure 43: Forces acting on the AICV, [59]

For the valve to function as intended, there needs to be a flow through the pilot flow tube,

even when the gas or water is being produced. However, the pilot flow represents only

a fraction of the total flow, approximately 1%. The AICV is also reversible, if the valve

has been previously closed because of production of water or gas, it will be autonomously

opened upon seeing oil again. The AICV has been subject to numerous experiments to

qualify its use in the oilfield. This includes [61]:

• LFE and TFE tests in a flow element test rig to find the most suitable flow elements

for the valve

• Single phase and multiphase tests to validate the valves functionality

• Tests in a multiphase flow loop test rig in real reservoir conditions
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• Erosion test with particles

• Clean-up test with mud and completion fluid

• Long-time longevity test

Based on these tests, a series of flow characteristics curves were developed. Figure 44

shows the behavior of the AICV for gas, water, light oil and heavy oil. It is clear how

water and gas undergo a much higher pressure drop at low flow rates compared to the oil.

Moreover, the heavy oil will undergo less choking compared to the light oil, because of its

high viscosity.

Figure 44: Comparison of experimental and modelled flow characteristics of the AICV, [62]

To be able to model the AICV behavior in static near-well simulators such as Landmark

NETool, it is possible to use the same functions as the ones for the RCP valve, see

Equations 13 - 16. In retrospect, a slightly di↵erent version of Equation 16 has been

developed by request from Statoil, to improve correlation:

µmix = ↵d
oilµoil + ↵f

waterµwater + ↵e
gasµgas (19)

Similar to the RCP, the input parameters for the AICV are aAICD, ⇢cal, µcal, x, y, e and f .

These values should be experimentally estimated for each field, and tuned to fit the flow

performance of the AICV. The solid lines in Figure 44 show the tuned RCP-functions, and

there is obviously a good correlation with the experimental data [62].

The AICV has been successfully deployed in 11 wells to date, according to the CEO of

InflowControl, Vidar Mathiesen [63]. Nugraha et al. [61] described the first field installation

of the AICV. Despite being an overall successful installation, some key learnings were

53



2.5 AICV Part I

highlighted with regards to the initial operations. After running the liner down to target

depth (TD), the well was displaced with breaker fluid in the liner interval, and completion

brine above the liner packer. Some viscous brine was also added to this section to prevent

the AICV from closing o↵ the back-flow. To ease the back-flow process, nitrogen was

pumped down with coiled tubing to lighten the fluid column in the well. It was observed

that back-flow time was much longer than expected. The authors’ reasoning for this is

that the AICV was choking down on the water, allowing flow only through the pilot tube.

Based on these observations a special procedure is recommended during back-flow of the

well, where a sleeve is installed in the completion to enable circulation and bypassing the

AICV. Additionally, it is recommended to use a high viscosity completion fluid to keep

the AICV open during back-flow.

2.5.3 The Enchanced Recovery Valve (ERV)

All autonomous inflow control designs discussed until now have been dependent on both

fluid density and viscosity. In 2017, some engineers from Acona Flow Technology came

up with a new autonomous inflow control valve that addressed several of the challenges

linked to the existing technologies. The new design is buoyancy-based and is called the

Enhanced Recovery Valve (ERV).

The focus and objectives of designing this new technology were as follows [64]:

• There should be a minimal number of design parameters for each field to simplify

design and planning. Additionally, the operational window should be broader to

improve function during the whole lifetime of the well.

• Reliable design and functionality, with negligible risk of plugging and erosion.

• Easy integration into the lower completion.

• E�cient well clean-up. As previously mentioned, proper clean-up in long horizontals

can be challenging, and the ERV should be able to improve the removal of completion

fluids and filtercake for enhanced well performance.

• Allows for easy back-flow of fluids, in the case of bullheading stimulation fluids,

tracers or temporary solvents. Additionally, this feature is also important for well

integrity instances where bullheading or well killing may be necessary.

• Viscosity independent design. In situations where the di↵erence between the oil and

water viscosity is minimal, existing autonomous technologies struggle to di↵erentiate
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between the two fluids, and end up producing high amounts of water. The new

generation AICV will function independently of both viscosity and production rate.

• Negligible pressure drop across the valve during production of desired fluids. Unless

an ICD e↵ect is desired, an ideal inflow control system should have a minimal

pressure drop in open position.

• In the case of water or gas production, only unfavorable amounts of these fluids

should be held back. When producing water with oil, a certain water cut is necessary

to ensure proper reservoir drainage. When gas is produced with oil, it can aid in

providing lift and improving the Tubing Performance Ratio (TPR). Because of these

factors, the new ERV will only choke back very high volume fractions of unwanted

fluids.

Figure 45: The main principle of the ERV, [64]

Figure 45 illustrates the new proposed design for the ERV. A mathematical approach was

used to find a mechanism that was both robust and operationally versatile. The optimal

solution was found to be a buoyancy-based system.

The design includes three fluid chambers with floating elements that react on di↵erent

fluid densities. The relation between the flow elements can be summarized as follows:

⇢gas < ⇢red < ⇢oil < ⇢blue < ⇢water < ⇢yellow < ⇢mud (20)

For fluid to flow through the valve, it has to pass through all three chambers. Illustrated

as balls in Figure 45, the red ball floats when the chamber contains oil, but sinks in gas.

If the red ball sinks, it will choke the main chamber outlet preventing the fluid from

continuing to the next chamber. Similarly, the blue ball floats in water, but sinks when

the chamber is filled with oil. The main outlet for the water chamber is at the top, and
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when the ball floats it will prevent fluid flow through this chamber. However, fluid may

bypass this chamber and flow directly to the third, mud chamber. Lastly, the yellow

ball in the third chamber will sink in water but float in mud or completion fluid (that is

heavier than water). Hence, if oil (which is lighter than water) was to enter this chamber

it would be prevented, and forced to flow from the second chamber and above the mud

chamber, see Figure 45. Each fluid chamber also has some small outlet channels, these will

allow a negligible amount of unwanted fluid production to keep the system stable during

production. These channels make the ERV reversible; if the valve sees oil after some time,

the existing water or gas in the chambers will be replaced by oil and the valve will open

for flow.

Figure 46 shows the di↵erent operational modes of the ERV along a long horizontal

well. In the toe of the well, the clean-up of mud is typically incomplete as explained in

Section 2.2. The ERV enables better clean-up of sections as it will stay open to these

respective zones, as long as mud is being produced. When the valve sees oil it will switch

to a closed position, thus inducing a greater drawdown pressure on insu�ciently cleaned

zones. This is done by having a ”di↵erential stick” function in the middle chamber. In

zones with coning of water or gas, the valve will e↵ectively exclude these zones from

production [64].

Figure 46: The mode of the ERV in di↵erent situations, [64]

There are some challenges related to the functionality and design of the ERV. Firstly, the

orientation of the system is quite important in order for the floating elements to function

as intended. Multiple systems in parallel may be necessary to keep the valve independent

of orientation. Additionally, solids found in mud can settle in the chambers and lead to

plugging or entrapment of the floating elements. Moreover, the system should be tuned

to balance the forces acting on the floating elements caused by a variable flow rate. For

instance, viscous drag forces can become a challenge that prevents the floating elements

from moving around properly. Lastly, the balls used in the ERV must be designed with

the correct density and robustness to ensure reliability and accuracy in the system [15].

56



2 INFLOW CONTROL TECHNOLOGY Part I

A review of current literature found no field deployments of the ERV technology, but

the solution has been patented [64].

2.5.4 Autonomous Flowcontroller Device

In 2014, Bowen and Aadnoy [65] published a paper describing a new type of autonomous

inflow control valve. The Uniflo Autonomous Flowcontroller Device (AFD) is a constant

flow regulator valve that is based on hydraulic feedback and Bernoulli’s principle. The

main aim of the technology is to maintain a constant flow rate through the valve regardless

of flowing inlet pressure. A pre-determined flow rate through each unit is the only input

parameter needed to design the AFD valve.

Figure 47: The Uniflo Autonomous Flowcontroller Device, [15]

Figure 47 shows how the AFD valve can be integrated in the lower completion screen joints,

in a similar was as the previously described inflow control technologies. The patented

AFD technology is simple but e↵ective; it consists of a valve and valve body, which can be

applied for both production and injection purposes depending on the orientation of the

valve. The schematic in Figure 48 shows how the fluid enters the valve in a production

scenario. After passing through the screen layers and a pilot orifice with a flowing BHP

equal to P1, the fluid can flow into two paths. At the top of the valve, there is a larger

flow area compared to underneath the valve. From below, the valve is pushed upwards by

a spring with a force following Hooke’s law. Hence, there are three forces controlling the

valve’s behavior:

1. Pressure-area force above the valve, acting downwards.
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2. Pressure-area force below the valve, acting upwards. For the same flowing BHP this

force will always be lower than the previous force, due to a smaller area.

3. Spring force acting with a known spring constant k, acting upwards.

Figure 48: Schematic of the AFD valve, [65]

For fluid to flow through the valve, the upwards force must exceed the downwards force,

i.e. the di↵erence in the two pressure-area forces must be overcome by the spring force.

At an early production stage, P1 will be relatively high, making the valve choke harder.

As the reservoir is drained, this pressure will decrease, consequently leading to a greater

opening in the valve and lower pressure drop through the AFD while still maintaining

a constant flow rate through the unit. This makes the AFD technology adaptive to the

di↵erent phases of the production lifetime. The same principle can be applied for water

injection purposes, aiding in a distributed flow with a constant injection rate along the

whole length of the injector.

A series of simulations and flow experiments have been performed with the AFD.

The results from drainage analysis and comparison with nozzle-type ICDs show that

the time needed to drain the same reservoir was almost half for the AFD compared

to the conventional ICDs. Draining the field in 5.2 years, instead of 9 has significant

economical and operational benefits which justify the implementation of the AFD in the

lower completion.

Figure 49 shows the flow characteristics of the AFD valve at di↵erent fluid viscosities.

At an approximate flowrate of 4.5 gpm, the flow through the valve stays constant despite

an increasing pressure drop. It is clear how the AFD valve’s flow characteristics are nearly

una↵ected by di↵erent fluid viscosities. The constant flow behavior is a contrast to the

flow characteristics of conventional ICDs, where the pressure drop is generally proportional

to the square of the flow rate13 [65]. A literature review did not find any documented field

13See Equation 3
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deployments with the Uniflo AFD. Discussions with Professor Bernt Aadnøy revealed that

the valve is going through various experiments to qualify its use in the oilfield [66].

Figure 49: Flow characteristics of the AFD valve, [15]

2.5.5 Adaptive Inflow Control Device

Figure 50: The first
generation Wormholes
ICD, [67]

WORMHOLES is a Russian-based service company that was

established about a decade ago. Initially, they developed a hybrid-

type inflow control device, with a similar functionality as the Baker

Equalizer Select (Figure 25). The device consists of a labyrinth

shaped channel reminiscent of the trail of wormholes in a tree,

see Figure 50. Subsequent development of this inflow control

device led to the creation of the Adaptive ICD. The Adaptive

ICD consist of a series of coupled ICD units with multiple valves,

see Figure 51.

Figure 51: Schematic of the Adaptive ICD, [68]
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As explained Section 2.4.1, the hybrid-type of ICD induces a combination of frictional and

restrictive pressure drop by leading the fluid through several channels and restrictions.

The Adaptive ICD has a similar design, but also includes valves along the device that can

open and close based on fluid properties. The valves contain throttle rings that control

the gate position of the valve (open or closed). Illustrated in Figure 52, the valve consists

of three main parts; the valve saddle (1), valve cap (2) and a ball of magnetic material (3).

Inside the valve cap there are also permanent magnets (4).

Figure 52: The Adaptive ICD valve design, [67]

The operation of the valve is based on two physical principles; magnetism and hydrody-

namics. When fluid flows into the valve, the hydrodynamic force of the fluid will push the

valve gate from the side of inflow. At the opposite side, the permanent magnet pushes

gate with a magnetic force to keep the valve open. If the flow rate exceeds a certain limit,

the hydrodynamic force will overcome the magnetic force, lowering the gate to the saddle

and consequently closing the valve [67].

When the completion integrated with the Adaptive ICD is run downhole, all the valves

are in an open setting. At start of production, fluids will pass the sand-control layer before

being led into the first maze where a pressure drop will be generated. Subsequently, the

fluids will enter the first valve and. If the localized flow rate exceeds a certain preset,

the first valve will close, and flow is diverted to the next valve. This results in another

pressure drop being generated as the fluid meets another ICD unit. If the flow rate at the

second valve still exceeds the limit, flow will continue to the third valve, and so on. In this

way the flow rate can be limited to a certain limit, independent of the inflow rate [68].

Delia et al. [68] also presented the flow characteristics of the Adaptive ICD, after a

series flow tests. In Figure 53 the results of tests performed with liquid and gas respectively,

are shown.
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(a) Liquid flow

(b) Gas flow

Figure 53: Adaptive ICD: Flow rate as a function of pressure drop. Green lines signify flow
rate range while the red lines show each valve activation, [68]

As each of the valves is triggered, the pressure drop in the system increases, and the flow

rate is kept within the desired limits for both fluids. It should also be noted that the

flow performance varies based on fluid properties, as these determine the magnitude of

the hydrodynamic force. The Adaptive ICD can be customized for di↵erent applications

by altering the valve saddle cross-section and gate plate rigidity to deliver the desired

pressure drop and flow rate range. According to available literature, the Adaptive ICD

has been field proven in the Caspian sea with successful results [68].

However, the Wormholes system does have some shortcomings. Firstly, the channels in

the labyrinth unit is susceptible to settling of solids, which can lead to reduced performance

or plugging. Secondly, the reliability of the permanent magnets can also be questioned.

Furthermore, documentation of erosion testing have not been published, thus the risk of

eroding the valve components is unknown [15].
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2.6 The potential upside for ICT on Gjøa

Based on the discussed technologies, several potential benefits for the two Gjøa oil producers

can be anticipated.

When it comes to well B3 which presented the challenge of excessive gas production and

immobilized oil reserves, the main objective is to delay and hold back gas. To understand

the dynamics leading to this challenge, a good indicator can be the permeability profile

along the wellbore. In Appendix G.2, Figure G-26, the B3 well log is shown. A clear

observation is the consistently high permeability along the open production zones.

One can draw a parallel to the Troll wells which seem to have the same characteristics

with regards to the high permeability and overlying gas cap. As explained in Section 2.2,

such wells can su↵er from the heel-toe e↵ect. Having a relatively long horizontal section,

well B3 might have experienced an early gas breakthrough at the heel of the well. Another

indication that supports this theory can be seen from Figure 54. While the red color

signifies gas saturated layers, the green gridblocks are oil-filled. Blue, water filled zones are

insignificant since they have been excluded from production by using blank pipe sections

in the respective zones. As the major portion of the oil filled layers lie in the lower (toe)

part of the well, this part is most likely the main contributor to oil production. This

further exacerbates the severity of the heel-toe e↵ect, as production from the heel will be

encouraged, leaving the substantial oil reserves behind in the toe.

Figure 54: B3 Well placement in the reservoir showing the initial saturations according the the
reservoir model, [10]
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For the purpose of mitigating the heel-toe e↵ect, inclusion of inflow control devices can

help distribute inflow along the whole well, and promote production from the toe. This

will further delay any potential early gas breakthrough in the heel. However, once the gas

breakthrough has started, the gas mobility will be the determinant factor for inflow, and

the ICD e↵ect will be insu�cient. Perhaps the use of autonomous inflow control will assist

in this manner. Several autonomous inflow control technologies presented in Section 2.4

and 2.5 have proven to be able to hold back gas and drastically improve oil recovery, while

also including the choking e↵ect of the ICD. This matter will be further investigated in

Part II

Well B1 has experienced di↵erent production challenges. An important di↵erence

from B3 is the production of water, which has presented further problems after long

shut-in periods. Two objectives were discusses regarding this issue; to delay the water

breakthrough, and to help with restricting water influx at start-up and thereby lessen the

need for extended gas lift periods.

In Figure G-27, the permeability log for B1 can be viewed. In contrast to B3, B1 has

quite a heterogeneous permeability profile which can indicate an uneven flux along the

well during production. As discussed in Section 2.2, an uneven flux will lead to preferential

production from high permeable compartments, and limit production from lower flux

zones. This can also be a cause of early gas/water breakthrough. In the case of B1, the

heterogeneity along the wellbore could cause the observed water breakthrough.

Figure 55: B1 Well placement in the reservoir showing the initial saturations according the the
reservoir model, [10]
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With the use of ICDs in B1, flow from the high permeable zones will theoretically meet a

higher resistance in the form of a higher pressure drop. This will aid drainage from low

flux zones, and potentially increase the time to breakthrough.

Once the water breakthrough has taken place, ICDs will no longer serve a critical

purpose. However, the placement of annular isolation packers, e.g. swell packers, can

help reduce the severity of the breakthrough. As previously discussed with regards to

compartmentalization, water flooding the annular space and spreading throughout the

whole well length, can severely exacerbate the breakthrough, and deem the well economically

nonviable. Therefore, using annular packers can help minimize the consequences of the

breakthrough and help retain the breakthrough within certain well segments. This can

significantly mitigate the well start-up challenges previously described.

Theoretically, it could be anticipated that autonomous inflow control could prevent

water production. This is because of the viscosity sensitivity integrated in the various

autonomous technologies, and the generally positive viscosity di↵erence between oil and

water. However, by examining the fluid properties presented in Section 1.3, it can be seen

how the oil viscosity is lower than the water viscosity. Consequently, this could in some

cases lead to the AICT to preferentially produce water in favor of oil. This is an important

detail, which will be discussed later in the thesis.

In 2007, Reslink performed an study which investigated the use of ICDs on Gjøa, [5].

The study considered the preliminary reservoir model with various permeability profiles.

B3 and B1 were part of this study, which considered the dynamic and cumulative e↵ect

of ICD inclusion in the wells. In the simulations performed, an annular packer per well

segment was assumed, i.e. every 12 - 38 screen joint. For well B1, the results indicated a

delayed water breakthrough by 1 year, and an increased oil production of 42 000 Sm3/day

or approximately 260 000 bbl. For B3, the results indicated an accelerated production

of oil, i.e. higher oil production rate in the early well life. Moreover, the gas rate was

considerably reduced. For both wells, the optimal configuration was found to be 3 x 4mm

nozzle ICDs. Although the technology was not implemented in the two wells, the results

from this study has significant indications with regards to the performance with inflow

control.
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Part II

Simulations: Method and Results

Introduction

To see the e↵ect of various inflow control technologies on the Gjøa reservoir, a simulation

software called Landmark NETool was used. The simulation models were developed by use

of the existing reservoir model for Gjøa, in addition to relevant completion and production

data. The aim of the initial simulations was to calibrate the simulation model and thereby

achieve a match between simulation results and production history. This would ensure

that the model is set up correctly and that the subsequent simulations with inflow control

were somewhat accurate. Section 3 will provide an overview of the approach that was

taken to develop the reference case models for the two wells. Once this was achieved,

further simulations could be done to see the e↵ect of ICD and AICV in the wells. This

will be discussed in Section 4 and 5, respectively.
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3 Base Case Model

3.1 Landmark NETool

Halliburton’s Landmark NETool™is a steady-state near-wellbore simulator that is based

on reservoir properties and completion setup. It is one of the most widely used simulation

softwares in the industry for modeling advanced well completions. The simulator has

a simple graphic user interface that makes it convenient to assess the e↵ect of di↵erent

completions in terms of reservoir influx and drawdown pressure in the vicinity of the

wellbore. The fact that the simulator is steady-state means that it can only assess well

productivity at a certain timestep, i.e. it is a static simulator. On one hand, this means

much faster computing time and faster results, when compared to dynamic simulators such

as Eclipse™. However, it also represents a series of limitations when it comes to assessment

of the overall e↵ect of various completion equipment, e.g. development of pressures and

rates over time.

The numerical model in NETool is based on a discretized network system comprising

a series of micro-nodes interconnected through fluid flow, as illustrated in Figure 56.

The network also combines several completion layers, which enables the user to see the

interaction between e.g. the reservoir, the sandscreen and the inflow control layer. Hence,

the tool will provide a better understanding of the well performance and behavior. In

Figure 56, an illustration of the micro-nodal software model is shown [62, 69].

Figure 56: The general node configuration in NETool, [69]

The NETool software enables a number of benefits when it comes to completion engineering

[69]:

• It analyzes the flow in the near wellbore area in a quick and e�cient manner.

• It allows for advanced well completion configurations, which is usually not possible

in other simulators.

• It provides a graphical user interface that clearly shows the various completion layers,

both in the input data and output results.
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• It allows for inclusion of various e↵ects such as completion skin and filter cake.

• It enables quick and easy modeling of the most widely used inflow control technologies.

• It allows for importation of the reservoir model from Eclipse, enabling development

of very accurate wellbore models.

3.2 Building the Model

As mentioned, NETool allows tuning of a great number of parameters, enabling accurate

modeling of the well. The workflow for developing models for the two candidate wells will

be presented.

The models were initially developed by importing the full-field Gjøa Reservoir model

from Eclipse. Seeing as NETool is a static simulator, it is only possible to simulate at certain

timesteps, and not through time. Each timestep (date) reflects the reservoir condition

as defined in the Eclipse-model at the respective time. This includes, for instance, the

remaining in-place fluid volumes, pressure and fluid contacts. To obtain an accurate and

detailed history-match it was important to simulate at many time-stamps, and therefore

necessary that the Eclipse-model imported included these time-stamps.

The initial Eclipse files from the Reservoir Engineering (RE) team contained several

time-stamps for the first production year, but less frequent time-stamps in the later years,

from 2013 to 2018. For the purpose of this thesis, more frequent time steps were requested,

and Table 4 shows the main time-stamps that were used for the simulations of B1 and

B3. At a later stage in the work process, further intermediate time-stamps were acquired.

These were not used for all the simulation cases presented, and will thus not be listed.
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Table 4: Eclipse time-stamps used for simulations

Wells B1-AHT3 B3-HT2

Timestamps

(Date)

01.01.2012

10.05.2012 10.05.2012

21.05.2012 21.05.2012

01.06.2012 01.06.2012

17.06.2012 17.06.2012

29.06.2012 29.06.2012

01.01.2013 01.01.2013

01.01.2014 01.01.2014

01.01.2015 01.01.2015

01.01.2016 01.01.2016

01.01.2017 01.01.2017

01.01.2018 01.01.2018

Before the simulation work was initiated, the production data based on Eclipse simulations

were acquired from the RE team. The reason for this was to compare Eclipse results with

the observed production data presented in Figure 4 and 5. If the two statistics deviate

significantly, it indicates the Eclipse model does not reflect the actual reservoir conditions.

Seeing as the major part of the NETool models is based on Eclipse input, this potential

deviation would consequently propagate towards NETool simulation results. Hence, this

detail could possibly be decisive for the feasibility of the calibration work.

We will now have a look at the production profiles for the two wells. Well 35/9 B3-HT2

will be discussed initially, as it was the first well to be drilled and completed. In Figure 57

the solid lines represent the actual production rates for oil (yellow), gas (green) and water

(blue). Additionally, the simulated production rates from Eclipse were plotted as points

through time. There is a good conformity between the simulated14 and actual rates,

especially for the gas production. Figure 58 shows the corresponding production history

of well B1-AHT3, which started production in March 2012. The actual production rates

and simulated Eclipse fluid rates were plotted with the same coloring as for the previous

well. An important di↵erence can be observed between the two wells when it comes to the

conformity between actual and simulated production data. For well B1-AHT3, a large

deviation can be seen between the two oil rates, as well as the water rates. This will be

14Eclipse-simulations
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discussed later in the thesis, as it will play a critical role in the subsequent work. The

actual/observed production was used as a basis for calibration of the base case models in

NETool.
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Figure 57: Actual production and Eclipse-simulated production for well B3-HT2
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Figure 58: Actual production and Eclipse-simulated production for well B1-AHT3

The next step of the work was to acquire information about the well trajectory and

completion so that the well design could be developed in Eclipse. The directional surveys
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from the drilling engineer were acquired and entered into NETool. It is important that

this trajectory corresponds with the well path that was applied in the Eclipse models,

otherwise the modeled wellbore could technically produce from the wrong reservoir zones.

Therefore, the trajectory used in Eclipse was requested for comparison. A negligible

systematic di↵erence was found between the two datasets, and to be on the safe side, the

Eclipse well path was entered into NETool.

Moreover, the final well reports were acquired for the completion tallies. The schematic

for the final well design for the wells can be found in Appendix G.1. In accordance to the

completion running tally, the well designs for B3 and B1 were set up in NETool. The

process of calibrating the base case models for the two wells could now be initiated. To

understand NETool and its many functions, the manual was reviewed thoroughly, before

the process of trial and error followed. Many cases were run for both wells to achieve an

adequate match, and the process will now be explained individually for each well.

3.2.1 Well B3

To present the process of calibration in NETool, a convenient table will be presented.

Table 5 shows the most important cases and the features that were tweaked to obtain the

final base case.

Originally, around 45 cases were run with di↵erent input parameters. Some cases lead

to a divergence from the actual production rates, while others only lead to insignificant

improvements. Only the alterations that yielded considerable improvements are presented

in the listed cases. Parameter(s) changed from one case to the other are emphasized in

bold font.

In the top row of Table 5, various categories are listed. These presented the most

significant changes, and were experimented with during the calibration. However, NETool

allows for a wide range for customization with many other features. Through trial and

error, these were deemed insu�cient for our objective. The rightmost column in Table 5

gives a brief explanation of the reasoning behind the changes that were made for each new

case. This will be discussed in detail below.

70



3 BASE CASE MODEL Part II

Table 5: Overview of history matching workflow in NETool for Well B3

Case Results
Well part 
simulated

Well 
Design

End-point 
Scaling

Rel.Perm 
Model

Perme
-ability

Node 
dist.

PI Model Skin Rationale

Case 1 Figure B-1 Complete As run
From Nearest 
blocks

Default 
Eclipse 
model

Use Grid 
Upscaling

6 Joshi 10
Joshi was chosen as the PI model, and skin was set to 
10, according to recommendations from the production 
engineers.

Case 2 Figure B-2 Complete As run

No scaling (as 
in RelPerm 
table 
/correlation)

Stone's 
2nd 

Use Grid 
Upscaling

6 Joshi 0
End-Point scaling was changed to the latter, as this will 
directly apply the input specified in Eclipse, with no 
further scaling. Stone's 2nd RelPerm model was applied 
as an attempt to converge towards better results.

Case 3 Figure B-3 Complete As run

No scaling (as 
in RelPerm 
table 
/correlation)

Stone's 
2nd 

From 
Nearest 
blocks

1 Joshi 0

Instead of upscaling the permeability values according 
to the Joshi PI model, the values are taken directly 
from the reservoir gridblock. The node distance was 
decreased to increase calculation accuracy. 

Case 4 Figure B-4 Complete As run

No scaling (as 
in RelPerm 
table 
/correlation)

Default 
Eclipse 
model

From 
Nearest 
blocks

1 Joshi 0 The relperm model used in the Eclipse reservoir model 
seems to be the default one, therefore it will be used.

Case 5 Figure B-5 Complete As run

No scaling (as 
in RelPerm 
table 
/correlation)

Default 
Eclipse 
model

From 
Nearest 
blocks

1

Use 
gridblock 
connection 
factors

0
When gridblock connection factors are used for the PI 
modeling, the inflow performance is calculated 
according to the specifications in the reservoir grid.

Case 6 Figure B-6 Complete

Packers 
around 
blank 
pipe

No scaling (as 
in RelPerm 
table 
/correlation)

Default 
Eclipse 
model

From 
Nearest 
blocks

1
Use gridblock 
connection 
factors

0

Since blank pipe sections were modeled with a cemented 
annulus in the reservoir model, the same effect should 
be replicated in the NETool model. Setting packers 
around the blank pipes achieves this objective.

Case 7
Figure B-7  
to B-11

Production 
Zone only

Packers 
around 
blank pipe

No scaling (as 
in RelPerm 
table 
/correlation)

Default 
Eclipse 
model

From 
Nearest 
blocks

1
Use gridblock 
connection 
factors

0

When simulating the complete well, NETool is not the 
best tool to model the flow behavior up through the 
tubing to surface. As recommended in the software 
itself, the top node MD should be at the top of the 
production section of the well. From the top node and 
up to surface, the program applies user specified VFP 
curves to simulate flow behavior.

1. The first parameter in the table describes which part of the well that was simulated.

Initially, the whole well design was specified in the model, from TD up to the

wellhead. This would simulate the production from the bottom of the well all the

way up through the production tubing, by use of various specified multiphase flow

models built-in to the software. An alternative is to simulate from TD up to a certain

point, from which the NETool applies user-input Vertical Flow Performance (VFP)

curves to calculate the pressure and flow rate along the production tubing. Such

VFP curves were acquired from the RE team at a later stage in the work process.

2. How the well is designed in the NETool model is a critical factor that determines

the inflow of reservoir fluids as well as annular flow along the well. Initially, the well

was simulated according to the completion running tally. However, an important

detail was later implemented when it comes to the modeling of blank pipe sections.
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In talks with one of the reservoir engineers [70], it was revealed that the stand-alone

sandscreen completions were modeled as a cased and perforated completion in Eclipse,

with perforations in the sandscreen intervals and cemented annulus at the blank pipe

intervals. This is shown in Figure 59 where the well schematic was exported from

the reservoir simulator. To replicate this setup in NETool, the blank pipe sections

were modeled with packers to isolate the annulus. Running the model with cemented

casing instead yielded identical results.

Figure 59: B3 Eclipse Well Schematic, [70]

3. The end-point saturations designate the connate, critical and maximum saturations

in the relative permeability calculations. There are three options for this input

category:

• No scaling (as in RelPerm table/correlation) - The end-points are not scaled,

and the value of each end-point is acquired from the relative permeability tables

in the Eclipse reservoir model.

• From Nearest blocks - The end-point values are extracted from the reservoir grid-

blocks of which the well penetrates, and scaled either by Two End-Points Scaling

or Three End-Points Scaling methods. This procedure is further explained in

the Technical Manual of NETool, [71].

• Manual entry of each end-point saturation.

4. The relative permeability model (sixth column) determines how the relative perme-

ability values are chosen. The relative permeability profiles determine how easily the

three fluids flow at di↵erent fluid saturations. Usually, such curves are determined by

core sample testing as well as application of correlation approximations, e.g. Corey’s

correlation or the LET correlation. It is essential that such curves represent the

reservoir rock as they will determine the resulting production and drainage of the

reservoir. The options for this entry are as follows:
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• Default Eclipse model, this is the default method applied in the Eclipse reservoir

simulator

• Stone’s first model

• Stone’s first model modified by Fayers and Matthews

• Stone’s second model

A detailed description of these alternatives can be found in [71].

5. When it comes to the permeability, there are three options to choose from. This

option is closely related to the choice of PI model, as will be explained later.

• Use Grid Upscaling - The software will use the permeability values as they

are defined in the reservoir grid, and run an upscaling procedure based on the

inflow model (PI Model). More information of this procedure can be found in

[71].

• From Nearest blocks - The permeability values are taken directly from the

gridblocks that the well penetrates.

• Manual entry of permeability values along the wellbore.

6. The node distance defines the number of computational nodes along the wellbore.

In practice, this determines the accuracy of the simulations. Increasing the number

of nodes along the well, will lead to more accurate results. Initially, the intermediate

node distance was set to 6 meters. It was later concluded that 1 m node distance

yielded better results. Decreasing the distance further did not significantly improve

the results.

7. The PI model describes the characteristics of fluid flow from the reservoir to the

wellbore. There are four models that can be used within NETool in this category:

• Radial Inflow Model - The inflow is determined by use of an apparent perme-

ability based on the wellbore inclination. The model assumes either a steady

inflow where there is a constant pressure boundary at the drainage radius of

the well, or a semi-steady inflow where the flow rate is constant at the drainage

radius.

• Use gridblock connection factors - Assumes a radial inflow where the drainage

radius of the well is determined by the formula from Peaceman, in accordance

with the reservoir grid.
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• Joshi - The model assumes a constant pressure boundary and a reservoir

centered wellbore.

• Babu and Odeh - Assumes a close volume and pressure depletion. Allows for

specification of the reservoir geometry and well position within the reservoir.

It should be mentioned that if the second option is used, the permeability values are

automatically limited to the option ”From Nearest Gridblocks”.

8. Skin is a factor that describes an impairment of flow in the form of a pressure drop.

An additional skin may be specified in the model to represent e.g. perforation skin,

near wellbore damage skin or non-darcy skin. Production inflow models received

from the production engineer at Neptune Energy assumed an additional skin of

10, to calculate inflow performance. An additional skin factor was later deemed

unnecessary in our NETool model.

When using NETool to simulate production performance of the well, it is necessary to

specify the value for a boundary condition. There are several categories for the boundary

condition, as listed below:

• Tubing pressure at reference MD

• Total downhole flow rate

• Total liquid rate at standard/surface conditions (SC)

• Oil flow rate (at SC)

• Gas flow rate (at SC)

• Water flow rate (at SC)

• Wellhead / tubing-head pressure (WHP)

Although not presented in the case overview (Table 5), all the above listed categories were

tested, to see if a better match could be achieved. Considering our input, it was clear

that the simulator could handle the gas flow rate with the highest accuracy. Therefore all

presented cases featured this boundary condition as a basis for simulation.

When simulating production at several timesteps, NETool o↵ers a series of output

results. The main results from the summary are as follows:

• Pressure at first node, i.e. pressure at depth of the downhole pressure and temperature

gauge. Hence, this can be regarded as the Permanent Downhole Gauge (PDHG)

pressure.
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• Oil rate

• Gas rate

• Water rate

• Liquid rate at surface conditions

• WHP

• GOR

• Water cut (%)

• Total downhole production rate at reservoir conditions

• Oil PI

• Gas PI

• Water PI

The listed parameters serve as di↵erent ways of quantifying and evaluating production

performance. For the purpose of the our work, the main focus was laid on the production

rates of the respective fluids as well as the pressures. A consistent conformity of the oil,

water and gas production rate through all timesteps is regarded as an adequate match.

The software also presents a number of plots that illustrate the inflow performance along

the wellbore, these will be investigated as well.

The result of the cases with respect to production rates are presented in Appendix B.1

according to the second column listing in Table 5. The featured results are compared to

the observed production to illustrate the conformities. Case 7 was considered to yield a

satisfactory match, and was thus used as the reference case for further simulations with

inflow control technologies. For this case, the production rates are presented in Figure 60.

A comparison of the corresponding WHP and PDHG-pressures are presented in

Figure B-8. This served as an additional ”quality control” of the reference case results (i.e.

Case 7). A significant match can be observed for the di↵erent pressures, further verifying

the validity of the calibration results.
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Figure 60: B3-HT2 Case 7: Actual vs. Simulated Production. This will be the reference case
(base case) for further simulations

With reference to the aforementioned details regarding the boundary conditions, it can be

observed how the simulated gas rate is identical to the actual gas rate. However, in the

last three timesteps (01.01.17 - 01.01.18) it can be observed that the target gas flow rate

does not correspond to the actual rate. This is because of the irregular gas rate during

this period. After some discussions with the production engineer, it was advised that an

average rate of 1200 kSm3/day could be used as a basis for simulation. Further deviations

and uncertainties will be discussed at a later stage of the thesis.

In Section 1.2.1 the production lifetime of the well was divided into three distinct

periods, according to the production characteristics. We will now have a look at the

inflow characteristics along the well during these respective periods. To do this, three

representative timesteps were chosen for further analysis. As shown in Figure 60, there

are plenty of timesteps to be chosen for this purpose, however the main criterion used was

the accuracy of the simulated oil- and gas-rate at the respective timestep. The following

timesteps were selected, as indicated by vertical arrows in Figure 60:

1. Early-life: 29.06.2012

2. Mid-life: 01.01.2014

3. Late-life: 01.01.2017

Figure 61 to 63 shows the downhole flux along the well at the three timesteps.
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Figure 61: B3-HT2 Case 7: Flux along the well at early-life
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Figure 62: B3-HT2 Case 7: Flux along the well at mid-life
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Figure 63: B3-HT2 Case 7: Flux along the well at late-life
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At an early stage, the well produces significant amounts of oil, as seen by the green profile

in Figure 61. However, after some years, the majority of the flux is assigned to the gas

(red color). An important observation that can be made for all the phases, is the uneven

flux along, with some high spikes at approximately 4000, 4450, 4600 and 4900 meters MD.

During early-life, these spikes present significant oil and gas production. However, during

mid-life and late-life it is obvious that these spikes are dominated by gas production,

clearly implying that the gas influx is mainly entering the wellbore at these respective

areas.

Another observation is the minimal production from the toe of the well. From approx-

imately 4930 mMD to 5300 mMD there is minimal inflow. This is particularly evident

during mid-life and late-life. Seeing as this interval contributes considerably to the oil

production in the early-life, it is an indication that significant oil production has been

impeded as a result of the heel-toe e↵ect in later years.

Simulations with inflow control technology will yield similar downhole flux diagrams,

which will make it more convenient to analyze the changes in well performance.

3.2.2 Well B1

For well B3, a conformity between the Eclipse production and the actual production could

be observed in Figure 57. This is because of the fact that the reservoir model was run

through a history matching software called ResX. The software optimizes the reservoir

model to correspond with observed production, to enhance reservoir understanding and

management.

Well B1 was not included as part of this service, and as a result, the corresponding

conformity between modeled and observed data could not be observed in Figure 58.

Consequently, this made it quite a rigorous process to calibrate well B1 with respect to

actual production data. Furthermore, well B1 has produced significant water volumes

through its lifetime. To calibrate the NETool model with regards to three fluids is more

complicated compared to two fluids rates. As a result of these factors, over 50 cases were

originally attempted before achieving acceptable results.

Table 6 shows the summarized workflow that was pursued to obtain a suitable match

for well B1. By using the learnings from B3, the same alterations were implemented

in B1 to see if the aim of calibration could be achieved. The results are presented in

Appendix B.2 according to the second column listing in the table. Similar to well B3,

various boundary conditions were tested. None other than the gas rate boundary condition
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gave reasonable results.

Table 6: Overview of history matching workflow in NETool for Well B1

Case Results
Well part 
simulated

Well 
Design

Rel.Perm 
values

Perme-
ability

Node 
dist.

PI Model Skin Rationale / Other comments

Case 1 Figure B-12 Complete As run
from Nearest 
Gridblocks

From Grid 
Upscaling

6 Joshi 10

Case 2 Figure B-13 Complete As run
from Nearest 
Gridblocks

From 
Nearest 
blocks

1

Based on 
Gridblock 
connection 
factors

0
Joshi was chosen as the PI model, and skin was set 
to 10, according to recommendations from the 
production engineers.

Case 3 Figure B-14
Production 
Zone only

As run
Based on 
sat.reg#2

From 
Nearest 
blocks

1

Based on 
Gridblock 
connection 
factors

10

The top node MD should be at the top of the 
production section of the well, and the remaining 
well section is simulated using VFP. Sat.reg#2 was 
applied by recommendation from the reservoir 
engineer.

Case 4 Figure B-15
Production 
Zone only

Packers 
around 
blank 
pipe

Based on 
sat.reg#2, see 

rationale

From 
Nearest 
blocks

1

Based on 
Gridblock 
connection 
factors

0

Since blank pipe sections were modeled with a 
cemented annulus in the reservoir model, the same 
input should be replicated in the NETool model. 
Setting packers around the blank pipes achieves 
this objective.
K_row curve was increased by a factor of 1.5.

Case 5 Figure B-16
Production 
Zone only

Packers 
around 

blank pipe

Based on 
sat.reg#2, see 

Figure 65, 
case 5

From 
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blocks

1

Based on 
Gridblock 
connection 
factors

0

Case 6 Figure B-17
Production 
Zone only

Packers 
around 

blank pipe

Based on 
sat.reg#2, see 

Figure 65, 
case 6

From 
Nearest 
blocks

1

Based on 
Gridblock 
connection 
factors

0

Case 7 Figure B-18
Production 
Zone only

Packers 
around 

blank pipe

Based on 
sat.reg#2, see 

Figure 65, 
case 7

From 
Nearest 
blocks

1

Based on 
Gridblock 
connection 
factors

0 Higher target gas rate for the three last timesteps. 

Case 8 Figure B-19
Production 
Zone only

Packers 
around 

blank pipe

Based on 
sat.reg#2, see 

Figure 65, 
case 8

From 
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blocks

1

Based on 
Gridblock 
connection 
factors

0

Case 9 Figure B-20
Production 
Zone only

Packers 
around 

blank pipe

Based on 
sat.reg#2, see 

Figure 65, 
case 9

From 
Nearest 
blocks

1

Based on 
Gridblock 
connection 
factors

0

Case 10
Figure B-20 

to B-25
Production 
Zone only

Packers 
around 

blank pipe

Based on 
sat.reg#2, see 

Figure 65, 
case 10

From 
Nearest 
blocks

1

Based on 
Gridblock 
connection 
factors

0

Although the Eclipse data in Figure 58 indicate a somewhat conformity for the water

production, this fluid proved to be the most erroneous in the simulation results. In

Figure B-12 and B-13 it is evident how the water rate is overly exaggerated. After many
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trials with poor results, it was suspected that the input data from Eclipse were to blame.

Investigations were made to find which factor that could a↵ect the results in the way that

was observed. Discussions with the RE team suggested that the relative permeability

curves could be a potential determinant.

Initially, the relative permeability curves used for well B1 in Eclipse were requested

from the RE team. In the reservoir model, well B1 penetrates two so-called saturation

regions, namely region 2 and 4. Assessment of the two relative permeability curves showed

identical input. A closer look at how the well penetrates the two zones revealed that the

majority of the well goes through region 2, as shown in Figure 64. The relative permeability

data for this region were therefore entered manually as an input in the NETool model,

instead of the data from Eclipse.

Figure 64: B1 Eclipse Well schematic with the saturation regions designated by pink and blue
intervals, [70]

Case 3 shows the results of this implementation, including other minor alterations. As

a consequence, a significant change can be observed from Case 1 and 2 (Figure B-12 &

B-13) to Case 3 (Figure B-14). This was a clear indication that the relative permeability

input could drastically a↵ect the simulation results.

Further investigations of the matter were made. A review of the PDO support

documentation from the subsurface department indicated that the relative permeability

data for the segment penetrated by well B1 was linked to several uncertainties. It was

therefore decided to experiment with these curves further, to see if satisfactory results

could be achieved. The relative permeability data are usually presented using two charts.

In Appendix G.3 the relevant charts for B1 are presented, these charts are representative

of saturation region 2 and 4.

Figure G-28 shows the Oil-Gas relative permeability curves. The leftmost curve (purple)
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represents the relative oil-gas permeability (Krog) as a function of the gas saturation15. At

a lower gas saturation, the Krog will be higher, leading to a higher absolute oil permeability.

The rightmost curve (blue), shows the gas-relative permeability (Krg) as a function of the

gas saturation. In contrast to Krog, the Krg increases with the gas saturation, allowing

for easier gas flow. A general observation for the two curves is that they are inversely

proportional. For an increasing gas saturation, the gas relative permeability will increase

while the oil-gas relative permeability decreases. At a gas saturation of approximately

0.36, the two curves intersect, and Krg becomes higher than Krog.

Figure G-29 shows the Oil-Water relative permeability curves. The leftmost curve

(purple) represents the relative oil-gas permeability (Krow) as a function of the water

saturation (Sw). At a lower Sw, the Krow will be higher, leading to a higher absolute

oil permeability, and hence an easier flow of oil. The rightmost curve (blue), shows

the water-relative permeability (Krw) as a function of the Sw. For an increasing Sw,

the water relative permeability will increase while the oil-water relative permeability

decreases, consequently leading to a higher water mobility and lower oil mobility. At a

water saturation of approximately 0.52, the two curves intersect, and Krw becomes higher

than Krow.

Typically, the relative permeability curves are quite smooth, as they are a result of

correlation models. However, in our case, it can be observed how the curves are linear at

some intervals while exponential at other saturations. This was pointed out by a PhD

fellow at the International Research Institute of Stavanger. This could indicate some

degree of error as well. Discussions were made on how various alterations could a↵ect the

results, these were used as a basis for further curve alterations [72].

Figure B-14 shows the results before any changes were made to the relative permeability

charts. Several observations can be made for this case:

• Throughout the first part of the timeline up to 2016, the water production rate is

too high, and relatively constant compared to the actual rate. We would like to

lower this profile while also shaping it to imitate the actual production profile.

• For the same time period, the oil rate is consistently too low, but with the correct

development (shape). The goal for this curve is to elevate its profile, i.e. increase

the oil rate for all timesteps.

• During the second part of the production lifetime, the water production is too

low, and decreasing. On the other hand, the observed development is a somewhat

15at the connate water saturation, Swco
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increasing water rate, as the water breakthrough becomes more severe. Increasing

the water rate for the respective timesteps would yield satisfactory results.

• The oil rate can be argued to be too low, and decreasing in the same manner as the

water production. In reality, the oil rate is somewhat constant.

Generally speaking it can be seen that the second part of the production period is a↵ected

by long shut-down periods. This makes it more complex to anticipate the reservoir behavior.

A special focus will therefore be laid on the first part of the production period.

From Case 4 to 10 various changes were done to the relative permeability charts to

achieve the objective. Changing the Oil-Gas relative permeability functions did not yield

converging results, therefore this chart was left unchanged for all the cases. When it comes

to the Oil-Water relative permeability curves, several changes were made, as shown in

Figure 65. For Case 4, the relative oil-water permeability was simply multiplied by a factor

of 1.516, this is not showed in the figure.

The alterations done in the respective cases are mostly based on trial and error. Hence,

the rationale has not been specified in Table 6. Rather, the changes can be observed from

Figure 65. The thick long-dashed curves represent the initial curves, which are the same

as in Figure G-29. The thinner short-dashed lines represent the input used for Case 10,

which is the final base case.
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Figure 65: Oil-Water Relative Permeability changes for well B1

The learnings from the alterations made from Case 4 to Case 10 can be concluded as

follows:
16Except for the end points, which were not changed
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1. Krow at Sw < 0.37: At lower pore water saturations in the producing reservoir grid,

the Krow was decreased to achieve the base case results.

2. Krow at 0.8717 > Sw > 0.37: The relative oil-water permeability was increased for

this saturation interval as it helped raise the oil production profile, throughout the

whole lifetime. Moreover, it lead to a decrease in water production.

3. Krw: Changes to the relative water permeability did not show changes that was

sought after.

The results obtained for Case 10 are presented in Figure 66. An important detail that

should be mentioned is the almost constant gas rate target at 1000 kSm3/day, which does

not match the actual rate for the three last timesteps (01.01.2016 - 01.01.2018). Discussions

with the production engineer revealed that the well is generally choked/regulated by a gas

rate of 1000 kSm3/day, which justifies this implementation. Moreover, for the purpose of

our work, it helped achieve a better match [7].

-0.2

0

0.2

0.4

0.6

0.8

1

1.2

0

400

800

1200

1600

01.01.2012 01.01.2013 01.01.2014 01.01.2015 01.01.2016 01.01.2017 01.01.2018

G
as

 R
at

e 
(M

Sm
3/

da
y)

O
il 

&
 W

at
er

 R
at

es
 (S

m
3/

da
y)

Actual vs. Simulated 
Production Rates over lifetime

Tuned Oil Rate Tuned Gas Rate NETool Oil Rate Tuned Water Rate NETool Water Rate NETool Gas Rate

1 2 3

Figure 66: B1-AHT3 Case 10: Actual vs. Simulated Production. This will be the reference
case (base case) for further simulations

In Figure B-22 the pressures are plotted. This shows an adequate match which further

validates the results. Further deviations and uncertainties in the results will be discussed

at a later stage of the thesis.

Figure 67 to 69 shows the downhole flux along the well at three di↵erent timesteps.

171� Sorw = 0.87, above this water saturation oil is immobile.
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Figure 67: B1-AHT3 Case 10: Flux along the well at early-life
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Figure 68: B1-AHT3 Case 10: Flux along the well at mid-life
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Figure 69: B1-AHT3 Case 10: Flux along the well at late-life
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As previously explained in Section 1.2.2, the production lifetime of the well was divided

into three periods, according to the production characteristics. The inflow characteristics

shown above, are taken at some point of time during these periods. Similar to the case for

B3, the main criterion for chosen each representative timestep was the accuracy of the

simulated rates. The following timesteps were selected, as indicated by vertical arrows in

Figure 66:

1. Early-life: 29.06.2012

2. Mid-life: 01.01.2015

3. Late-life: 01.01.2016

It could be argued that the late-life timestep is too close to the mid-life timestep. However

as previously mentioned, the main goal is to choose timesteps that are accurate and

representative. Of the three last timesteps in the late-life period, the first one (01.01.2016)

is considered to be have the best match.

During the early-life, the main oil influx is located at 3480 to 3620 meters MD. There is

also considerable gas coning at this interval, which increases through mid-life and late-life.

At the later time periods, water influx can be observed in the same interval, indicating a

high-permeable layer in this zone which allows for easier inflow of fluids. A similar behavior

can be seen in the interval 4050 - 4170 mMD, which produces some oil at early-life. At

mid-life and late-life, this zone starts producing water.

The uneven flux in B1 is more critical compared to well B3, where a very high gas

flux can be observed from 3480 to 3620 mMD. The high flux spikes seen along the well,

are dominated by gas production through all life periods. Unlike the conditions for B3,

the heel-toe e↵ect is not so obvious in B1. In fact, the inflow at the toe-end is somewhat

higher than at the heel during early-life. In the following years, a shift can be seen, where

production from the heel becomes dominant.

4 ICD

We will now have a look at the same wells, and their behavior when equipped with inflow

control devices. To integrate this in the existing well designs in NETool, the screen

joints will be equipped with standard nozzle-type ICDs. As discussed in Section 2.3, the

importance of compartmentalization is critical when it comes to achieving optimal e↵ects

with inflow control. Furthermore, it was argued that the best results with inflow control

85



4.1 Well B3 Part II

could be achieved by having a maximum number of swell packers along the well, that is,

one swell packer at each screen joint. For the NETool well designs, a 0.3m packer was set

at each screen joint18.

Another important detail regarding the inflow control simulations is the choice of ICD

configuration along the well. Some operators prefer to have a tailored ICD configuration

with various strengths, according to the modeled inflow and permeability profiles. However,

the majority of vendors do recommend a homogeneous configuration along the whole

well path for a number of reasons. This will be further discussed in Part III. For our

simulations, the latter approach was followed.

A key consideration when it comes to designing an ICT completion is the determination

of the resulting pressure drop. Initially, the main rule of thumb was to try and match the

expected initial reservoir drawdown and the IC pressure drop. The intention behind this

idea was to prevent the reservoir of having the main control of the inflow performance.

Moreover, the IC pressure drop should not be so high that significant drainage energy

(pressure) is lost. However, in the recent decades, operators have started to challenge this

approach by imposing a larger IC pressure drop. Experience has shown that there is a

positive correlation between an increasing IC pressure drop and improved well performance,

and consequently higher oil recovery. In the following simulations, we will investigate this

matter further, to see what is the most suitable methodology [73, 74].

4.1 Well B3

Appendix C.1 shows the input data for well B3. The main di↵erence when it comes to

the completion setup (Figure C-1 to C-4) is the inclusion of the inflow control layer. To

include this layer, the diameters of the inflow control layer must be specified, as shown in

Figure C-5.

Figure 70: Explanation of inflow control diameters, adapted after [25]

It might be tricky to understand what the di↵erent diameters describe. Therefore a

schematic has been developed in Figure 70, that illustrates the four di↵erent dimensions

18With the exception of a few joints
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that should be entered in NETool:

1. Sand control OD, i.e. Screen OD

2. Sand control ID, i.e. Screen Wrapping ID

3. Inflow Control OD, i.e. Base pipe OD

4. Inflow Control ID, i.e. Base Pipe ID

The most important detail when it comes to the ICD well design is the configuration of

nozzle size and number of nozzles per joint. Discussions with one of the leading industry

experts when it comes to ICD and Sandscreens, Terje Moen [74], provided some suggestions

that were pursued. The configurations used to simulate ICD completions in B3 are shown

in Table 7. Case 8 - 10 include ICD configurations that are typically o↵ered by vendors.

However, other sizes may be manufactured according to the demand. Case 15 and 16

include a special nozzle size used for comparing the performance of ICD to the performance

of AICV, which will be discussed later in Section 5.

Table 7: ICD Simulation Input for well B3

Case Results ICD Type Configuration Simulation target

Case 8 Figure D-1 to D-5 Nozzle-Type ICD 3 x 2.5 mm Base Case (BC) Gas Rate

Case 9 Figure D-6 to D-10 Nozzle-Type ICD 3 x 5 mm BC Gas Rate

Case 10 Figure D-10 to D-15 Nozzle-Type ICD 3 x 4 mm BC Gas Rate

Case 15 Figure D-16 to D-20 Nozzle-Type ICD 3 x 2.65 mm 0.5 x BC Gas Rate

Case 16 Figure D-21 & D-22 Nozzle-Type ICD 3 x 2.65 mm BC Gas Rate

To demonstrate the e↵ect of ICD in the simulations, the boundary condition was a critical

factor. As previously mentioned, the production engineer informed that the wells were

controlled by a gas rate of 1 Million Sm3/day. It could be argued that the well would

perform and behave in a di↵erent way with the inclusion of ICDs, which would possibly

change this measure. Using the base case oil rate could also be another boundary condition,

which we will have a look at later. Nevertheless, both alternatives are valid for the purpose

of evaluating the well performance. In the following ICD case, the main question we would

like to have answered is as follows:
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If the well had been equipped with ICDs and produced at the same gas rate
19
, how would

this a↵ect the production of oil?

The results from the respective simulations are shown in Appendix D.1, according to

the listing in the second column of Table 7. For each case, two result charts are shown.

Firstly, the production rates are plotted in comparison to the actual history of the well.

The second chart shows the base case WHP and PDHG-pressure compared to the pressures

generated by the ICD simulations. As previously mentioned, the inclusion of inflow control

in the sand-face completion comes at the expense of an additional drawdown pressure, i.e.

lost energy. Comparing the resulting downhole and surface pressures to the reference case

is therefore an important evaluation factor.

Furthermore, the flux and IC pressure drop plots for the three life phases are presented

for each case in the same appendix. Although NETool o↵ers convenient output plots

for this purpose, the data was rather applied in Excel to obtain more illustrative plots.

Case 8-10 will be primarily evaluated in this manner, as they include the most typical

configurations.
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Figure 71: B3-HT2 Case 7: Flux along the well at early-life

19I.e. the base case gas rate
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Figure 72: B3-HT2 Case 8: Flux and IC pressure drop along the well at early-life
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Figure 73: B3-HT2 Case 9: Flux and IC pressure drop along the well at early-life
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Figure 74: B3-HT2 Case 10: Flux and IC pressure drop along the well at early-life
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Figure 72 to 74 show the downhole flux along with the pressure drop generated by the

inflow control devices for Case 8 - 10. For easier comparison, all plots are taken at the

same timestep, which represents the early-life stage. Moreover, the reference case flux

results are presented in Figure 71, which makes it more convenient to see the ICD e↵ect

in the subsequent figures.

In Case 8, the flux was evened out significantly at an approximate average value of

6 - 8 Rm3/day/meter. On the contrary, the plot presented for the base case (Figure 61)

had high spikes reaching 15 - 35 Rm3/day/meter. These were previously observed at

approximately 4000, 4450, 4600 and 4900 meters MD. In Figure 72 a higher pressure

drop was been generated in these respective zones, consequently reducing the high flux.

Moreover, the values in the previously low-producing intervals at e.g. 3800 - 3980 mMD

and 4750 - 5300mMD were increased considerably. Further, it can be seen that a higher

pressure drop is generally imposed at the heel, which mitigates the previously observed

heel-toe e↵ect. An important remark can be made for the lower interval of the well, where

the majority of the oil is being produced along with minor gas production.

Case 8 included a small nozzle size of 2.5mm for each ICD fitting, which resulted in

a relatively high pressure drop of 8 - 10 bar. By using a greater nozzle, the resulting

pressure drop will decrease, as indicated in Equation 3. Figure 73 shows the results when

using a nozzle size of 5mm. Several di↵erences can be observed to the previous case.

Firstly, the pressure drop has been decreased by an approximate factor of 10, at 0.5 - 1

bar. This resulted in a more variable flux along the well, with values in the range of 4 - 10

Rm3/day/meter. There is still significant improvement in performance compared to the

base case, in the sense that the toe and heel of the well are more oil productive. However,

the oil influx in the toe is reduced when compared to Case 8.

The third case includes the nozzle size that was found to be the most applicable,

yielding the early-life results in Figure 74. In this case, the ICDs have an average pressure

drop of approximately 1.2 bars. At the expense of a insignificant pressure drop, the oil

production from the toe is higher than in Case 9. Furthermore, the gas spikes in the heel

and mid section of the well are lowered.

Although much lower than in Case 8, the IC pressure drop in Case 10 was su�cient

for achieving comparable results with regards to evening out the flux, and reducing the

heel-toe e↵ect.

By assessing the corresponding mid-life and late-life plots for the respective cases, a

better impression can be made. During these two life stages, the gas breakthrough has

taken place, and it is therefore interesting to see how the ICDs perform in retrospect of
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the breakthrough. Considering the reference case result for the mid-life downhole flux,

an increase in gas production could be observed, where the high gas spikes were severely

upscaled. Additionally, the oil production dropped to a minimum. For all three cases20, an

interesting observation can be made during the mid-life, where the flux is more equalized

compared to the early-life. In all cases, the oil production comes primarily from the toe

end of the well, and declines towards the heel. During the late-life, the oil inflow can be

exclusively observed at the lower middle part of the well, predominantly from 5000 to

5070 mMD21. Although the IC pressure drop for this oil peak considerable di↵ers for the

three cases, the magnitude of the oil peak is quite similar. However, the configuration in

Case 8 manages to promote greater oil inflow at 4700mMD and 4900mMD compared to

the two latter cases.
Table 8: ICD Results for B3

Average IC 
pressure drop 

(bar)

Increase in oil 
production rate 

(%)

Average IC 
pressure drop 

(bar)

Increase in oil 
production rate 

(%)

Average IC 
pressure drop 

(bar)

Increase in oil 
production rate 

(%)

Case 8 3 x 2.5 mm 8,18 56 % 5,53 156 % 7,67 256 %

Case 9 3 x 5 mm 0,51 32 % 0,36 83 % 0,52 138 %

Case 10 3 x 4 mm 1,23 41 % 0,85 113 % 1,22 193 %

Late-lifeMid-lifeEarly-life

Case
ICD 

Nozzle 
configuration

Table 8 shows a summary of the results for Case 8 to 10. The average IC pressure drop

is tabulated together with the relative increase in oil rate. The comparison shows how

the increase in production comes at the expense of reduced reservoir pressure. When

comparing the three cases, it can be seen that a higher IC pressure drop results in an oil

rate increase. This is valid for all three life periods. However, while the pressure drop

in Case 10 is about 6 times lower than in Case 8 during early-life, the resulting oil rate

decrease is only 15%. A similar observation can be made for the two later life periods.

This further validates the choice of Case 10 as the most applicable ICD configuration for

well B3.

Since the base case gas rate was used as the target for the simulations, this is kept

constant, and not listed in Table 8. An increase in water production could also be seen in

the results, but the absolute values were still negligible. It should however be mentioned

that the greatest increase in water rate was observed for the smallest nozzle size22. This is

20See Figure D-4, D-9 and D-14
21See Figure D-5, D-10 and D-15
22I.e. Case 8
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because the water influx is mainly located at the very end of the well, and only when the

heel-toe e↵ect is mitigated to the utmost, the water will be produced.

To answer the main question formulated in the beginning of this section, there is a clear

positive e↵ect of including ICDs ás part of the completion for B3. Simulations conducted

with the same gas rate as in the base case, showed a considerable increase in oil production

through all time-periods. This is an important finding which will be further discussed in

Part III, along with the associated uncertainties.

4.2 Well B1

The ICD input data for well B1 are shown in Appendix C.2. The configurations used

to simulate ICD completions in the well are summarized in Table 9. Compared to B3,

di↵erent nozzle sizes were simulated for well B1.

Table 9: ICD Simulation Input for well B1

Case Results ICD Type Configuration Simulation target

Case 11 Figure D-23 to D-27 Nozzle-Type ICD 3 x 4 mm BC Gas Rate

Case 12 Figure D-28 to D-32 Nozzle-Type ICD 3 x 3 mm BC Gas Rate

Case 13 Figure D-33 to D-37 Nozzle-Type ICD 3 x 2.5 mm BC Gas Rate

The results from the respective simulations are shown in Appendix D.2, according to

the listing in the second column of the table. Each case includes five figures; simulated

production, pressures, and flux plots at the three life stages.

Figures D-23, D-28 and D-33 show the simulated production rates compared to the

historical production. In contrast to the equivalently presented results for B3, the first

ICD case includes the largest ICD nozzle size (4mm), while the subsequent cases include

smaller nozzle sizes of 3mm and 2.5mm, respectively.

When compared to the reference case results in Figure B-21, several remarks can be

made. For Case 11, the oil production has been slightly increased, at some timesteps.

This applies especially to the last timestep (01.01.18). The magnitude does however not

compare to the significant increase in water production. While the water production in

the reference case has a drop at the last couple of years, Figure D-23 shows that the water

production is increasing more towards the end. Although it is not correct to regard this as

the dynamic behavior of the well, it still gives an idea of the e↵ect of the ICDs. We will
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have a further look into this later.

When it comes to the observed increase in water production rate, Case 12 shows worse

tendencies in this manner. While the change in oil production is negligible, the water rates

are generally more elevated, and rising with a steeper slope compared to Case 11. Case 13

which involved the smallest nozzle size shows a similar behavior.

We will now have a closer look at the downhole flux, to further investigate the reason

for the observed e↵ects. Since the late-life behavior of the ICDs was the most remarkable,

this period will be mainly looked into.
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Figure 75: B1-AHT3 Case 10: Flux along the well at late-life
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Figure 76: B1-AHT3 Case 11: Flux and IC pressure drop along the well at late-life
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Figure 77: B1-AHT3 Case 12: Flux and IC pressure drop along the well at late-life
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Figure 78: B1-AHT3 Case 13: Flux and IC pressure drop along the well at late-life

Figure 75 to 78 shows the resulting late-life flux plots for Case 10 to Case 13.

In Case 11, the gas peak previously observed in the reference case from 3480 to 3620

mMD, has been significantly reduced. This is because of the high IC pressure drop

of around 12 bars in the respective interval. On the contrary, the low gas flux values

previously seen at 3150 - 3280 mMD, 3800mMD and 4000 - 4400mMD have been increased,

and a lower IC pressure drop has been generated at these intervals. This comes as a

result of the known equalizing e↵ect of inflow control devices, which helps mitigate the

heel-toe e↵ect. Another observation that can be made is with regards to the water influx

at approximately 3600 mMD and 4100mMD. A lower pressure drop has been imposed

on these zones, which promotes the production of water. This e↵ect has been further

intensified in Case 12 and 13, where the flux is more equalized compared to Case 11. This
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is the reason for the increased water production seen in Figures D-23, D-28 and D-33. The

oil production at this life stage is somewhat constant as a result of the high pressure drop

imposed at the interval 3480 - 3620 mMD, where the main oil influx is situated. This

observation applies for all the three cases.

During the early-life and mid-life, similar e↵ects are present, as shown in Appendix D.2.

Table 10: ICD Results for B1

Average IC 
pressure drop 

(bar)

Change in oil 
production rate 

(%)

Change in 
water 

production rate 
(%)

Average IC 
pressure drop 

(bar)

Change in oil 
production rate 

(%)

Change in 
water 

production rate 
(%)

Average IC 
pressure drop 

(bar)

Change in oil 
production rate 

(%)

Change in 
water 

production rate 
(%)

Case 11 3 x 4mm 2,15 -5 % 35 % 2,46 -9 % 48 % 2,88 -12 % 38 %

Case 12 3 x 3mm 5,65 -9 % 57 % 6,58 -16 % 51 % 7,72 -22 % 38 %

Case 13 3 x 2.5mm 10,50 -12 % 64 % 12,57 -19 % 58 % 14,84 -28 % 40 %

Early-life Mid-life
ICD 

Nozzle 
configuration

Late-life
Case

Table 10 shows a summary of the results for Case 11 to 13. The IC pressure drop along

with the relative changes in oil and water production are listed for each of the life periods.

As previously observed, the water production increases drastically with the the use of ICDs.

With a smaller nozzle size, there is a greater increase. From observing the production

rate plots in Appendix D.2, the oil rate was considered to be somewhat similar to the

reference case results. However, the values in Table 10 show that the oil production at the

three timesteps has decreased. The smallest nozzle size gave the greatest decrease in oil

production.

5 AICV

The inclusion of autonomous inflow control valves was done in a similar way as for the ICDs.

Two technologies were applied for the simulations in this section. The first technology

was the Tendeka FloSure TR723 which was described in Section 2.5.1. As explained in

the section, a number of parameters must be defined to model the valve in simulators

such as Eclipse and NETool. These parameters are dependent on the fluid properties,

reservoir characteristics and flowing data. Voll et al. [75] described the typical workflow

for determining the parameters needed for modeling the flow characteristics of the FloSure

TR7 valve. For the purpose of this thesis, Tendeka was contacted to acquire the suitable

parameters for our two wells. The data presented in Table 1 were provided to the vendor.

In addition to the FloSure TR7 valve, the InflowControl AICV®was included in the

simulations. As mentioned in Section 2.5.2, the AICV can be modeled in the same way

23Previously termed the RCP valve
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as the RCP valve. To aqcuire the AICV®parameters for our wells, InflowControl were

contacted and provided with the same data as Tendeka. The simulations and input for

each well will now be discussed individually.

5.1 Well B3

The NETool input for well B3 is presented in Appendix E.1. The input for the five AICV

cases can be further summarized as shown in Table 11. For the previous simulations

presented for B3, the gas rate has been an adequate boundary condition. However, when

simulating AICV, this target produced a series of errors, and it was therefore necessary

to try with other boundary conditions. The reason for this is suspected to be related to

the main intention of autonomous inflow control, that is, to hold back production of gas

and water. The high target gas rate is a result of a breakthrough that has taken place. If

NETool was to simulate with this boundary condition, the AICV would in theory generate

a very high pressure drop that would severely impede production. It is therefore suspected

that the simulator cannot handle such a high gas rate.

Table 11: AICV Simulation Input for well B3

Case Results
AICV 

Technology
Configuration

Simulation 
target

Case 11 Figure F-1 to F-5 Tendeka FloSure TR7 4 x 7.5mm BC Oil Rate

Case 12 Figure F-6 to F-10 Tendeka FloSure TR7 4 x 7.5mm 0.5 x BC Gas Rate

Case 13 Figure F-11 & F-12 Tendeka FloSure TR7 4 x 7.5mm BC Downhole rate

Case 14 Figure F-13 & F-14 Tendeka FloSure TR7 2 x 7.5mm 0.5 x BC Gas Rate

Case 17 Figure F-15 to F-19 InflowControl AICV® 2 x AICV® BC Oil Rate

In the rightmost column, the simulation targets for the AICV cases are listed. The

rationale behind these boundary conditions can be further explained with the following

theoretical questions:

• Case 11 and 17: If the well had been equipped with AICVs and produced at the same

historical oil production rate, how would the gas production be a↵ected?

• Case 12 and 14: If the well had been equipped with AICVs and produced at half of

the historical gas rate, that is, if the well had been regulated by ⇠ 500kSm3/day, how
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5 AICV Part II

would the oil production look like?

• Case 13: If the well had been equipped with AICVs and produced at the same downhole

fluid rate, how would the production of oil and gas be a↵ected?

In a way, these are all equivalent ways of evaluating the performance of the AICVs. To

further study the answer to the questions, it is necessary to analyze the simulation results.

These can be found in Appendix F.1, according to the second column listing in Table 11.

Figure F-1 shows the overall results for Case 11 compared to the actual production. The

first observation that can be made is the lowered gas rate at all of the timesteps. Although

this is somewhat expected from the autonomous technology of the FloSure TR7, it would

be interesting to look further into the e↵ects that are taking place downhole. Figure F-3

to F-5 show the downhole flux at the three di↵erent life stages of B3. During early-life, a

relatively high pressure drop of approximately 4 bars can be seen. Zones that are producing

oil experience a lower pressure drop, e.g. at 4820 - 4900 mMD. This observation can be

further applied in the mid-life and late-life flux plots. However, a lower IC pressure drop is

generally created for these periods, at around 1 bar and 0.5 bars, respectively. The reason

for this is suspected to be the secondary functionality of the AICV, that is, the restrictive

choking through the initial passage in the valve, see Figure 36a.

As mentioned in Section 2.4, the unique feature of autonomous inflow control is to

reduce production of unwanted fluids after a breakthrough has taken place. It is therefore

appropriate to evaluate the performance of the AICV cases at mid-life and late-life since

this could illustrate the main di↵erence between AICV and ICD technology.
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Figure 79: B3-HT2 Case 7: Flux along the well at mid-life
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Figure 80: B3-HT2 Case 11: Flux and IC pressure drop along the well at mid-life

Figure 79 and 80 shows the downhole flux for the reference case compared to Case 11.

While the oil production resulting in the two results is identical, a clear reduction in gas

rate can be seen for Case 11. It is also important to note the di↵erent axis ranges for

the two plots with regards to the downhole rate. The reference case gas peaks seen at

4000, 4450, 4600 and 4900 meters MD were drastically reduced down to a minimum level

of 3 Rm3/day/meter. While the same tendencies could be observed for the optimally

chosen ICD case in Figure D-14, the e↵ect was not as good as in Figure 80. Similar to the

results in the ICD case results, the flux has been equalized along the wellbore, e↵ectively

promoting oil inflow from the toe.

A similar impression can be perceived in Case 12, which featured the same AICV

configuration. With half of the base case gas rate as target, the results in Figure F-6

show a slight increase in oil production. It would be interesting to see how a comparable

nozzle-ICD would perform in this case. To find a comparable ICD configuration, the initial

pressure drop through the TR7 valve was looked into. The argument was that, to be able

to compare the two technologies, they had to have the same initial IC pressure drop. The

average initial pressure drop through the TR7 valve was found to be 1.39 bars. Through

iteration with various nozzle-sizes, the configuration in Case 15 and 16 in Table 7 was

found to have a comparable pressure drop of 1.42 bars. Case 15 was run with the same

boundary condition as Case 12, and the results are shown in Figure D-16.

We will now have a closer look at the downhole flux for the two cases, to see the

similarities and di↵erences between the two types of inflow control. Figure 81 and 82 show

the downhole flux plots for Case 12 and 15 at the late-life timestep, respectively. Generally,

it can be observed that the AICV generates an average IC pressure drop nearly twice of
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the ICD, at around 1.83 bars vs. 1.07 bars respectively. This demonstrates the selective

fluid choking feature of the AICV; Initially when oil is mostly produced, the same pressure

drop was generated. After the gas breakthrough, the TR7 valve will autonomously choke

harder than the ICD. When compared to the ICD case, the oil flux levels at the toe are

generally more elevated in the AICV case, while the gas flux is better equalized. This

indicates that the AICV promotes production of oil in favor of the gas.

Although not as distinct as in the presented plots, the early-life24 and mid-life25 plots

show similar tendencies. During the early-life, the AICV manages to lower the gas flux

peaks in a better way than the ICD. Furthermore, the ICD generates an average pressure

drop around 1.84 while the AICV shows a pressure drop of 2.43 bars.
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Figure 81: B3-HT2 Case 12: Flux and IC pressure drop along the well at late-life

24See Figure F-8 (Case 12) and Figure D-18 (Case 15)
25See Figure F-9 (Case 12) and Figure D-19 (Case 15)
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Figure 82: B3-HT2 Case 15: Flux and IC pressure drop along the well at late-life

Table 12: Comparison of AICV vs. ICD Results for B3

Average IC 
pressure drop 

(bar)

Increase in oil 
production 
rate (%)

Average IC 
pressure drop 

(bar)

Increase in oil 
production 
rate (%)

Average IC 
pressure drop 

(bar)

Increase in oil 
production 
rate (%)

Case 12
4 x 7.5 mm 
FloSure TR7

2,43 -14 % 1,62 33 % 1,83 75 %

Case 15
3 x 2.65mm 
Nozzle ICD

1,84 -20 % 0,99 12 % 1,07 36 %

ConfigurationCase

Early-life Mid-life Late-life

Table 12 shows a summary of the discussed observations for the comparison between the

AICV and ICD cases. Despite the fact that the AICV has a higher IC pressure drop

through all three life phases, it manages to produce higher oil rates at the same gas rate.

This is an important finding as it demonstrates the benefits of adapting to autonomous

inflow control technology in favor of conventional ICT, and is consistent with the experience

from the Troll field26.
26See Section 2.5.1
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Table 13: A summary of AICV and ICD results for B3

Average IC 
pressure drop 

(bar)

Change in oil 
production 
rate (%)

Change in gas 
production 
rate (%)

Average IC 
pressure drop 

(bar)

Change in oil 
production 
rate (%)

Change in gas 
production 
rate (%)

Average IC 
pressure drop 

(bar)

Change in oil 
production 
rate (%)

Change in gas 
production 
rate (%)

Case 11
4 x 7.5 mm 
FloSure TR7

BC Oil 
Rate

3,42 0 % -38 % 0,86 0 % -64 % 0,53 0 % -76 %

Case 12
4 x 7.5 mm 
FloSure TR7

0.5 x BC 
Gas Rate

2,43 -14 % -47 % 1,62 33 % -53 % 1,83 75 % -58 %

Case 13
4 x 7.5 mm 
FloSure TR7

BC DH 
Rate

- 42 % -14 % - 156 % -13 % - 276 % -14 %

Case 14
2 x 7.5 mm 
FloSure TR7

0.5 x BC 
Gas Rate

13,81 -10 % -47 % 8,21 39 % -53 % 9,30 82 % -58 %

Case 15
3 x 2.65mm 
Nozzle ICD

0.5 x BC 
Gas Rate

1,84 -20 % -47 % 0,99 12 % -53 % 1,07 36 % -58 %

Case 16
3 x 2.65mm 
Nozzle ICD

BC Gas 
Rate

- 52 % 0 % - 143 % 0 % - 235 % 0 %

Case 17 2 x AICV®  
BC Oil 
Rate

22,91 0 % -52 % 6,21 0 % -80 % 2,72 0 % -91 %

Case Configuration

Early-life Mid-life Late-life
Simulation 

Target

Table 13 shows a summary of the results obtained for all the AICV cases along with the

two comparable ICD cases (Case 15 & 16). Case 13 and 14 were not further looked into in

terms of downhole flux. However, by examining the simulated production in Appendix F.1,

together with the observations made from Case 11 and 12, the downhole behavior can be

anticipated. For Case 13, the results in Figure F-11 and Table 13 indicate an increase in

oil production and a decrease in the gas production. This further supports the impressions

from the inclusion of AICVs in the well completion, that is, better control of the gas

production and lower restriction in oil productive zones.

Case 14 was run with only two TR7 valves per screen joint, and simulated with the

same target as in Case 12. The results from these simulations, in Figure F-13 show a

slight increase in oil production when compared to Case 12. However, as is evident by the

pressure plot in Figure F-14, this small increase in oil production comes at the expense of

a greatly reduced downhole pressure, because of the high IC pressure drop. Therefore it is

rather recommended to use the first configuration of the TR7 completion with four valves

per joint.

In Case 17, the coe�cients for the InflowControl AICV®was entered in NETool. In

discussions with Vidar Mathiesen at InflowControl, it was informed that it is possible to

include a maximum of two AICV valves per joint. The same target as in Case 11 was

applied for the simulations, and the results are shown in Figure F-15 and in Table 13.

In terms of production, a strong reduction in the gas rate can be observed, with an

approximate 90% decrease at the late-life period. However, this comes at the expense

of a relatively large IC pressure drop. We will look further into the downhole behavior
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for this case, to get a better understanding of the di↵erence between the InflowControl

AICV®and the FloSure TR7 valve.
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Figure 83: B3-HT2 Case 11: Flux and IC pressure drop along the well at early-life
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Figure 84: B3-HT2 Case 17: Flux and IC pressure drop along the well at early-life

Figure 83 and 84 compares the downhole behavior in Case 11 and 17 during late-life.

Firstly, there is a clear di↵erence in the IC pressure drop between the two cases. While

the FloSure TR7 creates an average pressure drop of 2.4 bars, the AICV®generates an IC

pressure drop almost ten times greater. Although the oil inflow is somewhat similar for

the two cases, the gas influx is greatly reduced in the heel section for Case 17. Moreover,

the gas peaks observed from 4000 - 4080 mMD and 4500 - 4650 mMD are noticeably lower

for the AICV®. As previously observed with the smallest nozzle ICD configuration in

Figure 72, the water influx at the toe is promoted as a result of the strong equalization of
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the flux. Generally, the same performance of the AICV®can be observed in the mid-life

and late-life plots in Figure F-18 and F-19, with respect to the drastic reduction of gas

influx.

5.2 Well B1

For well B1, the simulations with AICV included only one case, which involved four

FloSure TR7 valves per joint. The coe�cients received from Tendeka were entered into

NETool as shown in Appendix E.2.

Although only one AICV case for B1 will be reviewed, it should be mentioned that

simulations with the InflowControl AICV®were attempted. The simulator gave several

errors and did not yield any results. Attempting to run simulations with four valves,

instead of the maximum number of two valves per joint, gave some results. It is therefore

suspected that the errors in the simulator are related to the high pressure drop through

the valve. Since it is not possible to include four AICV®in a screen joint, the results for

this configuration will not be further reviewed.

The results for the FloSure TR7 simulations for B1 are presented in Figure 85 as well

as in Appendix F.2. The use of the FloSure TR7 valve critically lowers the downhole

pressure and the WHP through the lifetime of the well, as shown in Figure F-21. As a

consequence, the last three timesteps gave a wellhead pressure below the minimum limit

of 30 bar. The simulated rates in Figure 85 show that the water production is increased,

while the oil rate is somewhat reduced.
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Figure 85: B1-AHT3 Case 14: Actual vs. Simulated Production

To understand the reason for this behavior, we will have a closer look at the downhole

flux through the three life phases. Because of the deficient WHP at the late-life timestep,

the downhole flux at this respective date will not be considered.
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Figure 86: B1-AHT3 Case 14: Flux and IC pressure drop along the well at early-life
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Figure 87: B1-AHT3 Case 14: Flux and IC pressure drop along the well at mid-life

During the early-life, it can be seen that the gas peak observed in the reference case from

3480 to 3620 mMD, has been greatly equalized, in proportion to the high pressure drop

that is applied at this interval. While the previous flux peak reached a magnitude of 70

Rm3/day/meter, it has been reduced by a factor of ten, with the inclusion of the AICV

valve. The same observation can be made for the interval from 4000 to 4400mMD, where

the highest gas peak was reduced from approximately 17 to 6 Rm3/day/meter.

Assessment of the mid-life shows improvements in the gas control, in similarity to the

early-life observations. However, higher water rates can be observed at approximately 3610

mMD and 4100 mMD, when compared to the reference case results. Furthermore, because

of the high pressure drop in the intervals 3500 - 3650 mMD and 4100 - 4200 mMD, the oil

flux has been decreased. Although the late-life behavior could not be simulated, it can be

anticipated that the indications of higher water production and lower oil production are

further exacerbated. Thus, it can be concluded that the performance of AICV technology

in well B1 did not yield beneficial results. Uncertainties and the reasons for this results

will be further discussed in Part III.
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Part III

Discussion and Conclusions

6 Evaluation of IC technologies on Gjøa

Simulations performed for the two oil wells on Gjøa have given di↵erent impressions for

the use of inflow control technology.

6.1 Well B3

In Section 1.2.1 the production challenges in B3 were discussed. The main issues were

related to excessive gas production and immobilization of oil reserves. When it comes to

the integration of conventional nozzle ICDs, the early-life results in Figure 74 showed that

the heel-toe e↵ect is reduced, which further promoted oil production from the toe. During

the mid-life and late-life periods, which were dominated by gas coning, the downhole flux

plots showed that the main oil influx was located at the lower part of the well. At the

same time periods, the behavior in the reference case showed almost no production of

oil at this part of the well, see Figure 62 and 63. This indicates that the use of ICDs

could potentially enhance oil recovery for B3, by improving the oil inflow at the toe. This

impression is supported by the observations made from Figure 54, which displayed the

placement of B3 within the reservoir model along with the fluid saturations. Here, it was

observed that a major part of the oil saturated reservoir layers were located at the lower

part of the well. Utilizing these reserves by use of ICDs could increase oil production

significantly.

The use of autonomous inflow control valves was also evaluated for B3, as shown in

Section 5.1. Three di↵erent configurations were run, which yielded promising results.

For the FloSure TR7, the configuration with four valves per joint was found to be the

optimal solution. The valve managed to control the gas in a better way compared to what

the ICD results were indicating. Moreover, it could be observed that the oil producing

zones had a lower restriction (pressure drop). To further compare the FloSure TR7 with

conventional ICD technology, nozzle ICD configuration with the same initial pressure

drop was simulated. From production start, the performance of the two technologies was

similar in terms of pressure drop and oil production. However, through the mid-life and

late-life periods, significant di↵erences started to show, where the AICV imposed twice the
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pressure drop on the produced fluids, and showed better gas control. This demonstrates

the autonomous functionality of the valve, where the levitating disc will choke harder for

low viscosity fluids compared to the nozzle-ICD.

The performance of the InflowControl AICV®was also assessed in Section 5.1. As

described in Section 2.5.2, the principle of the technology is based on a pilot flow tube which

determines the restrictive setting in the valve. As a result of this principle, insignificant

amounts of gas need to flow through the valve for it to function as intended. The same

cannot be said for the FloSure valve, which needs higher gas rates for the disc levitation

principle to work properly. It is speculated that this is the reason behind the results

observed in Figure 84 for the InflowControl valve. The results showed lower gas rates

when compared to the performance of the FloSure TR7 valve in Figure 83. However,

considering the pressure drop through the AICV®which was approximately ten times that

of the FloSure valve, it can be argued that the 15% decrease in gas rate cannot be justified

for the adaption of the AICV®in favor of the FloSure TR7 valve.

It is important to consider the lost pressure energy against the added oil production

when assessing the results we have obtained. Alternatively, the reduction in gas production

may o↵er the same benefits, as the gas will stay in the reservoir and provide pressure

support for increased oil drainage. Having said this, and taking into account the results

presented in Table 8 and 13, there is a clear benefit of adapting to inflow control in B3.

The optimal technology is considered to be the FloSure TR7 configuration in Case 11,

which added most value in terms increased oil production and reduced gas production per

generated pressure drop.

6.2 Well B1

For B1, the results were puzzling as they showed an increase in water production in all

cases with ICDs and AICVs.

With reference to the results presented in Section 4.2 and Appendix D.2, it can be

argued that the inclusion of ICDs in well B1 gave poor/worse results. Table 10 indicated

that the smallest nozzle size gave the highest increase in water rate and the highest decrease

in oil rate. This conclusion is not consistent with the ICD study described in Section 2.6,

which concluded that the use of ICDs on B1 would defer the water breakthrough by

1 year, and increase oil production by 260 000 oil barrels. There are several potential

reasons for this contradiction. Firstly, the possibility of uncertainties in the reservoir model

and established reference case model should not disregarded. The uncertainties will be
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discussed in detail in Section 7, but one of the main uncertainties linked to the results

for B1 is the initially high water production rate in the reference case, see Figure B-21.

Although the simulations show a considerable water rate from the first timestep, the actual

water breakthrough did not start to develop until mid-2014. This source of error can be

the reason for the increased water rate observed in the ICD simulations, and it can be

argued that no water production at the early-life timestep could result in increased oil

rate by equalization of the flux.

The fact that NETool cannot capture the dynamic behavior of the well, means that

the delayed water breakthrough could not have been shown in the simulation results.

However, the reservoir simulations in [5] did indicate this outcome. Conclusively, it is

therefore anticipated that ICDs could have deferred the water breakthrough, contrary to

the indications from our simulation results. In that case, the configuration with 3 x 4mm

ICDs would be the most appropriate with respect to a reasonable pressure drop.

Simulations with AICV showed an unexpected behavior where the production of

water was increased. According to the described behavior of the FloSure TR7 valve in

Section 2.5.1, it could be expected that the opposite would have been the case. While not

disregarding the abovementioned uncertainties in the model, one should also consider the

fluid properties listed in Table 1. For B1, the live water viscosity is 0.384cP while the

live oil viscosity is 0.284cP. The principle of the FloSure valve is based on the positive

di↵erence between the oil and water viscosity, where the restriction is minimized for the

more viscous oil. However, for the ultralight oil in B1 the opposite might be the case,

where water is preferentially produced in favor of the oil.

When Tendeka provided the AICV coe�cient for the FloSure valve, a flow characteristics

chart was also attached. Figure 88 shows the flow characteristics of the simulated AICV

including the characteristics of a comparable nozzle type ICD. Considering this performance,

a di↵erent conclusion can be made regarding the viscosity di↵erence just discussed. In

the chart it can be observed that the single phase flow of water (blue) through the valve

experiences a higher pressure drop compared to the oil (green). This means that the valve

will preferentially produce oil in favor of the water. The observed results in Section 5.2

may however be attributed to the fact that the oil producing zones are located within the

intervals with very high gas production. When the AICV generates a high pressure drop

as a result of the gas influx, it also impedes oil production at these zones. On the contrary,

the water producing zones do not include a high gas production, as shown in Figure 75.

As a results, the IC pressure drop in these respective zones is relatively low, which allows

the influx of water as shown in Figure 87.
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Moreover, the use of AICV on B1 may reduce the gas production in the well, which is

not desired, as the gas aids in the vertical lift of production fluids to the surface.

Figure 88: Tendeka FloSure TR7 and Flow Characterstics for well B1, [73]

Another objective of evaluating B1 in this study, was to see if the water influx during the

shut in periods could be restricted during start-ups and lessen the need for long gas lift

periods. Considering the technologies we have reviewed in this thesis, it is not expected

that this issue can be solved by the use of ICT. However, it is possible to have Interval

Control Valves together with multiphase flow meters to selectively shut o↵ zones with

higher water rates during start-ups. This can introduce further operational complexities

including running hydraulic control lines up to the surface, as well as requiring an inner

string with a smaller ID which introduces a higher tubing pressure drop. Moreover, the

valves tend to be operationally unstable, and have in some cases gotten stuck in one

position due to scale build-up. The cost of incorporating ICVs as part of the completion

is also very high compared to passive inflow control technology [11].

6.3 Secondary benefits of IC technology

In Section 2.3.3 the benefits of including ICDs were discussed. Secondary benefits with

ICD include reduced risk of sand control failure, minimized annular flow and cross-flow,

improved clean-up. Well clean-up simulations done by Moen [15] and Bellarby [13] showed

significant improvements in well clean-up performance. Experience has shown that a

majority of conventional horizontal wells on the NCS su↵er from some degree of poor well

clean-up, and the two Gjøa wells are not exceptions to this. Including horizontal sections
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of 1500 - 2000 meters, the probability of poor well clean-up in B3 and B1 is significantly

high. This can critically impair production by reducing the productivity index as a result

of certain well segments being plugged. As shown in Figure 22, the ICD will generate

an additional pressure drop which can aid in filtercake lift o↵ and mud particle removal

during flow-back. As a result, the required flow rate for proper clean-up is drastically

reduced. For B3 and B1, the improved clean-up resulting from ICD inclusion can greatly

increase the PI and subsequent oil production in the wells. This can further justify the

inclusion of ICT on the two oil wells.

6.4 Cost

An important part of the discussion when it comes to adapting any new technology is the

aspect related to cost, and ICT is no exception. In discussions with Lasse Hermansson and

Terje Moen, [74, 76], it was concluded that the typical cost of integrating inflow control

as part of a typical horizontal well completion could be expected to be in the interval

of 1 - 10 Million NOK. Typically the higher cost range can be assigned to adaption of

autonomous inflow control technologies such as the FloSure TR7 valve, while the lowest

cost can be expected for conventional nozzle-ICD configurations. While this might seem

as a considerable expense, it would be logical to compare it against the added value of the

technology.

If a typical oil well produces around 1000 Sm3/day, this is the equivalent of around

6300 bbl of oil per day. At an average oil price of 70 USD/bbl and currency conversion rate

of 8 NOK per USD, the price of an oil barrel can be estimated at 560 NOK. Consequently,

a days production of oil will have a value of 3.5 Million NOK. Thus, three days of added

oil production can make up for the cost of ICT inclusion in the well.

This does not take into account the added value of delayed gas/water breakthrough

which presents a large cost saving aspect in terms of handling unwanted fluid production in

addition to prolonged oil production resulting from the delayed breakthrough. Moreover,

the reduced risk of potential interventions resulting from sand control failure or poor well

clean-up presents significant cost-saving benefits. Conclusively, it can be understood how

the cost of ICT integration is insignificant when compared to the contrary alternative.
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7 Uncertainties

As with all computational simulators, there will always be uncertainties related to the

results that we obtain, and NETool is no exception. The software simulates at a certain

timestep, with a limited number of parameters at static conditions, while the reality

is much more advanced and dynamic. In this thesis, we have attempted to limit these

uncertainties by calibrating the well models to actual production performance. Through

extensive trial and error, we have achieved reference case models that were adequate for

subsequent simulations. The rationale between each alteration was explained Table 5 and

6 and the results were presented in the appendices. Still, there are several uncertainties

that cannot be completely mitigated. These will now be explained along with the potential

impact they may have for the results.

7.1 Limitations with NETool

As explained in Section 3.1, Landmark NETool is a software which serves as an simple yet

e↵ective tool for modeling advanced well completions. However, the software is based on a

series of basic assumptions that may limit its reliability. There are several limitations that

can be discussed which can influence the certainties in our results:

• The flow within and around the wellbore is one-dimensional, and the flow between

two adjacent nodes along the well is averaged over the cross-section within the

annular space or inside the tubing.

• The reservoir flow performance is based on PI models and phase fractions. Further-

more, the permeabilities can be averaged along the trajectory.

• NETool does not apply single phase fluid flow. The inflow in one compartment is

averaged with respect to the fluid properties. This can have significant consequences

for the modeling of AICVs which are reactive and dependent on the fluid properties.

In many cases, the inflow of water or gas is not commingled when produced with

the oil, and it can therefore be speculated that NETool does not manage to capture

this behavior.

• When simulating with annular packers, NETool assumes a radial isolation out into

the reservoir. In reality this is not the case, and fluids can potentially cross-flow

between reservoir layers if the pressure di↵erence is su�cient.
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One of the critical uncertainties in the results from NETool is the question of whether

or not the resulting downhole flux profile is correct. This is not necessarily exclusively

related to NETool but is also a result of the input from the reservoir model. Although the

history matching shows a match in surface production rates and pressures, it does not

ensure that the downhole flux behavior is correct. Production from one zone could be

mistaken for another zone etc.

The only possible way of knowing the contribution from each interval is either by use of a

Production Logging Tool (PLT), downhole flow meters or tracer technology. PLT is usually

run downhole by wireline to measure and monitor the productivity along the wellbore.

There have not been any PLT surveys on the two Gjøa wells. The inflow performance

resulting from the NETool simulations are merely based on the PI model, phase fractions

and permeability data from Eclipse, which can present a significant uncertainty in the

results.

Static vs. Dynamic behavior

The fact that NETool is a static simulator is an important topic for discussion. The way

the results were presented does not show the dynamic well behavior of the IC-completed

wells. To simulate such behavior, the use of dynamic reservoir simulators such as Eclipse

is necessary.

The main focus for the two oil wells was to see the behavior of inflow control technologies

at di↵erent life periods. As mentioned in Section 2, a central part of evaluating the

application of various IC technologies, is to find a technology that can perform optimally

during the whole life of the well. Some technologies typically perform well at an early-life,

while others prove beneficial in the late-life. The objective of our simulations was to

capture this behavior.

The way of understanding our simulation results at the di↵erent timesteps is to ask

the following theoretical question:

If the well had been equipped with inflow control at the respective timestep, how would the

performance look like?

To elaborate on this question, this means that the well was completed without ICT up

until the respective date. This is an important limitation of our simulation work that one

should be aware of.
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7.2 Reservoir model

The two well models established in NETool are closely linked to the input from the Eclipse

reservoir model. The full-field reservoir model for Gjøa was developed as a black oil model,

and further optimized following the drilling of exploration and appraisal wells in the field.

Using the keywords for history matching in Eclipse, the model has been optimized to fit

observed production from the various wells. Some of the wells, including B3 have also

been part of a service called ResX, which aimed at calibrating the reservoir model more

accurately with respect to historical production. This is based on the assumption that the

measured production data are somewhat accurate.

A significant uncertainty can be assigned to the way of modeling the well completion

in the reservoir model. As explained in Section 3.2.1, the sandscreen completions for B3

and B1 are modeled as cased and perforated liners with cemented annulus in the blank

pipe sections. Whether or not this is a fair assumption can be argued. Placement of blank

pipe sections without any further annular isolation cannot ensure that there will not be

any fluid inflow from these respective intervals. One could assume a collapsed annulus

if the surrounding formation consists of unconsolidated sands, but it would not ensure

complete annular isolation. During the well design phase, the intention of placing blank

pipe sections in the two wells was to prevent inflow from highly water-saturated zones.

In Section 3.2.2, it was shown how the modeling of blank pipes in the NETool model

could a↵ect the results. Conclusively, this detail does not represent the actual conditions

downhole, but was necessary for the NETool models to work as intended. It can be

regarded as an uncertainty in the reservoir model.

There is fairly high confidence that the reservoir model for B3 is applicable for the

purpose of our work. For B1, this cannot be said with the same certainty, as the reservoir

model for the well has not been through the ResX service. However, apart from the details

regarding the relative permeability data, the reservoir model for B1 can be regarded as

applicable for our simulations.

7.3 Quality of history matching

The accuracy of the history matching results is a key factor for the quality of the subsequent

simulations with inflow control. A major part of the work during this study was therefore

assigned to this task.

For well B3, the final results showed a fairly good match for the major part of the wells

lifetime, see Figure 60. Initially, the increase in gas production due to the development
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of the gas cone was not captured optimally by the simulator. By having a closer look at

Figure 57, it can be understood why that is the case. From May to June 2012, the Eclipse

results show an increase in oil rate together with the increase in gas rate. The history

indicates a constant oil rate in this time interval. It could be argued if the measurement of

the oil rate is accurate in this case, or if the Eclipse model is at fault. This will be further

discussed more in Section 7.4.

Furthermore, the last timesteps in the production lifetime were simulated with a higher

gas rate than the actual rate. For the dates 01.06.17 and 01.01.18, the same rate as the

previous timestep was used to achieve a proper match. The reason for this is that the

well was shut in at these dates. The purpose of running simulations with a gas rate of

1.2 Million Sm3/day was to see if we could achieve the correct production profile for the

oil. As these two timesteps were not the main focus in subsequent simulations with ICT,

there is not much concern related to the deviation in the gas rate values at these points.

Otherwise, the accuracy of the match shown in Figure 60 is adequate from point 1 to 3,

assuming that the production data are accurate. Furthermore, the pressure plots presented

in the respective appendix showed a very accurate match between the simulated and

measured pressure data, which further validates the results from the history matching.

Well B1 was not as easy to calibrate with regards to production history. It was not

part of the previously described ResX service, which clearly showed in the Eclipse results

in Figure 58. After implementation of the learnings from B3, the well clearly did not yield

results in accordance with observed production. It was only after the relative permeability

curves were changed, that any reasonable conformity could be achieved. Figure 65 shows

the relative permeability changes that were made to achieve the results in the reference

case (Case 10). Due to their shape, it could be argued that the resulting Rel.Perm

curves are non-physical. However, in discussions with a PhD fellow at IRIS [72] who

has worked with the topic, it was revealed that the relative permeability data for any

reservoir rock is generally linked to a high degree of uncertainty. This is because of the

methods that are used to determine this type of information. Typically, the data are

also a result of correlation models. In our case, the initial Rel.perm values from Eclipse

did not quite follow this description, something that was pointed out by [72] as well. A

review of the PDO support documentation from the subsurface department indicated

that the relative permeability data for the segment penetrated by well B1 was linked

to several uncertainties. In conclusion, it can therefore not be said with any certainty

whether or not our customizations were erroneous. What is certain, though, is that the

customizations yielded converging results which conformed with the production rates, as

114



7 UNCERTAINTIES Part III

shown in Figure 66. This implies that the changes done to the relative permeability values

were somewhat correct.

The results obtained for B1 did show some considerable deviations. For the last three

timesteps, the target gas rate was set to 1 Million Sm3/day, which does not match the

actual rates in this time interval. Discussing the matter with the production engineer

concluded that the observed rates during this time period is not representative of the

reservoir behavior, but rather that it is a result of frequent shut-ins. Moreover, as long

as the same targets were used for subsequent ICT simulations, this discrepancy can be

neglected. The main focus of our simulations was on the points 1, 2 and 3, which were all

fairly accurate in terms of production rates. Further, the pressure plots presented in the

respective appendix showed a good match between the simulated and measured pressure

data [7].

An emphasis should be laid on the raised value of history matching. Typically, when

wells are simulated with advanced completions in NETool, the well has not been drilled

nor completed. Consequently the uncertainties are significantly larger in such wells.

The process of retrospective history matching of the wells eliminates a great number of

these uncertainties. To mention a few, this applies to uncertainties in well placement,

permeability distribution, production forecasts and time to gas/water breakthrough.

7.4 Production measurements

The validity of the history matching and accuracy of our two well models is all based

on the fact that the acquired production data are correct. However, as mentioned in

Section 1.2.1, there are uncertainties related to the presented production rates for B3

and B1 in Figure 4 and Figure 5, respectively. According to the production engineer, the

gas rate had an estimated uncertainty of ±5%, while the oil and water rates were linked

to a higher degree of uncertainty because of flow meter drifting. This does not lower

the credibility of the data significantly, but should be kept in mind when assessing the

accuracy of our reference case results.

In Figure 5, it can be seen that the water rate is quite irregular, something that

can be explained by the aforementioned measurement uncertainty. This can explain

why the results in the reference case did not match accurately with the production data.

Additionally, the precision of the fluid rates in the late-life period for B1 can be questioned

due to the rapid changes in fluid rates.

The same inaccuracies are related to the pressure measurements shown in Figure B-7
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and Figure B-22. Pressure gauge drifting is a well known phenomenon, and varies a lot

depending on the gauge manufacturer. This detail should be kept in mind when evaluating

the accuracy of the reference case [76].

7.5 Choice of boundary condition

The choice of simulation target will greatly a↵ect the results obtained from NETool. The

software produces results which converge towards the value of the target, and it is therefore

important to choose this parameter with great care. Experience from the reference case

calibrations showed that the gas rate gave the most accurate results when it comes to

achieving a match with the historical production. For an ICD- or AICV-equipped well,

however, it cannot be expected that the well will perform in the same way. For instance,

the simulations in Section 4 used the base case gas rate as a basis for simulating ICDs

in the well. The rationale behind this was that the wells were generally regulated by an

approximate gas rate of 1 Million Sm3/day. Whether or not this would be the case with

ICDs installed can be argued. However, the ICD simulations gave an impression of the

production behavior of the well, which was the main objective.

For the AICV cases, various boundary conditions were tested to see how the results

di↵ered. These include the BC oil rate, half the BC gas rate and the BC downhole rate.

As evident in Table 13, the results for all three alternatives imply the same behavior in

terms of reduced gas production and/or increased oil production. It can therefore be

expected that the results and conclusions from these simulation are quite reliable.

However, there should exist a rationale behind the choice of boundary condition, and

the presumptions should be made clear, as to not cause any confusions about the results.

7.6 Inflow Control Well Design

There are three main uncertainties related to the implementation of inflow control in the

two well designs.

A widely debated topic in the industry is the choice of a tailored vs. a uniform ICD

configuration along the whole well length. Some operators prefer to have a tailored ICD

configuration with various strengths, in accordance to the modeled inflow and permeability

profiles. However, the majority of vendors providing the ICDs do not recommend this

approach due to a number of reasons. Firstly, the uncertainty regarding the permeability

profile in new wells is quite high. Even with well logs, it cannot be said with confidence

that the logged permeability at a certain depth is radially representative throughout the
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reservoir. Heterogeneities throughout the reservoir is generally fair to assume, and logs

do not demonstrate this picture. Therefore, unless extensive knowledge and experience

indicate high heterogeneities in reservoir quality and permeability, it is not recommended

to go for a tailored ICD configuration. In the case of a tailored ICD with the wrong

assumptions, the solution can actually worsen the production performance.

Moreover, failing to reach TD when running an ICD completion with customized

strengths (restrictions), will deem the ICD customization pointless. In many cases, it

could counteract its purpose, where e.g. low productive oil zones are greatly restricted,

while highly productive gas/water compartments meet minimal restriction.

A common misconception among some completion engineers is that the placement of

ICDs with identical configurations along the whole well implies the same restrictive choking

for the entire well length. However, as discussed in Section 2.3.2 the restrictive nature

of all inflow control devices is rate-dependent, meaning that the choking is dependent

on the inflow behavior at each respective zone. Put in other words, the ICD completion

can be considered to be self customizing, by ”reading” the inflow performance along the

wellbore and restricting the inflow accordingly. For the sake of operational robustness

and engineering simplicity it is therefore generally recommended to use a uniform ICD

configuration. All ICT simulations in this thesis featured a uniform configuration, and

it is not expected that a customized configuration would have significantly improved the

obtained results.

The choice of ICD nozzle size is also an important detail in the design process, which

depends on the intention of the integration of ICT in the completion. In the case where

it is necessary to hold back gas, a small nozzle diameter is recommended. This was

demonstrated in Table 8 and Figure 72 to 74 where the smallest nozzle size showed better

gas control and improved oil production. On the contrary, if the reason for using ICDs

is to hold back water, it is recommended to rather use a relatively larger nozzle size. As

shown in Table 10 for B1, a smaller nozzle size showed an increase in water production.

The third consideration when it comes to IC well design, is the number of annular

packers. As emphasized in Section 2.3, the importance of annular compartmentalization is

essential for the proper functionality of ICDs and reduction of annular flow and screen

erosion risk. In our simulations, one swell packer per screen joint was defined in the models.

From an engineering perspective, this is the optimal solution. However, from a practical

and operational point of view, running the completion with fewer swell packers is more

attainable, and reduces the risk of getting stuck while running the completion into the

wellbore. It is rather typical to place one swell packer per fifth or tenth screen joint. For
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our simulations, this is expected to give a poorer ICD performance. In terms of holding

back high flux zones and equalizing the inflow rate, fewer swell packers can lead to a poorer

equalization e↵ect and in some cases also crossflow between high- and low-pressure zones.

As previously discussed, poor use of annular compartmentalization will also exacerbate

the e↵ect of an early water breakthrough.

With the use of AICVs in the well, the importance of compartmentalization becomes

greater. With a high number of swell packers along the completion, the AICV will better

manage gas producing zones, while opening for production in oil producing zones. In the

case with few annular isolation packers, the production of oil and gas will be commingled,

which keeps the AICV in a semi-closed position; Impeding oil production but without

completely preventing gas influx. Conclusively, a worse performance could be expected

from ICDs and AICVs with fewer annular packers along the well.

7.7 Number of e↵ective inflow control units

When a borehole has been drilled, settled particles and drilling mud with fine particles

can be expected to stay present in the horizontal section of the well. Consequently, when

the lower completion is run into the well, the screens and inflow control devices may be

plugged with mud or fine particles. This can typically occur at the low-side of the borehole

where the particles have settled. The consequence of this is a lower number of e↵ective

ICDs/AICVs, and a smaller e↵ective flow area for fluid to enter the tubing. Hence, it

would be similar to having a smaller nozzle size, i.e. give a higher IC pressure drop. For

well B3, it was observed that a smaller nozzle size yielded better results, at the expense of

a higher IC pressure drop, see Table 8.

For well B1, it is anticipated that the plugging of inflow control units, would increase

the production of water and reduce oil production as a result of a smaller flow area per

joint, see Table 10.

In NETool, there is no other way to simulate the e↵ect of plugging than to alter

the nozzle size or number of ICDs per joint. For AICVs it could be possible to acquire

coe�cients for a valve with higher restriction, or to lower the number of valves per joint.

However, to quantify this risk is not an easy task, since it is impossible to predict how

many units that will be plugged.
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Table 14: Summary of uncertainties

Uncertainty Explanation
Final level of 

impact

Limitations with 
NETool

The basic assumptions within the software can limit the accuracy of the results, 
potentially leading to wrong conclusions. The downhole behavior shown in the 
simulations is a result of estimated permeability profiles and phase fractions along 
the wellbore. Additionally, NETool is a static simulator which cannot capture the 
dynamic production behavior of the wells. 

High

Reservoir model

The accuracy of any reservoir model can always be questionned, as it is a result of 
numerous assumptions and estimations. The fact that the reservoir model has been 
run through ResX limits this uncertainty to some degree for B3. Furthermore, an 
uncertainty is linked to the modelling of blank pipe sections as cemented annulus in 
Eclipse.

Medium

Quality of 
history matching

Although a fairly adequate match was obtained for both wells, there were some 
deviations that could not be eradicated. These uncertainties should be kept in mind 
when assessing the quality of our work.

Low

Production 
measurements

While a fairly high certainty is linked to the gas rate measurements in the 
production profile, the same cannot be said for the water and oil rates.  
Consequently, this uncertainty can play an important role in the accuracy of our 
history matching results.

Low

Choice of 
boundary 
condition

The software will always try and achieve results in accordance to the boundary 
condition provided by the user. It is therefore of utmost importance that the choice 
of boundary condition is done with great care and awareness.

Low

Inflow Control 
Well Design

Three topics that are always up for debate when it comes to IC well design, are the 
choice of number of annular packers, choice of ICD nozzle (size) and lastly the use of 
a tailored vs. Uniform IC configuration along the well length. The work in our thesis 
was based on maintaining simplicity while optimizing the well design. This involved 
using the maximum number of annular packers along with a uniform configuration 
along the well. Consequently, the nozzle size / restriction could be optimized by 
iterative methods.

Low

Number of 
effective IC 

units. 

It is not easy to predict whether or not all IC units installed in the well will function 
as intended. In some cases they can be plugged by settled particles left in the 
wellbore after drilling. Consequently, this can lead to a smaller effective flow area 
and show similar behavior as a smaller ICD nozzle size configuration with a higher 
restriction. For AICVs, it is not as easy to predict this behavior. 

Low

Table 14 shows a summary of the uncertainties discussed in Section 7. In the rightmost

column, an attempt has been made to quantify the impact, with basis in the discussion of

each respective uncertainty. Considering the discussions above, it can be concluded that a

majority of the uncertainties listed have been greatly reduced as a result of the reference

case history matching. Ultimately, some degree of uncertainty must be recognized, as is

the case with the majority of simulation studies.
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8 Conclusions

The objectives of this thesis were extensively pursued, starting with a description of the

Gjøa field and the two candidate wells. The production history and challenges for the

two oil wells were closely addressed, before an in-depth review of current inflow control

technologies followed. A great number scientific papers were assessed to gain extensive

knowledge about the functionality and experience of each technology. Generally speaking,

all technologies proved to be beneficial in terms of improved recovery, under the correct

circumstances.

To further investigate the benefits of the technologies, simulations within NETool were

performed. The first part of the simulation work was assigned to the calibration of the

models with respect to production history. This improved the accuracy of the models and

ensured some degree of confidence in the subsequent simulations with ICT. It also allowed

us to see a clear di↵erence in performance between the conventional (existing) completions

and alternative ICT-completions, in terms of flow behaviour, pressures and production

rates. Several inflow control technologies and configurations were evaluated, providing a

better understanding of the functionality and e↵ect of the respective designs.

The results for the two oil wells showed di↵erent behaviors with the inclusion of inflow

control. The first candidate, B3, was a long horizontal well with challenges linked to

excessive gas production and immobilized oil reserves. Results from the simulations were

promising with both standard nozzle-ICDs and AICVs. The final recommendation for

the well involves the use of the FloSure TR7 AICV, which proved to be the optimal

solution for holding back gas and promoting oil production at a relatively low pressure

drop, throughout the lifetime of the well.

The second candidate well, B1, has previously su↵ered from a water breakthrough

which has dominated production in the last couple of years. Calibrating this well to

match with the production history was a long and challenging process which resulted in

alterations of the relative permeability data. The results from the IC simulations did not

show significant improvements in the performance. In fact, the they indicated a higher

water rate as a result of the downhole flux equalization. There are however, limitations and

uncertainties to these results which indicate that the opposite e↵ect can be expected, with

a delayed water breakthrough and increased oil rate at an early-life period. A previous

ICD study examining the use of ICDs on B1, supports this conclusion. The recommended

design for B1 includes a nozzle-ICD configuration with a 3 x 4mm ICD configuration.

There are other benefits related to the adaption of ICT which can improve well
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performance and justify the inclusion of the technology in the well design, including

improved well clean-up and increased PI values. However, these benefits can only be

quantified by assessing previous experiences in analogue wells, and cannot be demonstrated

with simulations.

The are a number of limitations and uncertainties related to the simulations and results

that we have obtained. The history matching aspect of our work helped reduce the impact

of these uncertainties to the minimum. The biggest uncertainty was associated with the

limitations of the NETool software. Realizing this, the indications and conclusions from

the results are still valid.

8.1 Future recommendations

There are a number recommendations that follow the findings in this study. By using the

configurations resulting from this study, modeling the proposed configurations in Eclipse

could be the next step to obtain more conclusive results in terms of cumulative production

and dynamic behavior. It would be interesting to see if the results regarding delayed water

breakthrough and increased oil recovery from the 2007 Reslink ICD study could be verified

with the updated reservoir model.

Retrospective evaluations of well performance is a key for improving knowledge and

completing the learning cycle. As previously mentioned, we have to learn from the past to

better predict the future. The learnings will hopefully aid in expanding the knowledge

on inflow control within Neptune Energy, and can improve future decision making when

planning new in-fill well designs. It is recommended to do similar studies for other wells

on Gjøa, that may be facing other production challenges.

When designing new wells with inflow control, the first approach should be to use

Landmark NETool. The software allows for fast and simple simulations, so that the

optimal IC technology and configuration can be found. Sensitivity analyses towards the

number of necessary swell packers, restrictive setting, type of ICT and number of units

per joint should be conducted to find the optimal solution.

Following this optimization, subsequent simulations with ICT should be performed in

dynamic reservoir simulators such as Eclipse, to see the cumulative behavior. It is not

an easy task to model an inflow control completion in Eclipse and incompetence with

such modeling can quickly lead to inaccurate results and false conclusions. It is therefore

suggested that this task is handed over to ICD experts, as they have the knowledge and

experience in doing such reservoir modeling.
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For the NETool simulations performed in this study, the software license at the

university computers was used. Admittedly, this proved to be quite time-consuming.

For future studies, it is recommended to purchase a NETool software license to perform

in-house simulations. The user manual and simple user interface makes it easy to get into

the software and learn how to use it.

An important key when it comes to incorporating inflow control in new well designs, is

the close cooperation and communication between the subsurface and well engineering

department. A good understanding of the formation and reservoir challenges establishes a

solid foundation for selecting the appropriate inflow control design.
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Appendices

All data used and obtained from the simulation work are presented here. It should be mentioned

that some of the results figures shown in the appendices are also included in Part II, if they are

necessary for the discussions. The appendices consists of:

A Input Data for the Base Case model

A.1 Well B3 NETool Well Design

A.2 Well B1 NETool Well Design

B Results from Base Case simulations

B.1 Well B3 Base Case Results

B.2 Well B1 Base Case Results

C Input Data for the ICD Cases

C.1 Well B3 NETool ICD Well Design

C.1 Well B3 NETool ICD Well Design

D Results from ICD Case Simulations

D.1 Well B3 ICD Case Results

D.2 Well B1 ICD Case Results

E Input Data for the AICV Cases

E.1 Well B3 NETool AICV Well Design

E.2 Well B1 NETool AICV Well Design

F Results from AICV Case Simulations

F.1 Well B3 AICV Case Results

F.2 Well B1 AICV Case Results

G Miscellaneous

G.1 Well Schematics

G.2 Well logs

G.3 Relative Permeability curves for well B1
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A Input Data for the Base Case model

A.1 Well B3 NETool Well Design

Figure A-1: B3-HT2 Completion setup in NETool. The upper completion was entered as
cemented blank pipe, since there is no inflow contribution here. Also, all blank pipe sections in
the lower completion were entered as packers since they were modeled accordingly in Eclipse.

Figure A-2: B3-HT2 Completion diameters in NETool. In this case, the Sand Control ID and
OD refer to the base pipe ID and OD, respectively.
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Figure A-3: B3-HT2 Base Case Completion schematic in NETool.

A.2 Well B1 NETool Well Design

Figure A-4: B1-AHT3 Completion setup in NETool. The upper completion was entered as
cemented blank pipe, since there is no inflow contribution here. Also, all blank pipe sections in
the lower completion were entered as packers since they were modeled accordingly in Eclipse.
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Figure A-5: B1-AHT3 Completion diameters in NETool. In this case, the Sand Control ID
and OD refer to the base pipe ID and OD, respectively.

Figure A-6: B1-AHT3 Base Case Completion schematic in NETool.
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B Results from Base Case simulations

B.1 Well B3 Base Case Results
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Figure B-1: B3-HT2 Case 1: Actual vs. Simulated Production
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Figure B-2: B3-HT2 Case 2: Actual vs. Simulated Production
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Figure B-3: B3-HT2 Case 3: Actual vs. Simulated Production
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Figure B-4: B3-HT2 Case 4: Actual vs. Simulated Production
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Figure B-5: B3-HT2 Case 5: Actual vs. Simulated Production
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Figure B-6: B3-HT2 Case 6: Actual vs. Simulated Production
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Figure B-7: B3-HT2 Case 7: Actual vs. Simulated Production. This will be the reference case (base case) for further simulations

V
III



A
p
p
en
d
ix

B

0

50

100

150

200

250

01.01.12 01.01.13 01.01.14 01.01.15 01.01.16 01.01.17 01.01.18

G
as

 R
at

e 
(M

Sm
3/

da
y)

O
il 

&
 W

at
er

 R
at

es
 (S

m
3/

da
y)
Actual vs. Simulated 

Pressures over lifetime

Observed WHP Observed PDHG NETool WHP NETool PDHG RESEX PDHG

Figure B-8: B3-HT2 Case 7: Actual vs. Simulated Pressures. This will be the reference case (base case) for further simulations
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Figure B-9: B3-HT2 Case 7: Flux along the well at early-life

0

5

10

15

20

25

30

35

40

45

50

3700 3798 3890 3983 4075 4175 4275 4375 4475 4568 4660 4752 4844 4937 5029 5121 5214 5307

D
H

 R
AT

E
 (R

M
3/

D
/M

)

Flux along the well

Qdh_o Qdh_g Qdh_w

Figure B-10: B3-HT2 Case 7: Flux along the well at mid-life
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Figure B-11: B3-HT2 Case 7: Flux along the well at late-life
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B.2 Well B1 Base Case Results
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Figure B-12: B1-HT2 Case 1: Actual vs. Simulated Production
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Figure B-13: B1-AHT3 Case 2: Actual vs. Simulated Production
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Figure B-14: B1-AHT3 Case 3: Actual vs. Simulated Production
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Figure B-15: B1-AHT3 Case 4: Actual vs. Simulated Production

XII



Appendix B

-0.2

0

0.2

0.4

0.6

0.8

1

1.2

0

400

800

1200

1600

2000

01.01.2012 01.01.2013 01.01.2014 01.01.2015 01.01.2016 01.01.2017 01.01.2018

G
as

 R
at

e 
(M

Sm
3/

da
y)

O
il 

&
 W

at
er

 R
at

es
 (S

m
3/

da
y)

Actual vs. Simulated 
Production Rates over lifetime

Tuned Oil Rate Tuned Gas Rate NETool Oil Rate Tuned Water Rate NETool Water Rate NETool Gas Rate

Figure B-16: B1-AHT3 Case 5: Actual vs. Simulated Production
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Figure B-17: B1-AHT3 Case 6: Actual vs. Simulated Production
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Figure B-18: B1-AHT3 Case 7: Actual vs. Simulated Production
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Figure B-19: B1-AHT3 Case 8: Actual vs. Simulated Production
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Figure B-20: B1-AHT3 Case 9: Actual vs. Simulated Production
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Figure B-21: B1-AHT3 Case 10: Actual vs. Simulated Production. This will be the reference case (base case) for further simulations
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Figure B-22: B1-AHT3 Case 10: Actual vs. Simulated Pressures. This will be the reference case (base case) for further simulations
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Figure B-23: B1-AHT3 Case 10: Flux along the well at early-life
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Figure B-24: B1-AHT3 Case 10: Flux along the well at mid-life
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Figure B-25: B1-AHT3 Case 10: Flux along the well at late-life
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C Input Data for the ICD Cases

C.1 Well B3 NETool ICD Well Design

Figure C-1: B3-HT2 ICD Completion setup Part 1. Every screen joint is equipped with a 0.3m
swellable packer for annular compartmentalization. The screen layer is equipped with inflow
control technology. Every joint is set as 12m unless a pup joint is needed for spacing out the
original completion length. Blank pipe sections are, as previously, set as packers. Applies to B3
Simulation cases 8-17.
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Figure C-2: B3-HT2 ICD Completion setup Part 2

XXI



Appendix C

Figure C-3: B3-HT2 ICD Completion setup Part 3
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Figure C-4: B3-HT2 ICD Completion setup Part 4
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Figure C-5: B3-HT2 ICD Completion diameters. Sand Control ID represents the inner diameter
of the sandscreen, while the Inflow Control OD represents the base pipe OD, where the inflow
control device is mounted. Lastly, the inflow control ID corresponds to the base pipe ID, which also
corresponds to the base case model. The diameters from 3775mMD to 3967mMD is representative
for the remaining completion, to ⇠5350mMD. Applies to B3 Simulation cases 8-17.
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Figure C-6: B3-HT2 ICD Completion Input. The input from 3775mMD to 3967mMD is
representative for the remaining completion, to ⇠5350mMD.Applies to B3 Simulation cases 8-10,
15 and 16.
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Figure C-7: B3-HT2: An example of the ICD Settings in NETool showing the input for case
15. For cases 8-10, the only thing that is changed is the Nozzle Diameter, in accordance with
Table 7. The input from 3775mMD to 3967mMD is representative for the remaining completion,
to ⇠5350mMD.
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C.2 Well B1 NETool ICD Well Design

Figure C-8: B1-AHT3 ICD Completion setup Part 1. Every screen joint is equipped with a
0.3m swellable packer for annular compartmentalization. The screen layer is equipped with inflow
control technology. Every joint is set as 12m unless a pup joint is needed for spacing out the
original completion length. Blank pipe sections are, as previously, set as packers. Applies to B1
Simulation cases 8-17.
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Figure C-9: B1-AHT3 ICD Completion setup Part 2
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Figure C-10: B1-AHT3 ICD Completion setup Part 3
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Figure C-11: B1-AHT3 ICD Completion setup Part 4

XXX



Appendix C

Figure C-12: B1-AHT3 ICD Completion diameters. Sand Control ID represents the inner
diameter of the sandscreen, while the Inflow Control OD represents the base pipe OD, where the
inflow control device is mounted. Lastly, the inflow control ID corresponds to the base pipe ID,
which also corresponds to the base case model. The diameters from 3143mMD to 3275mMD is
representative for the remaining completion, to ⇠4410mMD. Applies to B1 Simulation cases
11-14.
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Figure C-13: B1-AHT3 ICD Completion Input. The input from 3143mMD to 3275mMD
is representative for the remaining completion, to ⇠4410mMD.Applies to B1 Simulation cases
11-13.
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Figure C-14: B1-AHT3 Simulation Case 11 ICD Settings. For cases 12 and 13, the only thing
that is changed is the Nozzle Diameter, in accordance with Table 9 The input from 3143mMD to
3275mMD is representative for the remaining completion, to ⇠4410mMD.
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D Results from ICD Case Simulations

D.1 Well B3 ICD Case Results
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Figure D-1: B3-HT2 Case 8: Actual vs. Simulated Production
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Figure D-2: B3-HT2 Case 8: Simulated vs. Reference case pressures
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Figure D-3: B3-HT2 Case 8: Flux and IC pressure drop along the well at early-life
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Figure D-4: B3-HT2 Case 8: Flux and IC pressure drop along the well at mid-life
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Figure D-5: B3-HT2 Case 8: Flux and IC pressure drop along the well at late-life
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Figure D-6: B3-HT2 Case 9: Actual vs. Simulated Production

0

50

100

150

200

250

01.01.2012 01.01.2013 01.01.2014 01.01.2015 01.01.2016 01.01.2017 01.01.2018

G
as

 R
at

e 
(M

Sm
3/

da
y)

O
il 

&
 W

at
er

 R
at

es
 (S

m
3/

da
y)

Actual vs. Simulated 
Pressures over lifetime

Diff. PDHG Diff. WHP Base case WHP ICD WHP ICD PDHG Base case PDHG

Figure D-7: B3-HT2 Case 9: Simulated vs. Reference case pressures
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Figure D-8: B3-HT2 Case 9: Flux and IC pressure drop along the well at early-life
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Figure D-9: B3-HT2 Case 9: Flux and IC pressure drop along the well at mid-life
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Figure D-10: B3-HT2 Case 9: Flux and IC pressure drop along the well at late-life
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Figure D-11: B3-HT2 Case 10: Actual vs. Simulated Production
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Figure D-12: B3-HT2 Case 10: Simulated vs. Reference case pressures
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Figure D-13: B3-HT2 Case 10: Flux and IC pressure drop along the well at early-life
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Figure D-14: B3-HT2 Case 10: Flux and IC pressure drop along the well at mid-life

0

0.5

1

1.5

2

2.5

0

5

10

15

20

25

30

35

40

3700 3798 3890 3983 4075 4175 4275 4375 4475 4568 4660 4752 4844 4937 5029 5121 5214 5307

P
R

E
S

U
R

E
 D

R
O

P 
(B

A
R

)

D
H

 R
AT

E
 (R

M
3/

D
/M

)

Flux and IC Pressure Drop along the well

Qdh_o Qdh_g Qdh_w ΔP Inflow Control

Figure D-15: B3-HT2 Case 10: Flux and IC pressure drop along the well at late-life
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Figure D-16: B3-HT2 Case 15: Actual vs. Simulated Production
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Figure D-17: B3-HT2 Case 15: Simulated vs. Reference case pressures
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Figure D-18: B3-HT2 Case 15: Flux and IC pressure drop along the well at early-life
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Figure D-19: B3-HT2 Case 15: Flux and IC pressure drop along the well at mid-life
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Figure D-20: B3-HT2 Case 15: Flux and IC pressure drop along the well at late-life
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Figure D-21: B3-HT2 Case 16: Actual vs. Simulated Production
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Figure D-22: B3-HT2 Case 16: Actual vs. Simulated Pressures.
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D.2 Well B1 ICD Case Results
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Figure D-23: B1-AHT3 Case 11: Actual vs. Simulated Production
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Figure D-24: B1-AHT3 Case 11: Actual vs. Simulated Pressures
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Figure D-25: B1-AHT3 Case 11: Flux and IC pressure drop along the well at early-life
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Figure D-26: B1-AHT3 Case 11: Flux and IC pressure drop along the well at mid-life
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Figure D-27: B1-AHT3 Case 11: Flux and IC pressure drop along the well at late-life
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Figure D-28: B1-AHT3 Case 12: Actual vs. Simulated Production
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Figure D-29: B1-AHT3 Case 12: Actual vs. Simulated Pressures
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Figure D-30: B1-AHT3 Case 12: Flux and IC pressure drop along the well at early-life
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Figure D-31: B1-AHT3 Case 12: Flux and IC pressure drop along the well at mid-life
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Figure D-32: B1-AHT3 Case 12: Flux and IC pressure drop along the well at late-life
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Figure D-33: B1-AHT3 Case 13: Actual vs. Simulated Production
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Figure D-34: B1-AHT3 Case 13: Actual vs. Simulated Pressures
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Figure D-35: B1-AHT3 Case 13: Flux and IC pressure drop along the well at early-life
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Figure D-36: B1-AHT3 Case 13: Flux and IC pressure drop along the well at mid-life
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Figure D-37: B1-AHT3 Case 13: Flux and IC pressure drop along the well at late-life
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E Input Data for the AICV Cases

When modeling AICVs within NETool, the input is quite similar to that of the ICD cases. For

well B3, this includes the input data presented in Figure C-1 to C-4, as well as Figure C-5.

Similarly, for well B1 the input data presented in Figure C-8 to C-11, as well as Figure C-12 will

be the same for the AICV cases. The input that di↵ers for the AICV cases will be presented in

the following appendix.
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Appendix E

E.1 Well B3 NETool AICV Well Design

Figure E-1: B3-HT2 AICV Completion Input. The input from 3775mMD to 3967mMD is
representative for the remaining completion, to ⇠5350mMD. Applies to B3 Simulation cases
11-14 and 17.
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Appendix E

Figure E-2: B3-HT2 AICV Settings for Simulation Cases 11-13. For case 14, N Parallel
Valves are set to 2 instead of 4. The input from 3775mMD to 3967mMD is representative for the
remaining completion, to ⇠5350mMD.
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Figure E-3: B3-HT2 AICV Settings for Simulation Case 17. The input from 3775mMD to
3967mMD is representative for the remaining completion, to ⇠5350mMD.
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E.2 Well B1 NETool AICV Well Design

Figure E-4: B1-AHT3 AICV Completion Input. The input from 3143mMD to 3275mMD is
representative for the remaining completion, to ⇠4410mMD. Applies to B1 Simulation cases 14.
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Figure E-5: B1-AHT3 Simulation Case 14 AICV Settings. The input from 3143mMD to
3275mMD is representative for the remaining completion, to ⇠4410mMD.
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Appendix F

F Results from AICV Case Simulations

F.1 Well B3 AICV Case Results
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Figure F-1: B3-HT2 Case 11: Actual vs. Simulated Production.
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Figure F-2: B3-HT2 Case 11: Actual vs. Simulated Pressures.
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Figure F-3: B3-HT2 Case 11: Flux and IC pressure drop along the well at early-life
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Figure F-4: B3-HT2 Case 11: Flux and IC pressure drop along the well at mid-life
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Figure F-5: B3-HT2 Case 11: Flux and IC pressure drop along the well at late-life
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Figure F-6: B3-HT2 Case 12: Actual vs. Simulated Production
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Figure F-7: B3-HT2 Case 12: Actual vs. Simulated Pressures.
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Figure F-8: B3-HT2 Case 12: Flux and IC pressure drop along the well at early-life
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Figure F-9: B3-HT2 Case 12: Flux and IC pressure drop along the well at mid-life
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Figure F-10: B3-HT2 Case 12: Flux and IC pressure drop along the well at late-life
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Figure F-11: B3-HT2 Case 13: Actual vs. Simulated Production
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Figure F-12: B3-HT2 Case 13: Actual vs. Simulated Pressures.
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Figure F-13: B3-HT2 Case 14: Actual vs. Simulated Production
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Figure F-14: B3-HT2 Case 14: Actual vs. Simulated Pressures.
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Figure F-15: B3-HT2 Case 17: Actual vs. Simulated Production
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Figure F-16: B3-HT2 Case 17: Actual vs. Simulated Pressures.
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Figure F-17: B3-HT2 Case 17: Flux and IC pressure drop along the well at early-life
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Figure F-18: B3-HT2 Case 17: Flux and IC pressure drop along the well at mid-life
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Figure F-19: B3-HT2 Case 17: Flux and IC pressure drop along the well at late-life
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F.2 Well B1 AICV Case Results
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Figure F-20: B1-AHT3 Case 14: Actual vs. Simulated Production
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Figure F-21: B1-AHT3 Case 14: Actual vs. Simulated Pressures
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Figure F-22: B1-AHT3 Case 14: Flux and IC pressure drop along the well at early-life
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Figure F-23: B1-AHT3 Case 14: Flux and IC pressure drop along the well at mid-life
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G Miscellaneous

G.1 Well Schematics

Figure G-24: Well Schematic for well B3, [6]
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Figure G-25: Well Schematic for well B1, [9]
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G.2 Well logs

The following pictures show the well logs for the producing sections of the two wells. PHIE

designates the porosity log, while the KLOGH column shows the horizontal permeability.

Furthermore, SW shows the water saturation. The rightmost column shows the sections of the

well completed with blank pipes (closed), and sandscreens (open).

Figure G-26: Well log for well B3, [10]
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Figure G-27: Well log for well B1, [10]
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G.3 Relative Permeability curves for well B1

Figure G-28: B1-AHT3: Oil-Gas relative permeability

Figure G-29: B1-AHT3: Oil-Water relative permeability
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