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Abstract 

Water production is the primary obstacle for oil recovery with water injection from 

heterogeneous reservoirs with high-permeability streaks and fractures. The practical approach 

to solve the adverse effects of water flooding and better nanoparticle gel treatments intended 

for use as an ultimate objective of this research. Various concentrations of Laponite clay and 

HPAM interactions with different shut-in periods are simulated to examine the gel-forming.  

Both laboratory experiments and simulations were carried out. First, three different gels 

were created by changing the concentration of gel components. Then, based on laboratory 

experiments and the literature, four different gel systems were acquired and used as the basis 

for the simulations.  

The results showed that 2 % Laponite and 0.3 % HPAM interaction is a promising option 

for gel treatment. Gelation time was calculated for all cases, and it concluded that gelation time 

is high at low Laponite clay concentration. Gelation time should be less than the shut-in period; 

thus, gelation happens in the core plug. According to this research, gel treatment with a 

concentration of 2 % clay and 0.3 % polymer showed promise results of increasing oil recovery. 

Laponite-HPAM interaction in fractured core plugs can be simulated using IORCoreSim. 

It concluded that the shut-in period should be more than gelation time to form a gel.  

De-ionized water was used as the base for gel components in this thesis, and the further 

test could be carried out to see the effectiveness of seawater for gel-forming. 
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Chapter 1 Introduction 

1.1 Statement and significance of the problem 

The distributions of porosity, permeability, deposition and natural fractures are geological 

complications in the oil reservoirs (Lee and Lee, 2013). Permeability is the essential element 

for reservoir engineering calculations among numerous heterogeneous petrophysical 

parameters. Compared to a homogeneous permeability system, a heterogeneous permeability 

system causes various flows in the reservoir (Ahmadi and Chen, 2019).  

The flow mechanism becomes more complex as the variability of the permeability distrib

ution increases (Zamani et al., 2015). Therefore, even though the reservoir's average 

permeability is the same, permeability distribution leads to drastically differing improved oil 

recovery performance. It infers that a large amount of recoverable oil is left inside the reservoir. 

Sometimes, recovery factors concerning primary and secondary recovery stages do not go 

beyond 10-40% of OOIP (Zamani et al., 2015). 

Based on the several types of research carried out, polymer solution became known as a 

mature and successful EOR process (Delshad et al., 2008) 

Nanocomposite gel reduces excessive water production by boosting volumetric sweep efficie

ncy, mainly vertical sweep efficiency. Polymer and cross-linker are used in the gel treatment 

(Guo et al., 2017). Because of the strong gel created by the large volume of the polymer 

network, it is difficult to flow through tiny pores in the matrix. Therefore, the bulk gel is used 

to treat high-permeability zones around wellbores or reservoirs with fractures because of its 

slow flow capacity. In-situ microgels are made with a low concentration of polymer and cross-

linker. Until its gelation mechanism is started, the microgel can penetrate deeper into a 

formation. As a result, it is suitable for reservoirs with deep high-permeability zones or those 

without fractures. The in-situ microgels are chosen because the randomly heterogeneous 

reservoirs studied in this work have varied high-permeability zones without fractures. 

(Chauveteau et al., 2003). 
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1.2  Motivation and Objectives 

Nanofluid injections into oil reservoirs can produce more than 50% of in-place oil reserves 

(Vishnyakov et al., 2019). However, this is not achievable by conventional methods (primary 

and secondary) or even by polymers. Therefore, nanofluid flooding is a very crucial EOR 

method where nanomaterial or nanocomposite fluids are introduced into the oil reservoirs to 

have an impact on the oil displacement or ameliorate injection (Fletcher and Davis, 

2010)  (Kong and Ohadi, 2010)  (El-Diasty and Aly, 2015).  Conventional EOR methods 

consist of thermal, chemical, microbial, miscible, and immiscible gas techniques. However, 

according to the various surveys carried out, chemical EOR involving polymers, surfactants, 

or alkalis is also considered a favourable technique to enhance sweep efficiency and oil 

displacement (J.Sheng, 2013). 

Nonetheless, chemical EOR techniques can recover approximately 50% (In the laboratory, 

up to 100% if residual oil saturation is reduced oil reserves (McElfresh et al., 2012).  Thus, we 

deem a technical review on technology innovations such as nano flooding could avail both 

academia and upstream industry. In comparison to conventional chemical flooding, nano 

flooding has excellent advantages. Nanomaterials can trigger additional functions by 

modifying material surface or switching template materials, such as magnetic-responsive and 

pH-responsive characteristics. Moreover, the specific tasks of nanomaterials create opportunity 

for nanofluids to retrieve those unreachable oil reserves.  

Eventually, contrary to the molecular surfactant or polymer stabilized gels, nanoparticle-

stabilized gels are very firm even under severe reservoir conditions (Massarweh and 

Abushaikha, 2021). The main reason for such a capability is its well-organized particle layer 

at the emulsion interface. 

       The main objective of the thesis is to simulate the gel treatment process in the core plugs 

using the Laponite clay HPAM system. Several tasks of the project can be specified as below: 

1. Research on EOR methods considering nanogel treatment. 

2. To investigate clay-polymer interactions in de-ionized water experimentally. 

3. To study the possibility of simulation gel treatment placement in fractured core plugs 

(IORCoresim). 

4. To study the effect of gelation time based on the simulation result. 
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1.3 Scope of work 

This thesis is limited to laboratory bottle tests and simulation to investigate the potential of 

nanocomposite gels. The work consists of five chapters. Following the introductory chapter 1, 

Chapter 2 provides a literature review on nanofluids for EOR. The experimental approach, 

gelation time measurement and simulation of gel placement in fractured core plugs are described 

in Chapter 3. Chapter 4 provides the results of both experiments and simulation, discussions 

those results. Finally, Chapter 5 provides a concise conclusion of this study. 
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Chapter 2 Literature review 

2.1 Stages of oil production from a reservoir 

Oil recovery from a reservoir is divided into three stages that are: primary, secondary and 

tertiary recovery (Green, 2018). The first stage is called primary recovery, which means 

hydrocarbons is being produced through well by the natural energy of the reservoir. In primary 

recovery, the driving mechanism is liquid and rock expansion drive, gas cap drive, water drive 

or a combination of these drive forces (Green and Willhite, 1998). 

In secondary production, hydrocarbons are displaced towards the oil-producing wells by 

injecting water, steam or gas (Nolan, 2011). Injected fluids or gas increase the diving force 

depleted after the primary recovery due to decreased pressure as hydrocarbons are released 

from the reservoir (Ahmed, 2001). In some cases, even after secondary recovery, almost 80% 

of hydrocarbons are still in the reservoir (Green, 2018). However, up to 70% of the original oil 

in place (OOIP) can be produced from high-quality reservoirs (Lake, 1989). 

The natural energy of the reservoir depletes with time as the pressure in the reservoir drops 

with the production of hydrocarbons. Therefore, secondary oil recovery techniques such as gas 

or water injection injected to maintain the pressure in the reservoir lose their efficiency with 

decreasing pressure (as the pressure in the reservoir decreases continuously upon production 

of hydrocarbons). Therefore, pressure is a very important factor to produce hydrocarbons from 

a reservoir. 

 

2.1.1 Limitations of the secondary oil recovery 

As the pressure is finite in the reservoir and the oil production from a reservoir 

continuously decrease along with the production of hydrocarbons from the reservoir. 

Secondary oil recovery from a reservoir depends upon the properties of the reservoir and the 

nature of the reservoir fluid interactions (Jerauld et al., 2008). Mainly secondary oil recovery 

techniques depend upon pressure building in the reservoir and pushing the hydrocarbons 

towards the production wells. These techniques are not successful for all the reservoir as 

secondary oil recovery mainly involves injecting water and gas. However, the water and oil 

wettability of the reservoir is not altered during the secondary oil recovery, which is the most 

important factor in pushing the oil towards the production wells. Also, high viscosity makes 
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the oil immobile or nearly immobile, producing more oil from the reservoir in secondary 

recovery (Thomas, 2008). Therefore, tertiary recovery or Enhanced Oil Recovery (EOR) 

methods are used to produce additional hydrocarbons from the reservoir, decreasing the oil's 

viscosity and altering the water-oil wettability of the reservoir. 

 

2.2 Enhanced Oil Recovery 

EOR produces the oil retained in the reservoir due to capillary forces and high viscosity 

(Thomas, 2008). Therefore, EOR can increase production when oil reservoirs enter the second 

half of their lives (Joonaki and Ghanaatian, 2014). In the phase of EOR, advanced techniques 

and processes are applied to produce oil that is still in the reservoir after primary and secondary 

production. These techniques have proved to increase the production from reservoirs 

significantly (Thomas, 2008).  According to the Norwegian Petroleum Directorate  (NPD), 

about half of the large resources on the Norwegian Continental Shelf (NCS) require EOR 

techniques (NPD, 2021) which makes EOR very important for the life of an oil field in NCS. 

 

2.2.1 Enhanced oil recovery methods 

EOR techniques require an injection of fluids into reservoirs that interact with the Crude 

Oil- Brine – Rock (COBR) system and simulate the increased production from the reservoir 

(Green, 2018). These methods raise the reservoir's macroscopic and microscopic sweep 

(volumetric sweep) efficiency (Stosur et al., 2003). Chemical, miscible injection, forefront, 

thermal, microbial and CO2 injection can be considered as the methods of EOR (Vishnyakov 

et al., 2019) (Figure 2.1). According to EOR can be classified into four different processes 

(Taber et al., 1997) given as: 

 Chemical flooding 

 Thermal methods 

 Gas injection 

 Emerging EOR processes  
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Figure 2.1 Enhanced oil recovery methods(Vishnyakov et al., 2019) 

 

                                       

2.2.2 Chemical EOR 

Chemical EOR can be divide into three classes: 

 Polymer flooding 

 Surfactant flooding 

 Alkaline flooding 

The use of chemical products such as alkalis, polymer surfactants and polymers to increase 

the oil production is called chemical EOR (Druetta et al., 2019). These dilute caustic and 

alkaline solutions use chemical formulation to increase capillary numbers (magnitude of 

viscous forces; viscosity, velocity). It decreases the mobility ratio (mobility of injected fluid, 

i.e. EOR fluid divided by mobility of fluid displaces, i.e. Hydrocarbons). Thus, chemical EOR 

is the method that avails to change the properties of water in a reservoir by chemical reactions; 

it alters reservoir fluid properties and increases oil recovery. 

So, water instead of oil can be the dominant fluid in the production stream. Nonetheless, 

the proportion of water injected into the reservoir interferes with the quality of produced oil 

(Aronofsky and Ramey, 1956). It leads up to 50% of oil left in the reservoir after water 

flooding. Adding chemical compounds into the injected fluids causes chemical flooding in the 

reservoir. It leads to either decrement in interfacial tension between the reservoir oil and the 

injected fluid or an increase in the viscosity of the injected fluid. 

The main idea of polymer flooding is to raise the viscosity of the injected fluid, and high 

viscous fluid has low mobility. Another process of chemical flooding is used to reduce the 
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interfacial tension between the reservoir and injected fluid, and it is introduced as alkaline 

flooding. In addition to that, surfactant without alkaline is also a possible option.  

Conventional EOR methods have increased the production of developed oil reserves by 

up to 50%. However, these methods cannot realize the full potential of the reservoirs (Negin et 

al., 2017).  

The application of nanofluids (in polymer flooding) for EOR has gained significant 

importance in recent years (Zhou et al., 2020). In addition, injecting nanoparticles is an 

important technique for EOR to increase production (Youssif et al., 2018). 

 

2.3 Polymer flooding and Rheology 

A high oil production rate can be maintained by injecting a large volume of water into the 

reservoir (Vishnyakov et al., 2019). However, it triggers an increment of the proportion of 

water in oil production. Therefore, the viscosity of injected water is increased so that amount 

of water injected into the reservoir can be decreased. To increase the viscosity of the water 

injected into the reservoir for EOR, polymers are added into water that improves the mobility 

ratio of the injected fluid (Mohsenatabar Firozjaii and Saghafi, 2020), which results in a better 

volumetric sweep leading to the accelerated oil production and decreases the proportion of 

water in the production. 

The polymer solution is prepared by adding polymers in water, where a polymer is long-

chain molecules having repeated subunits (Vishnyakov et al., 2019). Adding water-soluble 

polymers in the fluid to be injected for EOR increases the injected fluid's viscosity 

substantially, resulting in more oil pushing than regular water flooding. Even as small as 0.01-

0.1% of polymers addition increases the viscosity of the final polymer solution by 3-4 times. 

Polymers drive more residual oil from the pore surface as the driving force of injected fluid 

increases on polymers' addition. 

Polymers can be divided into two types, biopolymers and synthetic polymers (Sheng, 

2011). Both have their advantages and disadvantages for a specific reservoir and prevailing 

conditions. It is very important to choose a polymer that has a favorable mobility ratio for the 

reservoir. Where mobility ratio is the ration of displacing fluid to that of displaces fluid. 
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 Unfavored able fluid may create  fingering effect in the reservoir and make it difficult to 

recover petroleum (Zerkhalov, 2015), as shown in Figure 2.3 below: 

The efficiency of polymer flooding depends on the non-Newtonian behavior of polymer 

solution, as shown in Figure 2.3. A non-Newtonian does not follow the laws of viscosity. 

Therefore, the viscosity of a non-Newtonian polymer solution has non-linear relation with both 

in-situ shear rate and flow rate (injection rate), as shown in Figure 2.3. 

Polymer solutions contain dissolved polymers (e.g., a substance that has been plasticized) 

or Xanthan biopolymer and partially hydrolysed polyacrylamide (HPAM) (Wever et al., 2011). 

Owning to its availability and reasonable cost, HPAM is more prevalently utilized in chemical 

EOR than xanthan biopolymer. When the flux of xanthan or HPAM polymers solution is in the 

Figure 2.2 Left, using of inappropriate polymer creates fingering effect. Right, using 
appropriate polymer pushes all the petroleum towards the production well (Zerkhalov, 

2015). 

 

Figure 2.3 Viscosity model of a nonnewtonian fluid (Zerkhalov, 2015). 
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process, shear-thinning behaviour arises. (Chauveteau, 1981) (Liauh and Liu, 1984); 

Nevertheless, this behaviour is less observed in HPAM polymer solution (Seright et al., 2010).  

Disparate factors like shear rate, degree of hydrolysis, polymer concentration and 

molecular weight, hardness, salinity and temperature can impact the viscosity of HPAM 

polymer (Lee et al., 2009). The constriction existing in pores is the main parameter that hastens 

the presence of shear-thickening behaviour. Therefore, when there is a flow of polymer solution 

throughout the porous media, the stretching or contraction of polymers chains can be noted, 

determining the appearance of the viscoelastic behaviour (Koh et al., 2016). The viscoelastic 

behaviour is always linked to high molecular weight. Thus, near the wellbore zone (where a 

high shear rate comes across), low molecular weight HPAM polymer solution doesn’t exhibit 

shear-thickening behaviour (Jennings et al., 1971). 

Moreover, polymer rheology showed higher deviation from Newtonian behaviour at a high 

concentration that prevailed at a low shear rate. (Zhu et al., 2021) pointed out at polymer 

concentration equal to or less than 0.05 wt.%, the polymer viscosity remained constant. 

Lately, researchers have been more attracted to show assiduous efforts on studying the 

potentials of viscoelasticity of HPAM polymer solution to develop displacement 

efficiency (Wang et al., 2001). They have investigated the impact of the viscoelastic 

characteristic of polyacrylamide on the decrement of residual oil in ‘’dead ends 

experimentally’’ and figured out that the higher the viscoelastic properties, the higher dragging 

of the remnant oil out of pores will be attained. Consequently, to enhance both volumetric 

sweep and displacement efficiency, high molecular weight HPAM polymers were applied in 

field projects. Based on the obtained results, the polymers with shear-thickening behaviour can 

avail the diversion of fluid into the layer with less permeability and escalate displacement 

efficiency (Li, 2015) (Banerjee and Tyagi, 2011) (Coste et al., 2000). Despite that, shear-

thickening behaviour would crack the formation (near-wellbore zone) and entail the polymer 

chain's injectivity hardships and striking degradation (Li, 2015). So that, shear-thickening 

increases as the high molecular weight polymer solution is introduced into the high 

permeability layers.  This behaviour can trigger a microfracture and dwindle the shear stress, 

and regress polymer to shear-thinning behaviour.  

No further test was carried out for higher concentrations of laponite-PEG based gels 

because of problems with its application in this research (Adijat, 2019). Since the goal of this 

research was to form a gelant solution which should be easily injectable before it transitions 
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into a rigid gel in the reservoir, the shear induced gelation property of laponite-PEG solutions 

will restrict their application for this purpose.  The presence of a significant gel structure was 

observed for higher concentrations of Laponite-HPAM and Laponite-Gellan gum solutions. 

The strength of the gels formed also appeared to increase with increasing concentration of the 

Laponite. Laponite-HPAM solutions were also observed to form stronger gels when 

compared to Laponite-Gellan gum solution. The intercalation of the polymer chains and clay 

particles to form a rigid gel structure confirm the advantageous effect of the nano-clay and 

polymer network present in NC gels. 

 

 

2.4 Functions of nanomaterials in nano-flooding 

Recently nanoparticle flooding has received attraction from the industry as a replacement 

for surfactants and polymers (Kamal et al., 2017) due to their unique properties, which are 

given below. 

 

 2.4.1 Wettability alteration 

The tendency of a fluid to spread on a solid surface is called wettability. Wettability 

alteration is one of the well-known terms for EOR in oil-wet and mix-wet formation, which is 

defined as the tendency of the surface of the rock or solid for a liquid in the presence of liquids 

(immiscible) (Wang et al., 2001). This tendency or affinity of rock surface towards the 

nanoparticles results in occupation of pore spaces by the nanoparticle. In EOR, the wettability 

of the reservoir rock is changed from oil-wet to water-wet (Mohammed and Babadagli, 2015). 

This process pushes the oil in the reservoir towards the production well. 

The oil trapped in the reservoir for millions of years before recovery processes were 

started, reservoirs usually show oil-wet or mix-wet formations because of long-term surface 

contact between formation and oil reserve (Peng et al., 2017). Changing formation wettability 

will end up with an increment in the mobility of the oil phase as capillary force decreases. 

Many studies have been carried out to emerge the general mechanism of wettability alteration 

in different kinds of literature. There are two common explanations of general mechanism. It 

is either surfactant absorbing on rock surfaces changes wettability or natural lyophilic 

surfactant generated by crude oil oxidization removed by ion pairs. Considering the effects of 
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nanoparticles on wettability alteration, much research was reported by Giraldo and Maghzi 

(2013). They found that particle size, co-surfactant, pH value and ion strength can alter the 

wettability of formation (Peng et al., 2017) 

If the medium is oil-wet, the waters are trapped inside the pores, and the oil remains 

attached to the wall of the reservoir rock, as is shown in Figure 2.4. Therefore, it can be 

observed in Figure 2.4 that oil (darker material) is in contact with the particle. However, 

nanoparticles break the bond between the oil and surface of the reservoir, increase the water 

wetness increasing the production of oil (Maghzi et al., 2011) as shown in Figure 2.4 that water 

(light coloured) is in contact with rock particles. 

 

2.4.2 Reduction of IFT  

To increase the oil recovery ratio, it is very common to reduce IFT between oil and water 

(Arekhov et al., 2020).  IFT (as a standard parameter) is used for surfactant characterization for 

chemical flooding. From the literature, it is well-known that the lowest oil-water IFT by 

molecule surfactant is between 10-2 and 10-3 m N\m. However, such small interfacial values 

cannot be achieved in nanofluids system, development of nanomaterials comes out as a 

discussible topic by researchers. Using hydrophobic and hydrophilic characterization of 

nanoparticles, Gennes created a particle called Janus particle. Janus particle can reduce IFT 

(Peng et al., 2017), resulting in increased oil recovery from the reservoir. 

 

Figure 2.4 Showing oil wettability of the reservoir (left). Increase in water wettability after injection of EOR fluids(Maghzi 

et al., 2011). 

 

 

 

 



   12 

 

2.4.3 Controllable viscosity 

The ratio between the displacing and displaced is called the mobility ratio (Peng et al., 

2017). A high mobility ratio with higher sweep efficiency and more negligible fingering effect 

in the reservoir is desired for more efficient oil displacement. Nanofluid is commonly used to 

increase displacing fluid viscosity, and it tends to reduce oil viscosity. High displacing fluid 

viscosity and lower oil viscosity causes a boost in oil production (Peng et al., 2017). If the 

viscosity of the injected fluid is increased, it will, in turn, increase the oil displacement 

efficiency (Khan et al., 2018).  

The use of nanoparticles can significantly lower the interfacial tension, increase water 

wettability of the reservoir, and improve the rheological properties, increasing the oil 

production from a reservoir (Mohammed and Babadagli, 2015). Experiments have shown that 

the use of nanomaterials increases oil recovery between  35 – 50 per cent inhomogeneous pore 

medium (Suleimanov et al., 2011). 

 

2.4.4 Factors controlling the success of Nano flooding 

The application of nanotechnology is an advanced method for EOR operation. The 

assessment of nanomaterials is an important process determining if they satisfy the criteria to 

implement EOR without damaging the reservoir (Peng et al., 2017). Nanomaterial structure, 

morphology and surface modification formation salinity, temperature and pH value can affect 

nano flooding quality. 

 

2.5 Morphology of nanoparticle. 

The morphology of nanofluids is the main concern for EOR operation. The scale difference 

between nanoparticle size and pore size is an important criterion for successful nanofluid 

operation (Peng et al., 2017). A possible physical limitation in nanofluids can be the size of the 

pore throat compared to nanoparticle size. Formation damage will happen if the nano particles' 

size is greater than the size of pore throats. 

Aggregation of nanoparticles is the formation and growth of clusters controlled by particle 

chemical transport, and interfacial chemical reactions can also cause blocking of pores even 
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though the individual nanoparticles are much smaller than the pore in Figure 2.5 (Al-Hajri et 

al., 2018)  

 

 

Figure 2.5 Mechanism of Aggregation in nanoparticles (Al-Hajri et al., 2018) 

Oil emulsification is also influenced by the shape and morphology of the nanoparticle 

(Peng et al., 2017). Therefore, the shape of nanoparticle also plays an important role in surface 

coverage.  

 

2.6 Polymer gels 

A huge amount of water production often accompanies oil and gas production from the 

reservoirs (Kantzas et al., 1999). Excessive water production from the oil and gas reservoirs is 

one of the major problems faced by the petroleum industries worldwide. Gels have been 

successfully used for many years to control water production. The Polymer-solvent system is 

the base of polymer gels (Banerjee and Tyagi 2011). This system holds a large amount of 

solvent by a three-dimensional network which consists of polymers and aggregates. Polymer 

gels can be categorized into two types: physical and chemical gels. Physical gels are classified 

because of intermolecular association by van der Waals, electrostatic and hydrogen-bonding 

interactions. Chemical gels are a combination of polymer network which cross-linked in a large 

amount of solvent. In the point of thermal reversibility, chemical gels are thermally irreversible 

as being different from physical gels. 
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2.6.1 In-situ Gel (Traditional method) 

    Several chemical materials such as polymers, crosslinkers, and additives can be 

combined and create cross-linked polymer known as in-situ gels (Temizel et al., 2016). Two 

adjoining polymer molecules are connected chemically and physically by the cross-linking 

agent. The liquid form of this composition is called a gelant. The gelant in an in-situ system is 

injected into the formation and the gel forms under reservoir conditions. The generation of the 

gel depends on the various condition in the reservoir, such as increasing temperature and pH 

alteration. Gel strength is controlled by changing the gelants composition and surrounding 

condition. From Figure 2.6, it is obvious that the strength of gel can be classified as either weak 

or very strong (Imqam, 2015). 

 

 

Figure 2.6 Gel composition (Imqam, 2015) 

 

 

2.6.2 Preformed gel systems  

     Preformed gels are generated in the surface facilities and inject into the formation 

afterwards (Seright, 1997). In a reservoir condition, we do not observe the gelation process. 

Using this kind of gel, the preformed gel can solve the problem related to the in-situ gel system. 

The problems are described as below: 
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1. Dilution of formation water, the adsorption and chromatography of chemical 

composition and shear by pump, wellbore, porous media dwindle the cross-linked 

reactions of gel. 

2. Some damages on the inefficient low permeable zone. 

Preformed gels are classified in Figure 2.7 by their particle size, developer, applications 

swelling ratio and swelling time (Imqam, 2015). 

 

 

Figure 2.7 A summary of preformed gel systems (Imqam, 2015) 

 

2.6.3 Bright water 

Bright water is one type of systems developed by BP, Nalco, and Chevron. Bright water, 

significantly small particle size (0.5 mikron), is injected with injection water in the reservoir 

(Roussennac and Toschi, 2010). As the particle’s sizes are significantly small, it allows the 

particles to propagate through the rock’s pores with the injected water. While it passes through 

the reservoir, the polymer gradually warms toward the reservoir temperature. As a result, it 

swallows its original volume many times, blocking pore throats in Figure 2.8. Various 

parameters such as salinity, reservoir temperature and targeted thief zone properties affect the 

ability of bright water particles.  
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Figure 2.8 Mode of activation of the particulate reagent (Imqam, 2015) 

  

 

2.6.4 Microgel 

     The cross-linked polybutadiene particle latex can be the base of the microgel, which 

named after considering the size of the particle (less than 1000 nm) in Figure 2.9 (Yuan et al., 

2019). Microgel can swell easily in an organic solvent. Microgels are dispersed in a solvent, 

and this solvent helps it to swollen. Molecular forces such as covalent or strong physical force 

act as a stabilizer to hold polymer network in microgel. The main use of microgel is water shut 

off and conformance control operations (Imqam, 2015). The following parameters classify the 

microgel:  

 The particle size of the microgel is in the range of 10-1000 nm. 

 The microgel can disperse in a solvent. Thus it leads to swallowing in microgels. 

 With the help of strong physical forces in microgel, make a covalent and stable 

structure. 

 

The water-soluble, non-toxic, soft, stable, and size-controlled microgels injection 

method was developed (Chauveteau et al., 2003). It is shown that microgels can easily 

adsorb rock pore surfaces in rocks, forming soft monolayers with a thickness equal to their 

size. Consequently, water permeability can be controlled by adjusting this thickness during 
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the manufacturing process. This study represents the utilization possibility of such 

microgels for water shutoff (WSO) treatments. 

 

 

Figure 2.9 Microgel particles (van der Schaaf et al., 2016) 

  

                                  

2.6.5 Preformed particle gel (PPG) 

       The characteristic of PPG is the same as a preformed gel (Sun et al., 2020 ). Gelation 

happens in the surface facility before injecting it into a reservoir in the PPG system, which 

means there is no gelation process in the reservoir. PPG gels are one of the super sorbent 

polymers which have different behaviour from unswollen in-situ gels. It has a high absorption 

ability, which can absorb a large quantity of fluid in an aquifer. Some experiment in Figure 

2.10 clarified that PPG could absorb many fluids, and it is not easy to discharge absorbed fluid 

(Imqam, 2015). 

       Particle size in PPG gel can be adjustable on a scale of micrometres and millimetres. 

Particles swelling ratio varies from 30 to 200 times of original volume. The concentration of 

brine solution is used to control the particle size (Imqam et al., 2017). 
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Figure 2.10 PPG particle before and after swell (Imqam et al., 2017) 

  

                                        

2.6.6 pH-sensitive polymer 

pH-sensitive polymers were used in the (Al-Anazi and Sharma, 2002) experiment as a 

conformance controller. The sensitivity of polyelectrolytes is observed, and pH, ionic change 

and polymer concentration are considered the leading cause of this sensitivity. For example, 

pH-sensitive polymer shrinks to a low viscosity case of acid possibility in the reservoir. As 

well as swelling and adsorbing water are observed when pH increases. The chemistry theory 

of the swelling process in the gel was explained by (Al-Anazi and Sharma, 2002) (Figure 2.11). 

In the chemical process in the polymer chain of polyacrylic acid, ions interact with the hydroxyl 

group; this electrostatic repulsion force causes the polymer to uncoil. This procedure causes 

viscosity increment.  

 

Figure 2.11 Swelling of Polyacrylic acid swelling within ionization (Al-Anazi and Sharma, 2002) 
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2.7 Simulation of gelation and gel placement 

There is a study about the simulation of gelation (Yuan et al., 2000a). Therefore, two 

simulations are possible to carry out considering the two types of gel treatment: near-wellbore 

and in-depth gel treatments.  

In-depth gel treatment injects gel deep into high permeability layers and diverts the 

subsequent water flow into lower permeability layers (Tsau et al., 1985).  

Regarding heterogeneity of reservoir and high-water production in petroleum fields, 

wellbore gel treatment is used to plug the large pores of these formations to reduce 

permeability. Thus, it is a remedial method applied for conditioning high permeability 

formations and prevents undesirable problems that cause a high cost to the oil industry (Scott 

et al., 1987). 

Instead of laboratory test, which is a costly procedure and has limited capacity, simulation 

methods are used to research the gelation process. (Khamees, Flori, and Wei, 2017). One of 

the studies on the simulation of in-depth gel treatment is carried out by Khamees. They used 

commercial “CMG-STARS “simulator to demonstrate the effectiveness of in-depth gel 

treatment in correcting the heterogeneity in a thick reservoir. The model consists of one injector 

and three producers with three layers of different permeabilities and thicknesses. This research 

concluded that injecting low PV (pro-vesicular) of gel into high permeability layers of the 

reservoir could raise the oil productivity. In addition, he studied to reveal the effects of gel 

degradation on reservoir performance by using three scenarios: no degradation, two years, and 

four years degradation. The results showed that the runs without degradation yielded a higher 

recovery factor regardless of the injected PV. When the gelant was injected into only high 

permeability layers, higher incremental oil and higher oil recovery factors were obtained than 

runs when the gel is injected into all three layers. Moreover, the more homogeneous the 

reservoir is, the higher the recovery factor could be obtained. The appropriate time for gel 

injection is investigated too. It was found out that the best time to start gel treatment is when 

the water cuts are higher than 80% because of the recoverable oil content in high permeable 

layers before that time. Other tests were run to discover the importance of injecting gel and 

polymer together. When the gel was injected into all three layers with four years of gel 

degradation and two years of polymer degradation, the results showed that polymer flooding 

followed by gel treatments produced better results than gel treatment followed by polymer 

flooding (Yuan et al., 2000a). 
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Two principal factors responsible for the low sweep efficiency are the heterogeneity of 

reservoir and improper mobility ratio of displacement (Mack and Smith, 1994). An in-depth 

fluid diversion technique deploying low concentration flowing gel (LCFG) is an attractive 

method for altering reservoir heterogeneity and enhancing the mobility ratio of displacement. 

LCFG serves as both a flooding and plugging agent, considering its capability to flow in the 

porous media. The limitation of the near-wellbore treatment by high concentration squeezing 

is surpassed since the LCFG can penetrate deeply in the reservoir, especially when a large 

LCFG is injected.  Consequently, a successful rate in the test was acquired relative to near-

wellbore treatment (Fielding et al., 1994). Low-concentration polyacrylamide with cross-

linking agent forms the LCFG. The expense could have dwindled considering the amount of 

polymer deployed is just one to two-thirds of that conventional method. It showed very 

promising potential for future application. (Han et al., 1998). 

However, in several numerical simulation studies, the behaviour of the LCFG was still 

described as a near-wellbore treatment or flooding agent.  Because the features and 

physicochemical properties of the LCFG were not taken into account in these numerical 

simulation studies, the substantial deviation could be the consequence. (Yuan et al., 2000b). 

These neglected properties are LCFG formation, character, and permeability reduction, 

principally the mobility in the reservoir. Therefore, a numerical simulator with 3D, 3 phases 

and nine components was constructed. It possessed the function of stimulating LCFG injection, 

in-depth profile modification, chemical gel near-wellbore treatment, polymer flooding, and 

conventional water flooding (Yuan et al., 2000c). The effects of polymer concentration, the 

gelation time, the kinetic of reaction on the formation of LCFG, the influence of transition 

pressure of LCFG on the mobility of LCFG in porous media and the effects of viscosity and 

permeability reduction on the plugging function were taken into account in this model. 

(Khamees et al., 2017).  Polymer flooding technique is applied commercially with great success 

in numerous oilfields of China, and the average increased recovery is approximately 13.7%. In 

some critically heterogeneous reservoirs, oil recovery can be enhanced more by LCFG 

injection than polymer flooding. Furthermore, LCFG injection can be used to develop recovery 

further in polymer flooded reservoirs. In the pilot area, the recovery of the reservoir was 

increased up to 51% by polymer flooding. So, 49% OIP remained in the reservoir; an LCFG 

injection pilot test was developed to sweep further efficiency and ultimate recovery (Yuan et 

al., 2000b). Numerical simulation analysis by using the simulator POL-GEL was implemented 

for both pilot design and LCFG injection mechanism survey. POL-GEL is a simulator with 3-
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dimension, 3-phase (oil/gas/water), 9-component (oil/gas/water/polymer/crosslinker/ 

gel/univalent/divalent/additional sensitive component) (Khamees et al., 2017). 

The procedure of simulation studies is as below: 

1. The simulation study and history match of water flooding, polymer flooding and 

LCFG injection were conducted to verify the simulator (POL-GEL) and formulate 

parameters for field application. 

2. The history match of the polymer flooding within the test area was studied to 

understand the initial condition. 

3. The numerical simulation study of LCFG injection was conducted to predict the scope 

of EOR and evaluate the economic efficiency. 

The simulator POL-GEL is created to possess the basic functions of general models. 

Still, it can also be utilized to simulate all types of gelling polymers that have lately evolved. 

The model considered the essential mechanism, basic physicochemical phenomena, and 

influencing factors of gelling polymers. Apart from polymer flooding and profile alteration 

by gelling polymer, which is primarily concerned with gel formation, the model also includes 

permeability reduction and flowing capacity. Thus, it can be used for water flooding 

simulation and prediction, polymer flooding, near-wellbore treatment and in-depth fluid 

diversion of LCFG with high or low concentration polymer. This simulator has been tested in 

the lab and the field, and it has a high stimulation capacity and flexibility in terms of 

deployment (Han et al., 1998). 

 

2.8 Laponite clay 

Laponite is a silicate synthetic clay mono-dispersed with a disk of diameter ranging from 

25-30 nm with a thickness of 0.92 nm (Kroon et al., 1996). One octahedral magnesia layer in 

two tetrahedral silica layers on each side forms a Laponite disk. Some of the magnesium ions 

substitute isomorphic ally by lithium ions can pose a minimum positive charge in the octahedral 

layer (Shahin and Joshi, 2012). The other faces of a particle having extra electrons share with 

the sodium atoms. The sodium atoms stay between the disk as Laponite disks in stacks (Joshi, 

2007). Laponite disks swell in aquas media in case of water existences. It causes the 

disassociation of Na+ ions that comes from stacks due to the osmotic gradient. Disassociation 

of Na+ ions leads the Laponite particles to a negative charge (Tiwari et al., 2014). MgO and 
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MgOH form the edge of laponite particle as broken crystals. This process obtains a positive 

charge at low pH and a negative charge at high pH (Lin et al., 2021). Van der Waals force is 

observed between Laponite particles. The ionic concentration of Laponite particles increases 

in the presence of salt, which can be considered as obstacles for chargers on particles while 

affecting the electrostatic interactions among particles in the same way. Watery suspension of 

Laponite has been a well-known research area considering complex inter-particle interactions. 

Various characterisation methods have been used to find out a microstructure of aquas 

suspension of Laponite. Light scattering (Cummins, 2007), x-ray scattering (Ruzicka et al., 

2011), micro rheology (Pujari et al., 2011), rheology (Mourchid et al., 1998), visual observation 

(Ruzicka et al., 2011), microscopy (Pujala, 2014), and simulations (Rich et al., 2011) is utilized 

by a function of Laponite concentration (CL) and salt concentrations (Cs).  

Over the last two decades, various phase diagrams have been proposed, modified, and re-

proposed. It is observed that for CL <1weight %, suspension undergoes phase separation. 

Laponite suspension, above a concentration of 1 weight %, often undergoes a phase transition 

from a free-flowing liquid to a soft solid over hours to months, depending on CL and Cs 

(Ruzicka et al., 2011). Laponite suspension flows from the liquid phase to a soft solid within 

hours or months; it depends on Laponite and salt concentration. The average time for phase 

transition for soft solid is smaller at higher values of CL or Cs in Laponite suspensions. This 

soft solid forming resulted in a gel by linking the negative faces and the positive edges with a 

concentration range between one and two-weight %. No microstructure create a soft solid-like 

state at a concentration of Laponite suspension above 2 weight % (Ruzicka et al., 2011). One 

study represents that Laponite particles act as repulsive glass at this concentration regime; 

particles remain reserved; thus, there is no collide within neighbour particles due to the 

repulsion among the negative charge faces. Opposite to the above proposal, other studies show 

gel formation with edge to face bonds, leading to a fractal network. According to some 

investigations, Laponite suspension systems can behave either repulsive glass or attractive gel 

state at the Laponite concentration rate of 1.8- 2 weight % (Mongondry et al., 2005). 
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Chapter 3 Experimental and simulation methods 

Experimental procedure and materials used in this thesis are presented in this chapter. The 

experiments were carried out to investigate clay-polymer interactions in de-ionized water.  

3.1 Chemicals 

Polymer and clay are used as primary chemicals for creating gel considering gel 

components' molecular and chemical structure (Rezazadeh et al., 2020). 

3.1.1 Polymer 

Hydrolysed polyacrylamide (HPAM) was selected for investigation in this research because 

of its popular use in polymer gels(Seright and Brattekas, 2021). HPAM (Flopam 3630) of high-

molecular-weight 18,000,000 Daltons from SNF S.A.S was used (Wehle, 2013). 

3.1.2 Clay 

Laponite RD (from Alfa Aesar) with the composition Na+0.7 [(Si8 Mg5.5 Li0.3) O20(OH)4]-0.7 is 

a synthetic layered silicate clay with an average lamellar structure diameter of 25nm and average 

lamellar thickness of 1nm (Shahin and Joshi, 2012). 

 

 3.2   Equipment/Materials  

The experimental procedure and materials used are listed below:  

1. Magnetic stirrer: Heidolph MR hei-standard stirrer was used for mixing solutions  

2. Vortex Shaker: For mixing test tube gel solutions 

3. Oven: For heating gelant solutions at 50°C  

4. Weighing balance: A Mettler Toledo PB303 balance was used to measure all chemicals 

and solutions  

5. Test tube/conical flask: For storing NC gels  
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3.3 Characterisation of Laponite-HPAM interactions 

Clay-polymer interactions in de-ionized water are examined. This procedure was 

implemented by examining laponite-polymer interactions. The results from different tests are 

then compared and, the most promising gel composition is selected.  

 

3.4 Examination of Laponite-polymer gelation properties  

This section presents the examination of laponite clay interaction with the different 

concentration of polymers. The experimental procedure is described below.  

 Polymer solutions:  

Bulk polymer solutions were prepared and then diluted to desired concentrations. For example, 

bulk polymer solutions of 0.03 wt% and 0.3 wt% were prepared by adding powdered polymer 

to deionized water. When preparing the lower concentration (0.03 wt%), 0.03g of polymer was 

added to 99.97g of deionized water while mixing with a magnetic stirrer for 2 hours. 

Conversely, for the higher concentration, 0.3 g of polymer was added to 99.7g of de-ionized 

water while mixing with a magnetic stirrer for 2hours.  

 Laponite dispersions:  

Various concentrations of laponite dispersions were investigated. However, the method of 

preparation remained the same, (a) desired amount of clay was measured, (b) clay was added 

into a pre-measured amount of deionized water while mixing with a magnetic stirrer, (c) 

Dispersion was mixed until a clear homogenous dispersion was obtained. It is essential to 

mention that due to the ageing of laponite dispersions, the dispersions were prepared a few 

minutes before their use  

 Nanocomposite gel preparation:  

The steps for preparing nanocomposite gels are described as follows: (a) desired quantity of 

polymer was measured and placed into a test tube, (b) desired quantity of clay solution was 

then measured and added to polymer solution from ‘a’, (c) solution from ‘be was then mixed 

with a vortex mixer at speed 7 for about 1min.  

 Gel characterisation:  
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Screening and characterisation of prepared nanocomposite gels were carried out by simple 

inversion or/and shaking of the tubes with a vortex mixer at speed 1 for 30secs and then visually 

inspecting gel status. Gels are then characterized based on the gel code described in Figure 4.1. 

 

3.5   Simulation Part 

We present a simulation of produced water for the core plug, compared with data, gel 

injection in a core. The simulator IORCoreSim is used to investigate gelation with different 

Laponite clay and HPAM concentrations, injection time, gel location and their effect on 

recovery. IORSim modifies the reservoir permeability due to the gelling, and the macroscopic 

sweep is improved. 

 

3.5.1   IORCORESIM: Mathematical Model 

All simulations were run using IORCoreSim, a development of BugSim (Lohne et al., 2019). 

IORCoreSim is a core scale simulator developed at the IOR Centre of Norway, aimed to handle 

SCAL and EOR experiments (Lohne et al., 2017) and help upscale EOR processes from lab to 

field.  The main flow field is obtained from a finite-difference discretization, using a sequential 

solution method for pressures and saturations. First, the oleic pressure field for the new time 

level is calculated from the linearized pressure equation, keeping the saturation-dependent 

variables fixed at their values from the previous timestep. Subsequently, the new saturation 

field is found by solving an additional saturation equation formulated in terms of the fractional 

flow of water. The fractional flow equation is solved implicitly with respect to the saturation 

dependent variables kr (relative permeability) and Pc (capillary pressure), while keeping the 

oleic pressure and total flow rate from the pressure solution fixed. Phase velocities obtained 

from the new saturation solution are then used to compute component transport velocities. The 

latter is not necessary if only two components, one aqueous and one oleic, are defined. 
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3.5.2 Simulation Input 

 The main input parameters required to run the simulator are 

• Core dimensions and properties (diameter, length, porosity, permeability) 

• Fluid properties (viscosity, density, oil/water IFT) 

• Gel properties (modelled in terms of compressibility, porosity, permeability)  

• Saturation functions (relative permeability, capillary pressure) 

• Boundary conditions (pressure, contacting fluid) 

 

3.5.3 Grid Description  

The 3D grid is a simple corner point geometrical grid with a dimension of 240 x 31 x 7 grid 

blocks, dx, dy and dz. Individual sizes for all blocks are nx=0.03 cm in x-direction, ny=0.11 cm in 

y-direction and nz=0.48 cm in z-direction, Figure 3.1. 

 

 

Figure 3.1 Core view from the top       
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3.5.4 Well Information 

This part gives an overview of the information of the wells. First, two vertical wells are drilled: 

injection well and production well with (11;16;4) and (230;16;4) coordinates, respectively, Figure 

3.2. 

 

Figure 3.2 View of wells from top 

 

                                                                      

3.6 Gel time calculation 

The gelation time is the amount of time it takes for the plastic encapsulant in the liquid 

form to transform into a gel (Ardebili et al., 2019). The encapsulant in the gel form is a highly 

viscous material that can no longer flow or be smeared into a thin coating.    

The gelation rate is calculated as below (Lohne, 2020): 

𝑑𝐶𝑔

𝑑𝑡
= 𝑟𝑔𝐶1

𝛼1exp(∑
𝑖=2

𝑛𝑔𝑣  𝛼𝑖𝐶𝑖
𝛽𝑖 +

𝐸𝑎𝑔

𝑅
(

1

𝑇𝑟𝑒𝑓
−

1

𝑇
))                        (1.1) 

 

                                                        
𝑑𝑐𝑔

𝑑𝑡
= −𝑌𝑔1

𝑑𝐶1

𝑑𝑡
 

 

C1 represents the main component being converted to gel, rg is the correlation coefficient for 

gelation rate, and the temperature T is in °K and R=0.008314 kJ/(K·mol). To compare with 
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laboratory measurements, Eq. (1.1) can be integrated to give the gelation time, which in the model 

is the time when a critical gel concentration Cgcr is reached. 

 

𝑡𝑔𝑒𝑙 =
𝐶1,0
1−𝛼1

𝑘(1−𝛼1)
(1 − (1 −

𝐶𝑔𝑐𝑟

𝑌𝑔,1𝐶1,0
)
1−𝛼1

)   (1.2) 

 

𝑘 = 𝑟𝑔exp(∑𝑖=2

𝑛𝑔𝑣
 𝛼𝑖𝐶𝑖

𝛽𝑖 +
𝐸𝑎𝑔

𝑅
(

1

𝑇𝑟𝑒𝑓
−

1

𝑇
))  (1.3) 

All gel above this critical concentration is irreversibly retained and denoted adsorbed gel, Ag.  

In this case, the parameters are adjusted to a gelation system where units wt.% was used for gel, 

clay and polymer and mg/l for Ca concentration. In IORCoreSim, the wt.% unit is approximated 

with g/100 ml. Taking the adjustment into account in Eq. (1.2), gelation time is calculated as: 

 

𝑡 𝑔𝑒𝑙 =
𝐶
clay 

(1−𝛼clay )

𝑘(1−𝛼clay )
(1 − (1 −

𝐶𝑐𝑟

𝐶clay 
)
1−𝛼clay 

) (1.4) 

 

𝑘 = 𝑟𝑔exp[𝛼polymer 𝐶polymer 

𝛽polymer + 𝛼Ca 𝐶Ca
𝛽 Ca 

+ 𝛼clay 𝐶clay 
𝛽 clay 

+
𝐸𝑎

𝑅
(

1

𝑇ref 
−

1

𝑇
)] (1.5) 

k is reaction rate (Lohne, 2020). 
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Chapter 4 Result and Discussion 

This chapter presents the results acquired during the experiment and simulation. 

4.1 Experiments 

To properly monitor the gelation mechanism and describe the characteristics of the gels 

formed. A gel code based on a literature study (Skrettingland et al., 2014) is provided below in 

Figure 4.1 

 

 

Figure 4.1 Characterisation of gel code (Skrettingland et al., 2014) 

 

4.1.1 Characterisation of laponite gels in Deionized water  

Different types of behaviours were observed upon the preparation of gelant solutions with 

the selected types of clay and polymers at different concentrations. Table 4.1 presents the 

various laponite and clay gel combinations investigated and their respective concentrations. 

After the experiments, we observed visually all gelants and considering Figure 4.1, gel code 

was selected. Gel codes were obtained for the 1st, 3rd and 4th experiments after one day; gel 

code for the 2nd experiment was applied after two days.  
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Table 4.1 Investigation of Laponite-HPAM interactions in deionized water, heated at 50°C. 

 Clay Concentration 

(wt%) 

Polymer Concentration 

(wt%) 

Gel code 

1. Laponite RD  2 HPAM 0.3 4 

2. Laponite RD  1 HPAM 0.3 4 

3. Laponite RD  1 HPAM 0.03 3 

4. Laponite RD  

(Adijat 2019 ) 

1.5 HPAM 0.3 5 

 

4.2 Gelation time 

Gelation time for gels with various clay-polymer interactions was calculated considering 

input parameters of the gel model (Table 4.2) and gel components (Table 4.3). 

Tuning was carried out to relate existing parameters for gelation time calculation to 

experiments.   

 

   

Table 4.2 Gel Model 

Parameters and units  

Ea, kJ/mol  77 

T0, °C 323.15 

Ccritical, % 0.15 

Ea/R 9261.487 

Rg, 1/day 6.58E-03 
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Table 4.3 Gel components 

Name α β 

LP Clay 1.5 0 

HPAM 0.7 1 

 

With the help of equation 1.4 and 1.5, gelation time was calculated in Table 4.4. The 

reaction rate is calculated and inserted into the formula for finding gelation time. The effect of 

the calculated reaction rate can be seen below: 

  

Table 4.4 Gelation time 

Laponite 

clay, 

% 

Polymer, 

% 

Temp 

°C 
rg,1/day Ccritical, % k Gelation time, hours 

1 0.3 50 6.58E-03 0.3 8.12E-03 48.1 

1.5 0.3 50 6.58E-03 0.3 8.12E-03 23.7 

2 0.3 50 6.58E-03 0.3 8.12E-03 14.7 

1 0.03 50 6.58E-03 0.3 8.12E-03 10.3 

 

 

4.3 Simulations 

      There are overall 7 cases simulated to observe how the gelation effects change oil 

recovery in reservoirs. All those observations provide us with the answer to the questions: How 

would the gelation process in the reservoir positively impact oil recovery? 

       To present each data from the result of simulations will be as below: 

 Production rate versus pore volume. 

 Pressure drop versus pore volume. 

 Gel components concentration versus pore volume. 

 Oil recovery versus pore volume. 
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4.3.1 Base case  

We chose to inject fluid containing Laponite clay with 2 % and HPAM polymer 0.3% 

concentration at a 2 ml/h flow rate within 5 hours in the Base case. Gel components injection 

carried out at between 0.48 and 0.88 pore volume; then water injection started again from 0.88 

pore volume Figure 4.2. Therefore, the shut-in period was started to be processed in 0.88 pore 

volume, 24 hours.  

 

 

Figure 4.2 Production rates for the Base case 

 

From Figure 4.2, the effect of gelation can be observed at around 0.9 pore volume with raising 

in oil and decreasing in water production, respectively. Thus, injection of gel components is 

enough to create gel flooding in the reservoir where oil production can increase. 
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The proportion of gel components in production is observed as in Figure 4.3. Production 

of gel components are almost at the same initiation time of injection with a slight delay, but 

this time is enough to have gelation process in core Figure 4.3. 

 

 

Figure 4.3 Gel components versus pore volume in production 
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1. At the beginning of the shut-in period 

 

2. At the end of the shut-in period  

 

3. End of the production 

 

Figure 4.4 Cross-section from top: Gel in the core in different type steps 

The first picture in Figure 4.4 shows that gel creation commences during the shut-in 

period in a high permeable zone. As the middle section turns green, it can be said that the 

amount of gel is escalating significantly, and the maximum level of gelation is observed in 
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the third picture in Figure 4.4, which indicates the end of the production with an abundance 

of orange-red colours.  

 

1.  Pore volume: 0.48 (gel injection started) 

 

2. Pore volume: 0.88 (shut-in period started) 

 

3. End of the production 

 

Figure 4.5 Cross-section from top: Oil saturation for Base case 

 

The oil saturation decreases gradually, shown in Figure 4.5, pore volume 0.48, 0.88, and 

minimum at the end of the production in the whole zone.   
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1. Pore volume: 0.48 (gel injection started)  

 

2. After the shut-in period (shut-in period started) 

 

3. End of the production 

 

Figure 4.6 Cross-section from top: Water permeability reduction 

 

Water was injected into the core in the first 6 hours, where the pore volume range was 

0.0-0.48. The process was followed by 5 hours gel injection. At 0.88 pore volume well was 

shut-in, and 14 hours later, water permeability reduction was noticed, as shown in picture 2 in 
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Figure 4.6. Thus, at the end of the production, water permeability reduction was in its lowest 

number in the high permeable zone. 

 

4.3.2 Case: Without gel 

In this part, we assume that there are not gel components in injection fluid which 

simulation will give the production overview to compare with other experiments.  

Water was used as the only component in injection fluid which we can observe the 

production rates differences Figure 4.7. All parameters of injection fluid such as injection rate, 

start & end time of injection are the same as base gel case. Instead of gel components, only 

water was injected into the core.  

 

 

Figure 4.7 Production rates for Case: without gel 

 

In the no gel case, the rising of oil production decreases dramatically compared with the 

Base case. It can be happened because of water traps around oil in no gel case.  
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1. Pore volume: 0.48 (at the beginning of the production) 

 

2. Pore volume: 0.88 (shut-in period started)  

 

3. End of the production 

 

 

Figure 4.8 Cross-section from top: Oil saturation for Case: without gel 

Decrement of oil saturation in the Case: without gel was detected from earlier phase till the end 

of the production in all over the core, Figure 4.8. 
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Comparison between Base case and without gel case is shown in Figure 4.9. For 0.48 

pore volume, there was a slight difference in oil saturation between the Base case and Case: 

without gel, where oil saturation was lower in the Case: without gel. The same oil saturation 

reduction scenario was noticed at 0.88 pore volume. However, at the end of the production, it 

is obvious from the last pictures in Figure 4.9 the oil saturation in the Base case was 

moderately lower than the Case: without gel both in the high permeable and low permeable 

zone, which indicated the gelation effect.  

 

  

  

  

 

Figure 4.9 Cross-section from top: Oil saturation: Left side is Base case; Right side is Case: without gel  
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4.3.3 Effect of concentration 

The concentration of gel components has obvious in the gelation process, according to 

the literature study. Therefore, three cases were implemented to see how the effect of the 

concentration of gel components on the gelation process by simulations. 

 

4.3.3.1 Case 1 Laponite 1.5 % and HPAM 0.3% 

In Case 1, we chose to inject fluid containing  Laponite clay with 1.5 % and HPAM 

polymer 0.3% concentration at a 2 ml/h flow rate within 5 hours. First, gel components 

injection carried out at between 0.48 and 0.88 pore volume; then water injection started from 

0.88 pore volume in Figure 4.10. Finally, the shut-in period was started to be processed in the 

0.88 pore volume, 24 hours. As a result, we observed a straight increment in oil production for 

Case 1 comparing with a less straight (curved) increment for the Base case in Figure 4.10. 

 

 

Figure 4.10 Production rates for Case 1 

 

The amount of gel concentration in production is not comparable. Only a decrease in clay 

content is observed because of the low clay concentration of injected fluid compared with Base 

case Figure 4.11. 
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Figure 4.11 Gel components versus pore volume in production 

 

4.3.3.2 Case 2 Laponite 1.0 % and HPAM 0.3% 

In Case 2, we chose to inject fluid containing Laponite clay with 1.0 % and HPAM 

polymer 0.3% concentration at a 2 ml/h flow rate within 5 hours. Gel components injection 

carried out at between 0.48 and 0.88 pore volume; then water injection started from 0.88 pore 

volume Figure 4.12. The shut-in period was started to be processed in the 0.88 pore volume, 

24 hours. We observed straight increment then sharp decrement in oil production for Case 2 in 

Figure 4.12. The influence of clay on the gelation process is easily observed, which low clay 

content cause a little increment in oil production. The result of Case 2 can be considered as a 

resemblance of Case: without gel. 
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Figure 4.12 Production rate for Case 2 

 

 

The amount of gel concentration in production is not comparable. Only a decrease in clay 

content is observed because of the low clay concentration of injected fluid compared with base 

case and Case 1, Figure 4.13. 

 

 

Figure 4 13 Gel components versus pore volume in production 
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4.3.3.3 Case 3 Laponite 1.0 % and HPAM 0.03% 

In Case 3, we chose to inject fluid containing Laponite clay with 1.0 % and HPAM 

polymer 0.03% concentration at a 2 ml/h flow rate within 5 hours. Gel components injection 

carried out at between 0.48 and 0.88 pore volume; then water injection started again from 0.88 

pore volume in Figure 4.14. The shut-in period was started to be processed in the 0.88 pore 

volume, 24 hours. We observed a straight increment in oil production for Case 3 in Figure 4.14. 

The effect of clay in the gelation process in Case 3 is not observable, which the same tendency 

in oil production of the Base case can be seen in Case 3. 

 

 

Figure 4.14 Production rates for Case 3 

 

The amount of gel concentration in production is not comparable. Only an increase in clay 

content is observed because of the low clay concentration of injected fluid compared with the 

Base case (Figure 4.15). 
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Figure 4.15 Gel components versus pore volume in production 

 

 

Summing up the result above, the gel was formed in Case 1, Laponite clay 1.0% and HPAM 

0.03%. Therefore, decreasing the proportion of gel components can cause a negative effect on 

the forming of gel.  

 

4.3.4 Effect of shut-in period 

In this part, two simulations with 5 hours and 36 hours shut-in period were carried out to see 

the impact of the shut-in period on the gel-forming.  

 

4.3.4.1 Case 4 Shut-in 5 hours 

In Case 4, we chose to inject fluid containing Laponite clay with 2 % and HPAM polymer 

0.3% concentration at a 2 ml/h flow rate within 5 hours. As a result, gel components injection 

carried out at between 0.48 and 0.88 pore volume; then water injection started again from 0.88 

pore volume in Figure 4.16. Therefore, the shut-in period was started to be processed in the 

0.88 pore volume, 5 hours. 
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Figure 4.16 Production rates for Case 4 

 

 

From Figure 4.16, the effect of gelation can be observed at around 0.88 pore volume with 

raising in oil and decreasing in water production, respectively. Therefore, the injection time of 

gel components is not enough to create appropriate gel flooding in the reservoir due to a lower 

shut-in period than gelation time. 

 

Figure 4.17 Gel components versus pore volume in production 

 

The proportion of gel components in production is observed as in Figure 4.17. Production 

of gel components almost at the same initiation time of injection. We observed gel in 
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production flow after 0.89 pore volume because of 5 hours shut-in period. Gel production 

decreases dramatically after 0.9 pore volume, and we observe a stop in gel production at 1.4 

pore volume. It can be seen that the shut-in period should not be less than gelation time.  

 

4.3.4.2 Case 5 Shut-in 36 hours 

In Case 5, we chose to inject fluid containing Laponite clay with 2 % and HPAM polymer 

0.3% concentration at a 2 ml/h flow rate within 5 hours. As a result, gel components injection 

carried out at between 0.48 and 0.88 pore volume; then water injection started again from 0.88 

pore volume, Figure 4.18. Therefore, the shut-in period was started to be processed in the 0.88 

pore volume, 36 hours.  

 

 

Figure 4.18 Production rates for Case 5 

 

From Figure 4.18, gelation can be observed at around 0.9 pore volume with raising in oil 

and decreasing water production. We could not see any differences in production rate for the 

sake of the shut-in period. The results from Case 5 and Case 4 are the same as the Base case. 

Thus the effect of the shut-in period on oil gelation cannot be observed clearly by this 

simulation program. 

0

0.5

1

1.5

2

2.5

0.0 0.5 1.0 1.5 2.0 2.5

P
ro

d
u
ct

io
n
 r

at
e 

(m
l/

h
)

Pore volume

QT (ml/hr) Qw (ml/hr) Qo (ml/hr)

water injection gelant injection water injection

shut in



   47 

 

The proportion of gel components in production is observed as in Figure 4.19. Production 

of gel components started almost at the same initiation time of injection with a slight delay, but 

this time is enough to have the gelation process in the core. Gel production decreases slightly, 

and it stops at the end of the production. 

 

 

Figure 4.19 Gel components versus pore volume in production 

 

Taking gelation time into account, 5 hours shut-in time, which was smaller than gelation 

time, was not enough for gel-forming. Otherwise, we saw a positive effect on oil production as 

the shut-in period rose, such as Case 5.   

 

4.3.5 Recovery factor affected by gel treatment for 

each case 

Seven different oil recovery factors are obtained by simulation. However, simulating the 

Base case can be considered the best option as for oil recovery factor, 48% for 2.3 pore volume, 

Figure 4.21. Changing only the shut-in period can result in oil recovery: The increasing shut-

in period from 24 hours to 36 hours will not change the oil recovery trend; thus, oil recovery 

follows the same line in the Base case and Case 5. Shut-in periods for the Base case and Case 

5 are higher than the calculated gelation time. The gelation period is not enough with 5 hours 

shut in the period, so gelation is not observed for Case 4. Gelation time for Case 1 is 23.7 hours 
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which is not enough time to observe the effect of gel with 24 hours shut-in period. The same 

tendency is shown for Case 2 and Case 3, where the shut-in period is considerably lower than 

gelation time. Oil recovery line for Case: without gel overlaps Case 1, Case 2, and Case 3, 

Figure 4.21.  

 

 

Figure 4.20 Recovery factors for all cases in different pore volume Base case (clay 2% and polymer 0.3%) Case 1 (clay 

1.5% and polymer 0.3) Case 2 (clay 1% and polymer 0.3) Case 3 (clay 1% and polymer 0.03) Case 4 decreased shut in time 

to 5hours Case 5 increased shut in time to 36hours 

 

Figure 4.21 shows that the relation between pressure drop and gelation process is 

proportional. Higher pressure drop can be seen with gelation, Case 5. The pressure drop for the 

Base case is slightly lower than Case 5 because the shut-in period for Case 5 is more than the 

Base case. It is also possible to see the effect of the gelation period of Case 1, 23.7 hours 

gelation time. The gelation time of Case 1 is almost the same as the shut-in period, so that 

gelation can be observed here. Case: without gel, Case 2, Case 3 and Case 4 shows the same 

scenario for pressure drop.  
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Figure 4.21 Pressure drop for all cases Base case (clay 2% and polymer 0.3%) Case 1 (clay 1.5% and polymer 0.3) Case 2 

(clay 1% and polymer 0.3) Case 3 (clay 1% and polymer 0.03) Case 4 decreased shut in time to 5hours Case 5 increased 

shut in time to 36hours 

 

4.4 Gel in the core  

Figure 4.22 demonstrates various gel forming in the core for 7 cases. The amount of gel 

for Case 5 is higher than all the cases, which shows that 36 hours shut-in period is an 

appropriate time for seeing the effect of gelation in Figure 4.22 (d). Comparing Base case and 

Case 1, the amount of gel for the Base case is more than Case 1 due to the concentration change 

in clay component in Figure 4.22 (a), (b).  

As for the other cases in Figure 4.22 (c), the amount of gel is not noticed in the core because 

of how much gel component injected the same amount are produced. It means the shut-in period 

is not enough to see gelation in the core.  
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Figure 4.22 Cross-section from top: A- Base Case B- Case 1 C- Case: No gel D- Case 5 at the end of the production 

 

 

4.5 Discussion 

According to the literature (Adijat, 2019), Laponite-PEG, Laponite-Gellun gum, and 

Laponite-HPAM interactions were analysed. Laponite-HPAM interaction was selected as the 

strongest gel components to form a gel. Results from the simulation were appropriate to the 

literature; it represented the effectiveness of Laponite-HPAM interaction and proportional 

relation between gel strength and concentration of Laponite clay. Because of the applicability 

of simulation and the limited period, it was not possible to simulate various polymers such as 

PEG and Gellun gum. In the laboratory condition, a gel retarder was used in some cases 

where its effects could be observed on gel treatment, but a retarder was not considered in the 

simulation.   

The results reported in this thesis are not without limitations. In this thesis, reservoir 

conditions are relevant for well that have been cooldown due to long time sea water injection 

because gelant injections were carried out at room temperature. In contrast, gel activation was 

carried out in the oven at 50ºC, representing further into the reservoir. The simulation doesn’t 

show the proper effect of gelation as small changes in clay concentration.  
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4.6 Further work 

The work done in this thesis has examined gels prepared with Laponite clay and HPAM 

polymer. However, in-depth studies should be done to qualify the system properly. The following 

recommendations for future work can improve our knowledge and effectively the quality of gels. 

 Further experiment and simulation should be done to examine the effect of 

Laponite-HPAM interactions with different concentrations. 

 It should also be investigated how the ionic composition of the brine will affect 

Laponite-HPAM gel formation.  

 Further tests should be conducted to verify the stability of these gels over more 

extended periods at various temperatures and their resistance to syneresis to establish 

their potential for use in reservoirs with higher temperatures. 

 Nanocomposite gels could be evaluated in core plugs with various fracture patterns 

and sizes to determine their application range. 

 Other polymers, such as PEG and Gellun gum, may have potential use together 

with Laponite. Relevant input values for these polymers should be generated in 

experiments before gelation experiments can be modelled and the potential for 

using Laponite together with these polymers can be determined. 
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Chapter 5 Conclusions 

This thesis investigated the gelation effect in core plug by IORCoreSim simulation 

software. Several cases were simulated, and results from those simulations were described. 

Furthermore, the theoretical background of the gelation process, existing experimental 

researchers, were indicated in detail as the gel component clay and polymer were used with 

different concentration for each case.  

Following are conclusions that can be obtained out of this study:  

1. Three experiments were carried out in the laboratory. Gel code 4 (Deformable upper 

part with high flow resistance) was observed in the systems of 2% Laponite and 0.3% 

HPAM, and 1.0% Laponite with 0.3% HPAM. Gel code 3 (Highly viscous and 

deformable flowing fluid) was observed in the system of 1.0% Laponite with 0.03% 

HPAM. It was concluded that the system with 2.0% Laponite and 0.3% HPAM 

interaction was the most promising option to form a gel. The gelation time is too long 

for low Laponite clay and low HPAM concentrations. 

2. Parameters for the calculation of gel time for Laponite/HPAM systems can be tuned 

against the experimental results and then used as input in the simulations.  

3. IORCoreSim can be used for simulation of placement of Laponite/HPAM gels in 

fractured core plug experiments.  

4. The simulator has been used to study gel placement in fractured core plug using various 

concentration and shut-in times.  

5. Simulations are clearly showing that the shut-in time should be longer than the gelation 

time .  

6. IORCoresim simulation is appropriate to observe the effects of Laponite/HPAM 

interactions with different gel component concentrations and conditions for the sake of 

gel-forming. 
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